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Preface 

This expert report on "Self-sealing of faults and fractures: evidence from the petroleum 
industry" was elaborated by a team of distinguished experts from oil&gas industry, 
consisting of Prof. Quentin Fisher (CiPEG, Leeds), Dr. Frans Kets (formerly Shell 
Research/Rijswijk, now CiPEG/Leeds) and Dr. Anthony Crook (Rockfield Software 
Ltd./Swansea). The study reviews information collected by the petroleum industry that 
can be used to elucidate how faults and fractures in shale-rich sequences affect fluid 
flow over geological times. The collected information includes empirical evidence from 
reservoir exploration, detailed case studies, conceptual frameworks and examples of 
model applications on fault sealing. It is worth mentioning that the terminology in 
petroleum industry may differ from the definitions and notions which are used in the 
field of radioactive waste disposal. Moreover, the considered phenomena and 
processes cannot be transferred absolutely from reservoir applications to the 
conditions which are met in the vicinity of a geological repository for radioactive waste. 
It will be the aim of complementary in-depth studies to explore the value of the 
available experience from reservoir engineering towards the needs of radioactive waste 
disposal.  

This report was thoroughly reviewed by Prof. Martin Mazurek (University of Berne), Dr. 
Silvio Giger (Nagra) and Mr. Bill Lanyon (Fracture Systems Ltd./St. Yves). Their 
valuable comments are highly appreciated. 
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Self-sealing of fractures: evidence from the petroleum industry: Key Points 
• The following report reviews information collected by the petroleum industry that 

provides evidence of how faults and fractures in argillaceous sequences affect 
fluid flow over geological time. Particular attention is placed on understanding the 
controls on the self-sealing of fractures. The term fracture is used here and 
throughout this report to mean a dilatant localization that has no shear offset. The 
term fault is used to mean a localization that has a shear offset and may be either 
dilatant or compactional.

• The review concentrates on: (i) identifying controls on fault-related fluid flow in
petroleum reservoirs; (ii) assessing if, when, and where, faults in shale-rich
caprocks have allowed extensive petroleum leakage; (iii) reviewing the situations
when and where faulted shale-rich sequences have retained overpressures; and
(iv) assessing the conditions for the closure of hydraulic fractures in shale gas
reservoirs. The review contains a very extensive bibliography, which will form a
solid basis for further work in these areas.

• Much evidence derived from the petroleum industry is based on the
interpretation of subsurface data from complex systems and has non-unique
interpretations. The report highlights many examples where initial interpretations,
even of very extensive data sets, seem unlikely following further investigation.

• Juxtaposition of reservoir against low permeability rocks, such as shales and
evaporites, is the most common mechanism by which faults act as seals to
petroleum. There is considerable uncertainty in the ability of fault rocks/gouge to
act as cross-fault seals to petroleum over geological time-scales, and it seems
highly unlikely they can act as significant barriers to single-phase cross-fault flow.
In other words, fault rocks in mixed shale-sandstone or mixed shale-carbonate
sequences are not reliable barriers to cross-fault fluid flow over geological time.

• Highly faulted shale-rich sequences may seal large petroleum columns and 
prevent the dissipation of overpressures suggesting that in many situations 
self-sealing is highly efficient. Faulted argillaceous sequences act as effective seals 
due to the low permeability and high capillary entry pressure of both the 
undeformed sediment and the fault rocks that it contains.

• Some highly faulted shale-rich sequences have allowed extensive leakage of
petroleum and do not act as seals to overpressured fluids.

• Overall, faults in shale-rich sequences that are highly brittle, severely uplifted or
have experienced considerable extension (e.g. over salt diapirs or in rapidly
spreading basins) are most likely to allow extensive fluid flow.

• Faults in more ductile agillacous sequences that have not experienced significant
uplift appear to have the greatest ability to self seal particularly if they are in
sedimentary sequences dominated by hydrostatically pressured pore fluids.

• Deformation-related leakage of both petroleum and brine through shale-rich
sequences can occur by a variety of mechanisms on a variety of scales. There is
significant evidence that leakage occurs when pore fluid pressures exceed some
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critical value, which is often interpreted to be the fracture pressure or minimum 
horizontal stress. Leakage in these circumstances occurs by a variety of processes 
from flow along small scale fractures to the formation of sand injection structures 
and mud volcanoes. The sediment injection features appear to be particularly 
common when very poorly consolidated sediments exist below shales. 

• Faults and fractures whose dilatancy depends on the presence of over-
pressures are particularly vulnerable to self-sealing once pore pressures are 
reduced. Fluid flow by this mechanism may also be episodic in nature.

• Faults and fractures may develop in brittle shales that allow leakage of 
overpressures and petroleum but their dilatancy is not critically dependent 
upon the magnitude of the fluid pressure. These are less susceptible to self-
sealing by mechanical processes and could potentially provide long-term 
fluid flow pathways. The geological and engineering community still appears to 
lack robust criteria to predict the stress conditions required to close fractures 
in shale-rich sequences. It is possible that such criteria could be developed by 
more detailed examination of the mechanical properties of the shale-rich 
sequences described in this report.

• Low permeability shales are now a major source of gas for the domestic USA
market. Commercial production rates from these plays are only obtained by
hydraulic fracture stimulation.

• In most cases, commercial gas production rates are only maintained if the
fractures are kept open by the injection of proppant. This suggests that fractures
in these reservoirs rapidly self seal to reduce production rates below economic
levels. Although, it is possible that the fractures may sometimes remain partly
open but this has not been measured.

• The mineralogy and rheology of typical gas shale reservoirs differ significantly
from that of the Opalinus Clay and Boom Clay. Indeed, many geologists working in
Europe would probably not classify the US “shale gas resource plays” as shale. In
particular, productive gas shale reservoirs generally have a low clay content
(<30%) and high quartz or carbonate contents compared to the Opalinus Clay and
Boom Clay. Also the shale gas plays tend to be stiffer than the Opalinus Clay and
Boom Clay.

• The shale gas plays are therefore not directly analogous to the Opalinus Clay and 
Boom Clay. However, shale gas plays appear to be more brittle than the Opalinus 
Clay and Boom Clay. This suggests that self-sealing of fractures within the Opalinus 
Clay and Boom Clay would be even more efficient than in the shale gas plays.

• Petroleum extraction has occassionally resulted in the formation of faults and/or
fractures, which have allowed the leakage of oil through shale-rich caprocks.
Leakage appears to have rapidly stopped (i.e. within days) once pressures in the
reservoir were reduced allowing the faults/fractures to reseal.

• An attempt has been made to make a comparison of the geomechanical
properties (particularly the brittleness) of the caprocks, shale gas reservoirs and
clay-rich sediments around potential radioactive waste disposal sites. The top
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seals to petroleum reservoirs that are "fill to spill" and clay-rich sediments around 
potential radioactive waste disposal sites appear to have lower overconsolidation 
ratios (OCR, 1-2.5) than the shale gas reservoirs (2-5.5). However, there is 
evidence that shallowly buried top seals that have not been embrittled by late 
stage diagenetic process (i.e. diagenetic processes that occur during deep burial) 
can remain good seals despite having OCR’s >2.5. Brittleness indices based on a 
combination of Young’s modulus and Poisson’s ratio suggest that the clay-rich 
sediments around potential radioactive waste disposal sites are generally less 
brittle than many of the top seal samples and shale gas reservoirs. Although, this 
should be viewed with caution as these indices do not take into account the 
impact of effective stress on brittleness. 

• The findings presented in this report tend to be derived from sedimentary 
sequences that have experienced far more extensive burial and higher 
temperatures than the sedimentary sequences being considered as potential sites 
for radioactive waste disposal. Many of the findings of the report can, however, 
be used to estimate the likely self-sealing behaviour of faults and fractures in the 
sites being considered for radioactive waste repositories.
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1 Introduction 
The safety case for radioactive waste disposal in deep geological formations requires “a set 

of arguments and analyses [that can be] used to justify the conclusion that a specific repository 
system will be safe. It includes, in particular, presentation of evidence that all relevant regulatory 
safety criteria can be met” (Nagra, 2002). It is particularly important to provide robust estimates of 
the rates that fluids are likely to be transmitted in and around the disposal site on a medium to long 
term (i.e. 100s to 1'000,000 years). Estimates can be obtained from numerical models that are 
populated with properties (e.g. flow properties, mechanical properties, reaction rates etc.) derived 
from laboratory experiments. A potential problem with such an approach is that experiments are 
conducted on a comparatively short time-scale (i.e. less than a week to a few tens of years) and 
therefore the results need to be extrapolated far into the future. Confidence in this approach can, 
however, be increased if it is supported by evidence of the rates that fluid has flowed through 
similar geological formations in the geological past.  

Water saturated clay-rich sedimentary rocks, such as the Opalinus Clay, represent a very 
attractive media in which to build long-term radioactive waste disposal sites. Indeed, a thorough 
experimental and modelling study has already suggested that such rocks have extremely low 
permeability and that any faults or fractures developed within the Opalinus Clay would probably seal 
very rapidly (Bock et al., 2010). The following report aims to collect evidence from the petroleum 
industry on the way in which faults and fractures developed within clay-rich sedimentary rocks have 
affected fluid flow on both geological and production time-scales; particular attention is paid 
gathering evidence related to the ability of faults and fractures to reseal. The study is highly 
complementary to previous studies (e.g. Bock et al., 2010) in that it considers a wider range of clay-
rich sediments in terms of age, composition, burial and tectonic history and consolidation state. The 
study also generates evidence on how clay-rich sediments have affected fluid flow over geological 
times-scales (i.e. >1 million years).  

The report is divided into the following sections: 

• Section 2 discusses some basic concepts that the reader should consider when comparing fluid
flow around petroleum reservoirs and radioactive waste disposal sites.

• Section 3 describes the type of faults and fractures developed within petroleum reservoirs and
how they impact fluid flow.

• Section 4 discusses the sealing capacity of caprocks to petroleum reservoirs with particular
attention on the generation of evidence regarding how faults and fractures have affected the
retention of petroleum within traps.

• Section 5 discusses the retention of overpressures within petroleum systems. Again particular
attention is given to collating evidence regarding how faults and fractures have affected the
retention or dissipation of overpressures.

• Section 6 gathers evidence from shale gas plays regarding how faults and fractures have healed
on both geological and production time-scales.

• Section 7 attempts to integrate the previous chapters to provide some conclusions regarding 
what studies of fluid flow in petroleum-rich basins can reveal about self-sealing of faults and 
fractures around radioactive waste repositories in shale-rich sequences.

• Section 8 provides the comprehensive list of references used in cited in this report.

We have attempted to take an evidence-based approach while writing this report. In other 
words, where ever possible we provide specific examples gathered by the petroleum industry to 
support theoretical, numerical modelling or experimental studies. It should, however, be 
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emphasised that many of the observations made by the petroleum industry have non-unique 
interpretations because the subsurface tends to be under sampled at the required resolution.  

The term fracture is used here and throughout this report to describe a dilatant localization with no 
shear offset. The term fault is used to describe a localization that has a shear offset and may be 
either dilatant or compactional. Comparisons are made throughout this report between the 
properties of fine-grained rocks in petroleum systems with stratagraphic equivalents of argilaceous 
sediments that are present at sites being considered for radioactive waste disposal. It should be 
made clear that the report includes measurements from argillaceous sediments whose names have 
been associated with potential radioactive waste disposal sites that were taken from areas that are 
not being considered for radioactive waste disposal. For example, measurements from Opalinus Clay 
samples obtained from the Mont Terri site are referred to throughout this report but this is a highly 
tectonized area that is simply being used as a test site and is not considered a candidate for 
radioactive waste disposal. On the other hand, measurements from Opalinus Clay samples obtained 
from the Benken area in Western Switzerland are more direct analogues for the host rocks at sites 
being considered for radioactive waste disposal. 
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2 Basic concepts relevant to comparing fluid flow around 
petroleum reservoirs and radioactive waste disposal sites 

Key Points 
• Fluid flow in porous media saturated by a single phase is usually calculated using 

Darcy’s Law. 

• For a non-wetting phase to begin to displace a wetting phase it needs to exceed 
the capillary entry pressure of the porous media, which is inversely related to the 
pore throat size.  

• Rocks with small pore throat sizes can therefore in theory act as absolute barriers 
to fluid flow independent of their thickness. However, the thickness of a seal is an 
important control in the ability of a discontinuity to act as a barrier to fluid flow. 

• Fluid flow of both wetting and non-wetting phases is controlled by the relative 
permeability and capillary pressure characteristics of the media once the capillary 
entry pressure of the porous media is exceeded. 

• The relative permeability characteristics of low permeability porous media are 
poorly understood with only scant experimental data available. 

• It has been suggested that a ‘permeability jail’ may exist in low permeability media 
in which both wetting and non-wetting phases have such limited mobility over a 
certain saturation range that they may be classified as immobile. 

• Overpressures in the aqueous phase may leak by vertical, horizontal or lateral fluid 
flow. The strong buoyancy force generated by petroleum means that petroleum 
reservoirs with structural closures are more likely to leak by vertical migration. 

• The subsurface around petroleum reservoirs is often sampled extensively at a 
large scale by seismic surveys but these do not capture heterogeneity that occurs 
at the fine to medium scale (i.e. <10m). Wellbores are able to sample at a fine-
scale but tend to only sample a very small proportion of the subsurface. 
Production data can provide information on the flow properties of the subsurface 
at a large scale but interpretations of the data are non-unique and the time-scale 
of observations is relatively small (<30 years).  

• Observations on the distribution of petroleum and overpressure provide valuable 
information on the controls of fluid flow on a geological time-scale (>1 Ma) but 
often interpretations of such data are non-unique.  

• There is a significant inconsistency regarding the terms used to classify fine-
grained sediments both within this report and in the literature. Claystone can be 
defined as a sediment containing <10% sand grains and a ratio of silt to clay of 
<1:2. Mudstone would can be defined as <10% sand grains and a ratio of silt to 
clay of between 1:2 and 2:1. Shale is then defined as mudstone or claystone that 
has fissility. However, this classification is not generally adhered to in the 
literature. Claystone and mudstone are often used interchangeably and shale is 
often used to describe a very fine-grained unconventional gas reservoir that is not 
a coal bed or a tight sandstone. 
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• Data on the mechanical properties of clay-rich rocks within petroleum-bearing 
sequences is of variable quality because it is often estimated from proxies such as 
sonic velocity or porosity data. Even when actual laboratory measurements are 
available it is uncertain to what extent they offer a true reflection of in situ 
properties due to the amount of damage that occurs during sampling. 
Comparisons between different data sets should therefore be treated with 
caution.  

2.1 Introduction 
Before embarking on a discussion of the impact of faults and fractures on fluid flow in 

petroleum-bearing sedimentary sequences, it is important to highlight some caveats regarding the 
comparison of fluid flow in petroleum-bearing sequences and the strata at sites being considered of 
radioactive waste disposal. A particularly important difference is that petroleum reservoirs contain 
two or more immiscible fluids whereas the sediments around potential radioactive waste disposal 
sites will often be saturated only by water; the consequences of this are discussed in Section 2.2 
(single vs. multiphase flow in porous media), Section 2.3 (flow vectors of brine and petroleum) and 
Section 2.4 (seal thickness). Another key issue that needs to be addressed for those not familiar with 
the petroleum industry is sampling and uniqueness of interpretations; this is discussed in Section 
2.5. The terminology used to describe fine-grained sedimentary rocks is somewhat confusing so we 
have provided a brief discussion of this aspect in Section 2.6. Finally, the quality of mechanical 
property data used in this review is discussed in Section 2.7. 

2.2 Single vs. multiphase flow 
Comprehensive discussions of multiphase flow in porous media can be found in texts such as 

Marie (1981), Dullien (1992), Pinder and Gray (2008). Here we highlight some of the important 
issues that are relevant to the later discussion. The flow of a single phase fluid in a porous media is 
generally calculated using Darcy’s Law: 

𝑄 = −𝑘𝐴
𝜇 

𝑑𝑃
𝑑𝐿

  (2-1) 

where: Q is the volumetric flow rate (cm3/s), A is the flow area perpendicular to flow (cm2), k is the 
permeability (Darcy), μ is the fluid viscosity (Pa.s), dL is the flow path length (cm) and dP is the 
pressure difference across rock sample (atm.). The "-" sign indicates that flow direction is from high 
pressure to low pressure. 

If two or more immiscible fluids are present within a porous media, capillary pressures also 
have an important impact on fluid flow. In particular, for a non-wetting phase to pass through a pore 
throat its phase pressure needs to be higher than the phase pressure of the wetting fluid by an 
amount known as the capillary entry pressure. The capillary entry pressure, Pc, can be estimated 
from the pore size of the rock and the interfacial tension of the brine-petroleum system using 
Washburn’s (1921) equation: 

𝑃𝑐 = 2𝜎 𝑐𝑜𝑠 𝜃
𝑟

 (2-1) 

where: Pc is in dynes/cm2; σ  is the interfacial tension (dynes/cm) between hydrocarbon and water; 
θ is the contact between the fluids and rock surface, and r is pore throat radius (μm). A rock usually 
consists of a range of pore throat sizes and the minimum pressure that is necessary for a non-
wetting fluid to completely pass through its pore system is controlled by the minimum pore throat 
radius along the path joining the largest connected pore throats; this pressure is often referred to as 
the threshold pressure, Pth (Katz and Thompson, 1986, 1987).  
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The contact angle is a measure of wettability and equals 0° for a strongly water-wet rock 
(Berg, 1975). A strongly oil-wet rock will have a contact angle of 180°. Intermediate wetting 
conditions have contact angles of between 0° and 180°. It has generally been assumed that shales 
are water wet in which case the petroleum-brine-rock system would have a contact angle of 0°. 
More recently, however, several authors have questioned the assumption that shales are necessarily 
water-wet and have suggested that instead they may have mixed or fractional wettability or could 
even be oil-wet (e.g. Aplin and Larter, 2005; Hermanrud et al., 2005; Teige et al., 2005; Borysenko et 
al., 2009). If true, oil would not have to overcome the threshold pressure and instead the rate of 
leakage would occur by buoyancy driven Darcy flow. In this case, the rate of leakage would be 
controlled by parameters such as shale thickness, absolute permeability, relative permeability, 
hydraulic gradient etc. 

Interfacial tension tends to vary from 5 to 35 dynes/cm for the oil-water system and 
between 20 and 70 dynes/cm for the gas-water system. The interfacial tension of both oil and water 
decrease with increased temperature. The interfacial tension of gas is also very dependent upon 
pressure. For example, Hough et al. (1951) showed that at 100 oF and 0 psi, the interfacial tension 
for the gas-water system is 70 dynes/cm, whereas at 4000 psi (27.6 MPa) the value faults to 30 
dynes/cm.  

Phase pressure differentials between wetting and non-wetting phases may be generated 
due to buoyancy effects. These arise because petroleum is less dense than brine. The pressure 
differential due to buoyancy forces, Pb, exerted by a petroleum column can be related to the density 
of the petroleum, ρh, and the aqueous phase ρw, the vertical height of the petroleum column, H, and 
the acceleration due to gravity, g, by the following equation: 

𝑃𝑏 = 𝑔𝐻(𝜌𝑤 − 𝜌ℎ)  (2-3) 

or in terms of field units: 

𝑃𝑏 = 0.433𝐻(𝜌𝑤 − 𝜌ℎ) (2-2) 

where 0.433 is a conversion constant, which takes into account the effect of gravity, densities 
measured in g/cm3, and H measured in feet (Schowalter, 1979; Watts, 1987).  

In a water-wet reservoir, petroleum can only move if Pb exceeds Pth. The maximum column 
of petroleum that can accumulate under a seal supported by combining equations 2.2 and 2.4 in the 
limiting situation for which Pb = Pth. Thus, 

)(443.0 hw

c
cp

PH
ρρ −

=  (2-3) 

Once the threshold pressure of a porous media has been exceeded, the rate the fluids move 
through the rock is often calculated based on an adaptation of Darcy’s Law: 

𝑄𝑤 = −𝑘𝑘𝑟𝑤𝐴
𝜇 

𝑑𝑃
𝑑𝐿

 (2-4) 

𝑄𝑛𝑤 = −𝑘𝑘𝑟𝑛𝑤𝐴
𝜇 

𝑑𝑃
𝑑𝐿

 (2-5) 

where Qw and Qnw are the flow rates for the wetting (w) and non-wetting (nw) phases, and krw and 
krnw are the relative permeability (phase permeability divided by absolute permeability) of the 
wetting phase and non-wetting phase respectively. Two-phase relative permeability data is usually 
plotted versus water saturation (Figure 2.1). It can be seen from Figure 2.1 that at some saturation 
each phase reaches a point where it becomes immobile. The point where water can no longer flow is 
called the ‘irreducible water saturation’, Swi. Similarly, the point at which the oil ceases to flow is 
referred to as the ‘residual oil saturation’, Sor. Relative permeability is measured as a function of 
water saturation in laboratory experiments. Such experiments are generally difficult to conduct and 
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interpret even in high permeability rocks. Measurements in low permeability rocks are far more 
difficult and only a few laboratories have attempted such measurements. 

 

Figure 2.1 Typical relative permeability curve for a high permeability rock (from Shanley et al., 
2004) 

The relative permeability behaviour of low permeability material may differ significantly to 
that of higher permeability media. In particular, Shanley et al. (2004) used the term ‘permeability 
jail’ to describe a saturation range within low permeability rocks in which their relative permeability 
to both the wetting and non-wetting phase is essential zero (Figure 2.2). This contrasts with results 
from higher permeability rocks in which the relative permeability of one of the phases is always 
significant (e.g. Figure 2.1). The significance of the “permeability jail” is that rocks with even 
moderately low permeabilities (i.e. 1 mD) may act as efficient barriers to fluid flow if they have 
appropriate fluid saturations. Indeed, as discussed in Section 5, this concept has been used to 
explain the retention of long-term (>100 Ma) overpressures in ancient sedimentary basins (e.g. 
Deming et al., 2002). 
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Figure 2.2 Relative permeability curves for a low permeability rock (from Shanley et al., 2004) 

2.3 Flow vectors (buoyancy vs. pressure gradient driven flow) 
In addition to multiphase flow properties, an important consideration when discussing petroleum-
bearing rocks relates to the driving forces for fluid movement and their resulting flow vectors. 
Single-phase (i.e. brine) flow tends to occur by Darcy flow as a result of differences in water fluid 
potential, φw, defined as: 

𝜑𝑤 =  𝑃 − 𝜌𝑤𝑔𝑧  (2-8) 

where P is the fluid pressure and z is the depth. In other words, φw is the fluid overpressure. On the 
other hand, petroleum flow is driven by differences in pressure gradient, buoyancy and capillary 
pressure. For example, England et al. (1987) define the petroleum fluid flow potential, φp, as: 

𝜑𝑝 =  𝜑𝑤 + �𝜌𝑤 − 𝜌𝑝�𝑔ℎ + 𝑃𝑐  (2-9) 

where Pc is the capillary pressure. The significance of this difference is that water flows from high to 
low pressure and the flow vector can have any orientation (i.e. fluid can flow upwards, downwards 
or laterally. The buoyancy term in the petroleum fluid potential means that petroleum flow is often 
upwards and can only be downwards when the water fluid potential or capillary pressure terms are 
high. The latter may occur when water imbibes into a source rock and petroleum is expelled 
downwards into a bed with a lower capillary entry pressure. Consequently, overpressure may leak 
by lateral or downward drainage whereas petroleum reservoirs with structural closures are more 
likely to drain by vertical migration. 
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2.4 Importance of seal thickness 
In the discussion on capillary pressure it was suggested that for a non-wetting phase to enter 

a pore space it needs to have a phase pressure that is higher than that of the wetting phase by an 
amount that is inversely proportional to the pore throat radius. An implication of this statement is 
that extremely thin layers can theoretically act as absolute barriers to the flow of a non-wetting 
fluid. This is consistent with the observation of Ziegler (1992) that the highest buoyancy pressures 
generated by petroleum columns in California and the Rocky Mountain area of Colorado-Montana 
are retained by shale seals that are only 15 to 30 m thick. 

In a single phase system, the thickness of the low permeability unit has a considerable 
impact on its ability to restrict fluid flow. For example, Muggeridge et al. (2005) showed that the 
time taken for a pressure to equilibrate between two pressure compartments was linearly related to 
the thickness of the barrier. This has particularly important implications for the ability of faults 
within petroleum reservoirs to act as barriers to fluid flow over geological time (see Chapter 3). For 
example, numerical modelling of single-phase fluid flow across typical sub-seismic fault arrays 
suggests that permeability contrasts (i.e. host/fault permeability) of > 10000 are needed to 
significantly retard fluid flow at the km-scale (Walsh et al., 1998).  

2.5 Non-uniqueness 
The petroleum industry tends to gather data at a huge range of scales including: satellite 

mapping of structure and petroleum seepages at the continent scale; through seismic mapping of 
structure at the basin to field scale, down to wire line log and core analysis at the m to <μm scale. 
These methods all have different resolutions and sample differing volumes. For example, 3D field 
seismic datasets over massive areas (100 km x 100 km) only have a resolution in the order of a few 
10s of meters. On the other hand, analysis of core samples can be performed at a submicron scale 
resolution, but only samples an extremely small proportion of the subsurface. The petroleum 
industry is therefore forced to make interpretations based on very sparse data coverage. A key 
consequence, which is a reoccurring theme throughout this report, is that observations can 
frequently be explained by several models (i.e. interpretations are non-unique). This situation is 
eloquently described by Dake (2001):  

“Reservoir engineering is a complex subject for two reasons. In the first place, we never see 
enough of the reservoir we are trying to describe. Therefore, it is difficult to define the physics of the 
system and, therefore, select the correct mathematics to describe the physics with any degree of 
certainty. The second problem is that even having selected a sensible mathematical model there are 
never enough equations to solve the number of unknowns”. 

Great care must therefore be taken when drawing conclusions from individual case studies 
no matter how confidently the argument is presented. A particularly good example, which is 
described in more detail in Section 4, is that of fault-related fluid flow in the South Eugene Island 
Block 330 field. Numerous authors have written highly convincing articles describing how the main 
fault within the field has been a significant conduit for oil migration on both geological and 
production time-scales. However, close scrutiny of the evidence suggests that other interpretations 
are possible and that fluid migration along the fault might not be anywhere as volumetrically 
important as many have implied.  

To avoid getting overly influenced by arguments based on interpretations from individual 
case studies that are inevitably non-unique, the report attempts to combine evidence from detailed 
case studies with more general observations from petroleum-bearing sequences with a wide range 
of geographical positions, geological ages, burial histories and tectonic environments.  
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2.6 Classification of fine-grained rocks 
There is still no universally accepted classification of fine grained rocks so it is necessary to 

briefly discuss the terminology used in the current report. In particular, terms such as caprock, shale, 
mudrock and claystone need defining to make the text within the report easier to understand.  

Caprock is used to describe the lithology that overlies and seals a petroleum reservoir. The most 
common types of caprock are evaporites and fine-grained clay-rich sedimentary rocks such as shale, 
claystone and mudstone. A popular classification of fine-grained sediments is based on their grain-
size distribution. In particular, a classification has been developed based on the proportion of clay, 
silts and sand present (Figure 2.3). These three constituents have their own definition (Table 2.1 ). 
Sand is defined as having a grain-size of >1/16th of a mm; silt has a grain size of <1/16th to >1/256th of 
a mm and clay has a grain size of <1/256th of a mm. It is important to distinguish between a clay and 
a clay mineral. Clay is simply used to identify any particle with a grain size of <1/256th of a mm. On 
the other hand, a clay mineral is defined as a hydrous phyllosilicates that can contain various 
amounts of other cations such as iron, magnesium, potassium and calcium. The classification shown 
in Figure 2.3, then classifies a claystone has having <10% sand grains but a ratio of clay to silt of 
greater than 2 to 1. On the other hand, a mudrock is classified as containing <10% sand grains and a 
clay to silt ratio of between 1:2 and 2:1. Siltstones having <10% sand but a clay to silt ratio of <1:2. 
The term shale is usually given to a claystone or mudrock that has a fissility (i.e. can be easily split 
along laminations). Although this classification scheme is sensible it is not strictly adhered to either 
within this report or in the literature. The two most widespread departures from these definitions 
regard the terms claystone, mudstone and shale.  

• Claystone and mudstone are used interchangeably in the literature to refer to fine grained 
sedimentary rocks that are dominated by clay-sized grains but do not have a fissility.  

• Shale is a term that is now widely applied to unconventional reservoirs that are extremely 
fine grained. In reality, these reservoirs are composed of a range of lithologies including 
siltstones and marls; they often don’t have a fissility.  

So overall, whenever the term shale, mudrock or claystone is used the reader of both this 
document or other published work should not presume that they are used in the strict sense in 
terms of their grain size and the presence or absence of a fissility. 
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Figure 2.3 A classification of siliciclastic sediments composed of grains with a sand size or 
smaller (from Alden, 2009) 

 

Table 2.1 The Wentworth classification of grain-size 
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2.7 Data quality 
A key aim of this report is to collect evidence of fluid flow through clay-rich sequences 

investigated by the petroleum industry that could be relevant to disposal of radioactive waste. To 
aid comparison of the sites investigated by the petroleum industry with those being considered for 
radioactive waste disposal we have tried where possible to collect data on the composition, 
geomechanical properties and burial/temperature history of the examples presented. It is, however, 
important to stress that the quality of data obtained from different sources varies considerably. Here 
a brief attempt is made to highlight some of the key issues regarding data quality that should be 
kept in mind when attempting to compare the properties of rocks around petroleum reservoirs with 
those around potential radioactive waste dispose sites. Overall, two issues seem particularly 
relevant. First, the quantity and quality of mechanical tests may vary significantly. Secondly, the 
petroleum industry usually does not take core from clay-rich sequences such as top seals and 
therefore we need to rely on proxies for estimating mechanical properties such as sonic data 
obtained during wireline logging. Each of these issues is discussed separately below. 

2.7.1 Quality of mechanical property data 
Despite the fact that both rock and soil testing are well established and rigorous sciences with well 
established standard laboratory procedures there are still several key issues, which can make 
comparisons of data from experiments difficult. An important problem, particularly regarding 
datasets published by the petroleum industry, is that there is often a distinct lack of rigor in 
explaining how particular tests have been conducted and how the results have been interpreted. For 
example: 

• It is often not stated whether tests were done on dry or brine saturated samples. 
• It is rarely stated whether a particular mechanical property was measured under drained or 

undrained conditions. 
• Elastic properties are sometimes presented without stating whether they were obtained 

using an actual mechanical test (i.e. static) or were calculated from ultrasonic velocity data 
(dynamic). 

• Rocks are often anisotropic yet mechanical properties are often stated without mentioning 
the direction in which the samples were drilled relative to bedding. 

• The position on the stress-strain curve from which elastic properties were calculated is often 
not described. For example, there are various ways of calculating the Young’s modulus 
including: (i) tangent Young’s Modulus, (ii) average Young’s modulus or (iii) secant Young’s 
modulus. 

In addition to the variable quality of reporting, the actual drilling and recovery of rock samples 
from deep boreholes may create damage and it usually not possible to quantify the impact that this 
has on mechanical properties reported. Such damage may not only affect poorly lithified rocks but 
can also have a major impact on the properties of very stiff rocks. A particular problem relevant to 
the current study is that clay-rich rocks often have such low permeabilities that gas cannot escape 
from their pores as they are brought to the surface, which may eventually result in extensive 
fracturing of the core. Potentially, this may be a reason why many of the clay-rich caprocks described 
later in this report appear less stiff than rocks around potential radioactive waste disposal sites. 

Although we have only touched the surface regarding data quality issues, it should be clear 
to the reader that caution is needed when comparing mechanical property data between different 
sites.  
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2.7.2 Use of proxies for mechanical properties 
Considering the huge number of wells drilled by the petroleum industry, there is only a small 

amount of laboratory data published on the mechanical properties of clay-rich rocks associated with 
petroleum accumulations. It is therefore necessary to obtain estimates of mechanical properties 
from wire-line log data. For example, static elastic properties are often estimated from sonic and 
ultrasonic measurements and the unconfined compressive strength of samples are often estimated 
from either ultrasonic or porosity data. These relationships are described in more detail below. It 
should, however, be noted that many of the relationships are based on correlations of data obtained 
in the laboratory. Drilling can damage the surrounding rock, which may reduce the reliability of 
wireline log data. A particular problem is that, due to worries of encountering overpressured 
sediments, many older wells were drilled very overbalanced (i.e. with mud weights higher than the 
formation fluid), which may have led to the fracturing of the rock around the wellbore and 
consequently sonic data may prove unreliable.  

2.7.2.1 Static elastic properties 
Compressional (Vp) and shear wave (Vs) ultrasonic data, as well as information on the rock 

density, ρ, can be used to calculate elastic constants. In particular: 

Dynamic Young’s modulus, Edyn, can be calculated using: 
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Dynamic bulk modulus, Kdyn, can be calculated using: 
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Dynamic Poisson’s ratio, υdyn, can be calculated using: 
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Laboratory measurements show that rocks tend to be stiffer under dynamic conditions than 
static conditions. For example, several published datasets that provide a comparison of static to 
dynamic elastic moduli (see summary in Table 2.2). 

  

15 NAGRA NAB 13-06



 

Authors Edyn/Estat Kdyn/Kstat Lithology 

Van Heerden (1987) 1-3  Dry sandstone 

Tutuncu and Sharma (1992) 1-6  Saturated sand 

Yale and Jamieson (1994) 1.15-1.7  Saturated carbonate 

Yale and Jamieson (1994) 1.1-1.5  Dry carbonate 

Henrikson et al. (1994) 2-4  Saturated chalk 

Al-Tahini et al. (2004) 0.97-3.1  Dry sandstone 

Jizba (1991)  0.8 to 5 Dry sandstone 

Jizba (1991)  1.1 to 1.6 Dry shale 

Cheng & Johnston (1981)  1.3 to 1.7 Dry oil shale 

Ohen (2003) Up to 18  Weak sandstone 

Ohen (2003) Up to 5  Medium strength sandstone 

Olsen et al. (2008)  1.1 to 2.3 Dry sandstone 

McCann and Entwisle (1992) ~100  Weak mudrocks 

Imai and Yoshimura (1975) ~200   

Zimmer (2003)  2 to 10 Dry sand 

Table 2.2 Summary of published laboratory data on static vs. dynamic elastic moduli 

 

A large number of variables can influence the difference between static and dynamic measurements 
including: 

• Rock strength/porosity (King, 1970; Fjaer et al., 1989; Al-Tanini et al., 2004; McCann and 
Entwisle, 1992; Imai and Yoshimura 1975). 

• Strain history (Jizba, 1991; Zimmer, 2003)  
• Confining pressure (e.g. King, 1970; Chang and Johnston, 1981; van Heerden, 1987; Jizba 

1991). 
• Clay content (Jizba, 1991; Cheng and Johnston, 1981; Al-Tanini et al., 2005) 
• Fracture content (Chang and Johnston, 1981; Olsen et al., 2008) 
• Fluid content (Jizba, 1991; Mavko et al., 2003). 

Several authors have published empirical correlations between static and dynamic elastic 
moduli. For example, Eissa and Kazi (1988) suggested the relationship: 
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82.074.0 −= dynstat EE
 (2-14) 

However, the dataset on which this correlation was based is dominated by measurements 
from igneous and metamorphic rocks. McCann and Entwisle (1992) discuss the determination of 
Young’s modulus from geophysical logs. The correlation of Edyn obtained from wireline log with Estat 
data presented is: 

40.669.0 += dynstat EE
 (2-15) 

For weak sandstones (compressive strength <10000 psi), Ohen (2003) suggested the correlations: 

7399.20158.0 dynstat EE =
 (2-16) 

4192.20158.0 dynstat KK =
 (2-17) 

where E and K are measured in Mpsi. However, the ratio of Edyn to Estat of around 18 is far higher 
than reported by many other authors and no details were provided of the experimental techniques 
used and the saturation state of the rock.  

It should, however, be emphasized that several other authors have failed to find a 
correlation between static and dynamic moduli. For example, Montmayeur and Graves (1995) found 
no correlation between static and dynamic Young’s modulus for either consolidated or 
unconsolidated sandstones. Indeed, Winkler (1985) suggested that moduli at low frequencies (e.g. 1 
Hz) are not relevant to static moduli because the former are dominated by frequency effects 
whereas the latter are dominated by strain amplitude effects. 

Overall, the large variation differences in static to dynamic data as well as the large number 
of factors that control these differences mean that it is very important to calibrate any 
measurements. 

2.7.2.2 Unconfined compressive strength 
Ingram et al. (1997) suggested that UCS could also be estimated from compressional wave 

velocities using: 

𝑙𝑜𝑔(𝑈𝐶𝑆) = −6.36 + 2.45𝑙𝑜𝑔(0.86𝑉𝑝 − 1172) (2-18) 

where UCS is in MPa and Vp is in m/s.  

Chang et al. (2006) produced a comprehensive review of the various empirical relationships 
that have been used to estimate the UCS of sedimentary rocks from wireline log data (Table 2.3). 
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Eq. no. UCS (MPa) Region where 
developed 

General comments Reference 

1 0.77(304.8/Δt)2.93 North Sea Mostly high porosity Tertiary 
shales 

Horsrud (2001) 

2 0.43(304.8/Δt)3.2 Gulf of Mexico Pliocene and younger  

3 1.35(304.8/Δt)2.6 Globally -  

4 0.5(304.8/Δt)3 Gulf of Mexico -  

5 10 (304.8/Δt-1) North Sea Mostly high porosity Tertiary 
shales 

Lal (1999) 

6 7.97E0.91 North Sea Mostly high porosity Tertiary 
shales 

Horsrud (2001) 

7 7.22E0.712 - Strong and compacted 
shales 

 

8 1.001ø-0.96 - Low porosity (ø<0.1) high 
strength (~79 MPa) shales 

Lashkaripour and 
Dusseault (1993) 

9 2.922ø-0.96 North Sea Mostly high porosity Tertiary 
shales 

Horsrud (2001) 

10 0.286ø-1.762 - High porosity (ø>0.27) shales  

Table 2.3 A list of empirical relationships that have been proposed for estimating the UCS of 
shale (from Chang et al., 2006). ∆t=Vp

-1=interval transit time (𝝁𝝁s/ft), E=static Young’s’ modulus 
(GPa)) φ=porosity (fraction). 

 

It should be noted that laboratory tests show that there is considerable scatter in the data 
used to derive these relationships (e.g. Figure 2.4). 
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Figure 2.4. Diagram showing the relationship between UCS and porosity for shales (based on 
Chang et al., 2006). The black, blue and red lines represent equation numbers 8, 9 and 10 in Table 2.3 

2.7.2.3 Friction angle 
Horsrud (2001) noted that correlations between properties that obtained by downhole tools 

and friction angle, β, tend to be very poor for shales. Although, he did suggest that several trends 
with other properties do exist. For example: 

𝛽 = 49.8𝑜 + 0.3𝑈𝐶𝑆 R2 = 0.36 (2-20) 
𝛽 = 39.9𝑜 + 5.5𝑉𝑝 R2 = 0.48  (2-21) 
 

However, other workers (e.g. Dewhurst, unpublished data) have suggested that essentially no 
correlations exist between friction angle and parameters such as porosity, clay content and Vp.  
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3 Impact of faults on fluid flow in petroleum reservoirs 

Key points 

• Faults can act as barriers or conduits to fluid flow within petroleum reservoirs on 
both geological and production time-scales.  

• Juxtaposition of reservoir rocks against non-reservoir rocks is by far the most 
important process that creates barriers to fluid flow. There are numerous 
examples where juxtaposition of reservoir against non-reservoir has trapped 
petroleum over geological time-scales. Such examples highlight the ability of faults 
to self seal. 

• Fault rocks/gouges can also act as barriers to fluid flow but significant uncertainty 
exists regarding their importance.  

• There is a reasonable consensus that fault rocks in siliciclastic sequences can act as 
barriers to fluid flow over production time-scales (i.e. 10’s years); particularly 
when two or more immiscible fluids are present.  

• There is considerable disagreement regarding the role of fault rocks as barriers to 
cross-fault fluid flow in siliciclastic sequences over geological-timescales. Some 
groups argue that fault rocks may provide seals to petroleum over geological time-
scales whereas other groups argue that fault rocks do not form seals to petroleum 
over geological time. Much of the evidence related to the way that fault rocks 
affect fluid flow over geological time is non-unique. Most cases where fault rocks 
have been argued to have acted as seals to cross-fault fluid flow over geological 
time can be explained by other processes.  

• No strong evidence was found to suggest that fault rocks in carbonate-rich 
sequences act as barriers to fluid flow on a production or geological time-scale. 
Instead, faults often seem to act as conduits for fluid flow due to the brittle nature 
of the rock at the time of faulting. 

• The large uncertainty regarding the ability of fault rock to act as a barrier to fluid 
flow over geological time means that we would not recommend relying on fault 
rocks in mixed sand-shale or carbonate-shale sequences to prevent fluid flow 
around radioactive waste disposal sites. 

• Although the literature contains many examples where fault rocks have been 
argued to have acted as barriers to fluid flow over geological time, the number of 
faults that have been identified on seismics which show no evidence for fault 
rocks having acted as barriers to fluid flow is many orders of magnitude larger. 

• There are many examples where faults in siliciclastic reservoirs act as conduits to 
fluid flow on a production time scale. These provide examples where faults have 
not been able to self-seal over geological time-scales.  

• The well established observation that sandstone reservoirs become rapidly 
cemented by quartz at temperatures above 90oC might suggest that open 
fractures in high temperature reservoirs would also become rapidly cemented. 
However, even at temperatures of up to 200oC quartz may only precipitate at a 
rate of 10 µm/Ma, which means that fractures can actually remain open for a 
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considerable amount of time after initial formation. 

• Reservoirs where faults are acting as conduits for fluid flow tend to be those that 
are very brittle (i.e. cemented sandstones or carbonates) or are moderately 
cemented but have experienced considerable up-lift (i.e. they are 
overconsolidated). 
 

3.1 Introduction 
In addition to considering radioactive waste disposal in relatively homogeneous shale, there 

have also been suggestions that disposal sites could be built in either mixed shale-sandstone or 
mixed shale-carbonate sequences (i.e. equivalent to the Effingen Member). Also, some radioactive 
waste disposal sites could be situated close to sandstone aquifers in which case potential flow paths 
through faulted aquifers may need to be assessed. It is therefore important to understand how 
faults are likely to impact fluid flow over geological times in such sequences; this chapter attempts 
to provide a state-of-the-art review of this subject. 

The petroleum industry has long since argued that faults can act as either conduits (e.g. 
Finkbeiner et al., 2001; Wiprut and Zoback, 2000) or barriers (Smith, 1966, 1980; Berg, 1975; Watts, 
1987; Alexander and Handschy, 1998; Fisher et al., 2001) to fluid flow. The time-scales on which 
faults have been argued to affect fluid flow vary from production to geological time-scales. For 
example, large-scale faults often form one or more of the boundaries of petroleum fields against 
which petroleum is trapped; these have trapped petroleum over geological time-scales (>10 Ma). 
Examples of such traps from the North Sea include the Middle Jurassic Cormorant (Taylor and 
Dietvorst, 1991), Heather, (Penny, 1991) and Hutton (Haig, 1991) fields as well as the Rotliegend 
Baroque (Farmer and Hillier, 1991) and Victor (Lambert, 1991) fields. On the other hand, intra-
reservoir faults can severely compartmentalise reservoirs on a production time scale (i.e. years to 
tens of years). Examples of fields containing such barriers have been presented by Jolley et al. 
(2007), Zijlstra et al. (2007) and Al-Hinai et al. (2007).  

Faults can also act as conduits for fluid flow on a range of time-scales. For example, several 
authors have argued that faults have provided the pathways to allow petroleum migration into traps 
(e.g. Hooper, 1991; Anderson, 1994). On the other hand, examples have been presented where 
faults appear to be enhancing the rate of petroleum production within individual reservoirs. For 
example, Coney et al. (1993) suggested that faults increase oil flow rates in appraisal wells in the 
Clair Field. 

Overall, three mechanisms have been proposed to explain this seemingly paradoxical 
behaviour: 

• Observations made in hard or overconsolidated rocks have shown that faults are sometimes 
composed of a low permeability core surrounded by a damage zone containing open fractures 
(e.g. Caine et al., 1996; Faulkner et al., 2003). So it has been suggested that the fault core can act 
as a barrier whereas the fractured damage zone acts as a conduit for fault-parallel flow. 

• Measurements of flow and stress in boreholes in hard rocks have led to the idea that active or 
critically stressed faults act as conduits for fluid flow whereas inactive or non-critically stressed 
faults act as barriers (e.g. Barton et al.,1995; Wiprut and Zoback, 2000; Wilkins and Naruk, 2007).  

• Consideration of the theory of critical state soil mechanics in which shear fractures in normally 
or slightly overconsolidated sediments either don’t affect fluid flow or act as barriers, whereas 
faults in highly overconsolidated sedimentary rocks tend to act as conduits (Fisher et al., 2003, 
2005).  
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In the following section, we provide a review of how faults affect fluid flow within petroleum 
reservoirs. Fault-related barriers and conduits in siliciclastic sequences are discussed separately in 
Section 3.2 and Section 3.3 respectively. Each of these sections attempts to combine theoretical, 
experimental and field evidence. Special attention is paid to identifying uncertainties and 
inconsistencies between the different types of evidence presented. As some of the potential 
candidates for radioactive waste disposal sites may be in mixed shale-carbonate sequences we have 
also included a brief review of the impact of faults on fluid flow in carbonate reservoirs within 
Section 3.4. Finally, an attempt is made to combine these observations into consistent model of the 
impact of faults on fluid flow in petroleum reservoirs along with advice as to how to extrapolate the 
results to shale-rich sequences that haven’t been buried as deep as the petroleum reservoirs 
(Section 3.5).  

3.2 Faults as barriers to fluid flow 
Faults can act as barriers to fluid flow in two distinct ways. First, faults can juxtapose 

reservoir against non-reservoir (Figure 3.1); such faults are often referred to as juxtaposition seals 
(Watts, 1987). Second, faulting produces a fault gouge (here referred to as the fault rock), which 
itself has the potential to restrict fluid flow (Figure 3.1); such faults are often referred to as fault 
seals sensu stricto (Watt, 1987). 

 

Figure 3.1 Schematic diagram showing the difference between a juxtaposition seal (top) and a 
fault rock seal (bottom) 

Juxtaposition seals are widely accepted to provide an important barrier for fluid flow on 
both geological and production time-scales (e.g. Knipe, 1997; James et al., 2004). The presence of 
juxtaposition seals highlight how faults either never formed conduits for fluid flow or self sealed 
after they have behaved as conduits for fluid flow. The influence of fault rocks on fluid flow is far 
more controversial. Some authors argue that fault rocks are very important for trapping petroleum 
on both geological and production time-scales (e.g. Knipe et al., 1997). Others argue that fault rocks 
tend to be too thin and discontinuous to act as significant barriers to fluid flow on geological time-
scales and therefore need not be considered when predicting the position of petroleum traps (e.g. 
James et al., 2004). There appears to be more consensus regarding the impact of fault rocks on 
petroleum production. In particular, most agree that fault rocks can act as barriers to fluid flow on a 
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production time-scale. The level of controversy regarding the importance of fault rocks as barriers to 
flow on a geological time-scale probably has three causes. First, interpretation of subsurface data is 
often non-unique, so that for a given set of observations it is often possible to make interpretations 
that do and do not involve the presence of faults. Second, there exists a generally poor level of 
understanding within the petroleum industry regarding the strength of the evidence used to assess 
the impact of faults on fluid flow. A particularly good example is that variations on the Sr-isotopic 
composition of brines within reservoirs are often regarded as evidence for compartmentalisation 
(e.g. Mearns and McBride, 1999) despite the fact that variations in Sr-isotopes would take 10’s 
millions of years to equilibrate (Smalley et al., 2004). In other words, variations in Sr-isotopic 
compositions should be expected even in uncompartmentalised reservoirs. Third, it is in the 
commercial interests of some service companies to argue that fault rocks are important barriers to 
fluid flow over geological time.  

3.2.1 Fault juxtaposition seals  
Juxtaposition of reservoir against sealing lithologies, such as shale and evaporates, is one of 

the most important processes leading to the trapping of oil and gas within geological formations. 
Fault juxtaposition seals can be predicted using techniques such as fault plane maps (Allen, 1989) or 
juxtaposition diagrams (Knipe, 1997). These techniques combine information on fault displacements 
and stratigraphy to predict the position of juxtaposition seals. The major risk regarding whether 
juxtaposition seals retain petroleum is that of top seal leakage; this issue is discussed extensively in 
Chapter 4 and will not be discussed further here. 

3.2.2 Fault rock seals 
The extent to which a fault rock impacts fluid flow is controlled by its thickness, absolute 

permeability, relative permeability and capillary pressure (e.g. Bunn and Yaxley, 1986; Yaxley, 1987; 
Manzocchi et al., 1999, 2002; Fisher and Knipe 2001; Rivenæs and Dart 2002; Al-Busafi et al., 2005; 
Al-Hinai et al., 2007). For example, Yaxley (1987) showed that well bore pressures during 
interference tests conducted across partially sealing faults are controlled by the specific 
transmissibility ratio, α, defined as: 
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where d is the distance between two wells, and kr and kf are the permeability of the undeformed 
reservoir and fault rock respectively as tf is the thickness of the fault rock. Also, Manzocchi et al. 
(1999) indicated that the transmissibility between two grid-block centres in a production simulation 
model can be calculated using: 
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where Li and Lj are the cell lengths, ki and kj are the permeabilities of the undeformed cells, ti 
is the 

fault rock thickness, and kf is the fault rock permeability. In these cases, only the absolute 
permeability of the fault rock is considered, although it is relatively easy to adapt these values to 
incorporate the relative permeability (Manzocchi et al., 2002).  
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The parameters required to estimate the impact of faults on fluid flow are the flow 
properties of the fault rock and its thickness. These are reviewed below after which the standard 
method for predicting fault permeability is presented along with the implications. 

3.2.2.1 Fault rock types and flow properties 

Over the last two decades considerable effort has been made to examine the microstructure 
and measure the petrophysical properties of fault rocks present within outcrop or within core 
retrieved from petroleum reservoirs (e.g. Antonellini and Aydin 1994; Gibson et al., 1998; Ellevset et 
al., 1998; Knai and Knipe, 1998; Fisher and Knipe, 1998; 2001; Sperrevik et al., 2002; Al-Hinai et al., 
2007; Teuckmantel et al., 2010). In general, the petroleum industry has been quite successful at 
avoiding drilling, or at least coring, major seismic-scale faults. Faults that are present in core, 
therefore, tend to have a relatively small throw (usually <10 cm). So the analysis of fault rocks 
collected from outcrop provides the best method of directly investigating the microstructural and 
petrophysical properties of fault rocks along seismic-scale faults.  

The main petrophysical properties that have been measured are the absolute permeability 
and capillary pressure. Although some studies have also measured the relative permeability of fault 
rocks (e.g. Al-Hinai et al., 2007). The results from these analyses show that the flow properties of 
fault rocks are controlled by the: 

• Clay content of the sediment at the time of faulting; 

• Pre-, syn- and post deformation temperature and stress history; 

• Porosity at the time of faulting; 

• Grain-size of the sediment. 

Overall, fault rocks can be sub-divided depending on the clay content of the sediment at the 
time of faulting. Clean sands (<15% clay) deform to produce either disaggregation zones or 
cataclastic faults depending on the stress conditions at the time of faulting. Disaggregation zones 
(Figure 3.2) form in poorly lithified sands under low effective stress conditions. Faulting occurs 
without grain-fracturing and simply involves the movement and rearrangement of sand grains. 
These fault rocks usually have similar flow properties to the undeformed reservoir and do not 
significantly affect fluid flow.  
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Figure 3.2 Backscattered Scanning Electron Microscope (BSEM) images of (A) a disaggregation 

zone and (B) the adjacent undeformed sandstone. C) Hand specimen containing two disaggregation 
zones – arrows (from Fisher, 2005) 

Cataclastic faults (Figure 3.3) form under higher effective stress conditions. These experience 
a reduction in permeability and increase in threshold pressure as a result of two processes. First, 
grains are fractured during faulting resulting in porosity collapse. Second, following faulting, the 
grain-fragments can become preferentially cemented by quartz once the reservoir is sufficiently hot 
(>90oC). It should be noted that the rate of quartz cementation within cataclastic fault may be higher 
than occurs in the adjacent undeformed sandstone for two reasons. First, the rate of quartz 
cementation is proportional to surface area (grain-size) and the cataclastic fault gouge will have a 
larger surface area than the surrounding undeformed sandstone (Fisher and Knipe, 1999). Secondly, 
the rate of quartz cementation in the sandstone could be reduced due to the presence of grain-
coating clays or the absorption of other cations. On the other hand, the grain-fragments produced as 
a result of cataclastic deformation may be less “polluted” allowing quartz to precipitate at higher 
rates (Fisher and Knipe, 1999). Published data indicates that cataclastic faults have permeabilities of 
>1 to <0.0001 mD and Hg-threshold pressures of 10 to 2000 psi (0.06-13.79 MPa). Overall, most 
observations of low permeability cataclastic faults are from relatively thick (>10m) porous 
sandstones. The author’s aren’t aware of the examples of low permeability cataclastic faults being 
reported from thin interbedded sandstones.  
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Figure 3.3 BSEM images of (A) an undeformed Rotliegend sandstone and (B) the adjacent 

cataclastic fault. C) Hand specimen containing a zone of cataclastic faults (from Fisher, 2005) 

Impure sands (15 to 40% clay) deform to produce phyllosilicate-framework fault rocks 
(Figure 3.4). These faults have lower permeability and increased threshold pressures compared to 
the undeformed reservoir as a result of two processes. First, during faulting, clay is mixed with the 
framework grains resulting in a replacement of macroporosity with clay and microporosity. Second, 
following faulting, such fault rocks experience enhanced grain-contact quartz dissolution (‘pressure 
solution’) once the temperature of the reservoir rises above 90oC. Published data indicates that 
phyllosilicate-framework fault rocks that we have analysed have permeabilities of <0.1 to <0.0001 
mD and Hg-threshold pressures of 50 to 3000 psi (0.345-20.68 MPa). It should be noted that small-
scale phyllosilicate-framework fault rocks are frequently observed in both core from petroleum 
reservoirs and in outcrop. However, the authors’ aren’t aware of any seismic-scale faults where 
continuous phyllosilicate-framework fault rocks are present. One explanation is that faults may not 
be particularly efficient at mixing the lithologies through which they pass. 

 

 
Figure 3.4 BSEM images of (A) an undeformed impure Brent sandstone and (B) the adjacent 

phyllosilicate-framework fault rock. C) Hand specimen containing a several phyllosilicate-framework 
fault rocks (from Fisher, 2005) 
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Clay-rich sediments (>40%) are often smeared along the fault plane to produce clay smears 
(Figure 3.5), which are extremely effective barriers to fluid flow. Published data indicates that clay 
smears have permeabilities of <0.0001 mD and Hg-threshold pressures of >3000 psi (20.68 MPa) 
(e.g. Fisher and Knipe, 1998). 

 

Figure 3.5 A field example of a clay smear (arrow) from near Miri, Sarawak, Malaysia 

A diagram showing typical permeability values of fault rocks from the Middle Jurassic and 
Rotliegend reservoirs of the UK North Sea is shown in Figure 3.6.  

 
Figure 3.6 Summary of the fault rock permeability data from the North Sea and Norwegian 

Continental Shelf (from Fisher and Knipe, 2001). Permeability is plotted against clay content for the 
various fault rock types. Also shown on the diagram are two of the main controls on the permeability 
of the faults in clean sandstones and impure sandstones (i.e. burial depth at the time of faulting and 
maximum post-deformation burial depth respectively) 
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3.2.2.2 Fault rock thickness 

The thickness of fault rocks is usually estimated from empirically derived relationships 
between fault thickness and fault throw such as those presented by Hull (1988). For example, 
Manzocchi et al. (1999) suggest using the relationship: 

 tf = d/170 (3-3) 

where d is the fault displacement. It should be noted that the extreme complexity of many fault 
zones means that this relationship is a vast oversimplification; the reader is referred to Manzocchi et 
al. (2010) for further discussion. 

3.2.2.3 Implications of fault rock thickness and flow property data 

Numerical modelling of single-phase fluid flow across typical sub-seismic fault arrays 
suggests that permeability contrasts (i.e. host/fault permeability) of > 10000 are needed to 
significantly retard the rate of fluid flow at the km-scale to an extent where it would impact 
petroleum production (Walsh et al., 1998). On production-time scales, the extent to which faults 
affect fluid flow depends on the permeability contrast between the host rock and the fault as well as 
the fault thickness compared to its distance of the fault from the well (Yaxley, 1987). High 
permeability contrasts are not needed to significantly affect the performance of wells drilled close to 
faults. For example, the analytical solutions of Yaxley (1987) indicate that a drawdown test 
performed on a well situated 30 m away from a 1 m wide fault with a permeability contrast of 1000 
would appear very similar to test conducted close to a totally sealing fault. 

Examination of the published fault rock dataset provides several pointers to the ways in 
which faults may affect single-phase fluid flow in the subsurface that prove to be misleading when 
multiphase flow is considered. For example, published data shows that only ~20% of the fault rocks 
analysed have permeabilities that were more than 10000 times that of the undeformed reservoir 
(Fisher and Knipe, 2001). It might therefore be expected that most would not significantly affect 
single-phase fluid flow on the km-scale. However, the presence of two or more immiscible phases 
within the pore space can increase the permeability contrast far beyond the single phase values (Al-
Hinai et al., 2007). 

3.2.3 Workflows for predicting the impact of faults on fluid flow 
The large financial implications of fault-related flow barriers in petroleum reservoirs mean 

that a significant research effort has been dedicated to identifying methods to predict the sealing 
capacity of faults. Overall, these methods can be classified as: (i) empirical; (ii) stochastic; (iii) 
deterministic and (iv) geomechanical. These methods are to a certain extent end-members and 
individual oil companies tend to have internal workflows that combine various aspects of these 
methods. Below we attempt to describe the basics of these methods.  

3.2.3.1 Empirical relationships 

The petroleum industry frequently uses analogue data to predict subsurface properties (e.g. 
porosity and permeability) and reservoir performance (e.g. flow rates). Not surprisingly, efforts have 
been made to collect data analogue information for use in predicting the sealing capacity of faults. 
For example, Knott (1993) examined the sealing capacity of over 400 faults from petroleum 
reservoirs in the North Sea and then established correlations between parameters such as maximum 
burial depth (Figure 3.7), fault strike, fault displacement and sealing capacity. The study showed that 
sealing capacity increased as the fault throw approached the thickness of the reservoir. In other 
words, juxtaposition of reservoir against non-reservoir is the most important type fault sealing 
mechanism.  
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A key problem with empirical fault seal analysis studies is that, as discussed in Section 3.2.4, 
the evidence used to determine the fluid flow properties of faults is often very weak and therefore 
correlations tend to be both weak and inaccurate. 

 

 

Figure 3.7 Example of data used for empirical fault seal analysis. In this diagram (based on 
Knott, 1993) the sealing capacity of faults in the Rotliegend of the UK southern North Sea is plotted 
as a function of the present day (left) and maximum (right) burial depth respectively 

3.2.3.2 Deterministic fault seal analysis 

Traditional methods of fault seal analysis have been based on the construction of fault plane 
maps (e.g. Allen, 1989) or juxtaposition diagrams (Knipe, 1997). These methods use information on 
the fault offset distributions and stratigraphy to identify areas along a fault where reservoir is likely 
to be juxtaposed against non-reservoir and where reservoir is juxtaposed against reservoir. Areas 
where reservoir is juxtaposed against non-reservoir are assumed to represent a high likelihood of 
sealing whereas reservoir-reservoir juxtapositions are having a high likelihood of being non-sealing. 

Studies of fault compartmentalization in reservoirs contained within interbedded sand-shale 
stratigraphies lead several workers to suggest that in addition to juxtaposition of reservoir against 
non-reservoir, the smearing of clay-rich units along fault planes could be an important fault sealing 
mechanism (e.g. Bouvier et al., 1989; Bentley and Barry, 1991). Algorithms were therefore 
developed that attempted to predict the position of clay smears along fault planes based on the 
shale distribution within the subsurface and the fault displacement. These algorithms include: the 
Clay Smear Potential (CSP – Bouvier et al., 1989) and Shale Smear Factor (SSF – Lindsay et al., 1993). 
Bouvier et al. (1989) define CSP as: 

 𝐶𝑆𝑃 = ∑ 𝑇2

𝐷
 (3-4) 

where T is the thickness of a shale bed and D is the distance along the fault from the source bed. 
Essentially, the CSP is a measure of the likelihood that a ‘ductile’ clay smear will be continuous along 
a fault. Lindsay et al. (1993) defined SSF as: 

 𝑆𝑆𝐹 = ∑ 𝑡
𝑇

 (3-5) 
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where t is fault throw and T is the shale thickness. SSF was used to predict the continuity of 
abrasion-type clay smears in lithified siliciclastic rocks. 

Outcrop studies are often used to determine values of SSF and/or CSP to discriminate 
between continuous and discontinuous clay smears. For example, Lindsay et al. (1993) measured SSF 
along faults in Carboniferous fluvio-deltaic rocks from northern England and concluded that clay 
smears often become discontinuous when the fault throw exceeds the shale thickness by 7. 
However, in some situations, outcrop observations do not show a systematic arrangement of clay 
smears in relation to their source beds, and instead a stochastic approach is used to ‘place’ the 
smear distributions along the fault planes (e.g. Childs et al., 2007). Subsurface pressure and 
production data has also been used to calibrate CSP. For example, Bentley and Barry (1991) found 
that a CSP of 5 could be used as a ‘rule-of-thumb’ to separate sealing from non-sealing faults in the 
Cormorant Field, North Sea. It should be noted that published algorithms for the prediction of clay 
smears do not tend to take into account the rheology of the shale bed at the time of faulting. This 
potentially represents a serious omission because the efficiency of clay smear development is very 
much likely to depend on the ductility of the shale layer at the time of faulting. It should also be 
noted that it is not obvious how to apply these algorithms to faults that have experienced 
reactivation/inversion. For example, the formation of a clay smear is an irreversible process and it is 
uncertain how to predict clay smear continuity along reactivated/inverted faults. 

Later studies argued that other fault rock types such as phyllosilicate-framework fault rocks 
and cataclastic fault rocks could also provide important barriers to fluid flow (e.g. Knipe et al., 1997; 
Fisher and Knipe, 1998, 2001). The position of these fault rocks was controlled by the clay fraction 
distribution along the fault and therefore is not predicted by algorithms such as CSP and SSF, which 
only provide information on the continuity of clay smears, and do not by themselves provide an 
estimate of the clay content along a fault when the smear is discontinuous. Shale Gouge Ratio (SGR) 
has become widely used as an alternative because it provides an estimate of the clay content along a 
fault irrespective of whether or not the clay smear is continuous. Fristad et al. (1997) and Yielding et 
al. (1997) define SGR as: 

 %100)( ×∆×= ∑
t

zVSGR cl  (3-6) 

where Vcl is the clay or shale fraction in each layer of thickness Δz and t is the fault throw. It is 
possible to combine these algorithms by using CSP to predict the distribution of clay smears and SGR 
to predict the distribution of other fault rock types (e.g. cataclasites or phyllosilicate-framework fault 
rocks). A diagram summarizing the various fault clay predictors is presented in Figure 3.8. 
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Figure 3.8 Diagram illustrating the meaning of algorithms commonly used to estimate the 

continuity of clay smears or the clay content of fault zones: (a) clay smear potential (CSP); (b) shale 
smear factor (SSF) (c) shale gouge ratio (SGR). (from Fisher and Jolley, 2007 based on Yielding et al. 
1997) 

The clay distribution along the fault can then be used in conjunction with correlations 
established from laboratory experiments between clay content and fault properties (e.g. Figure 3.6) 
to actually create fault plane maps (e.g. Figure 3.9) of transmissibility multipliers etc. (e.g. Yielding et 
al., 1997; Manzocchi et al., 1999; Childs et al., 2002). Several examples have been published that 
show that history matches of production simulation models have been improved using such 
methods (e.g. Knai and Knipe, 1998; Jolley et al., 2007). There have also been several studies in 
which transmissibility multipliers have needed to be reduced by several orders of magnitude below 
the calculated values to achieve a history match (Fisher, 2005). A potential explanation for this is 
that the approach outlined above calculates transmissibility multipliers based on absolute 
permeability values without taking into account that two or more immiscible phases may be present 
in the fault rock. Manzocchi et al. (2002) described a method for incorporating the multiphase flow 
properties of fault rocks (relative permeability and capillary pressure) into production simulation 
models. Indeed, recent work has incorporated the relative permeability and capillary pressure of 
fault rocks into production simulation models and this appears to have significantly improved history 
matches compared to predictions where the transmissibility multipliers were calculated based on 
absolute permeability values (e.g. Al-Hinai et al., 2007; Zijlstra et al., 2007). 
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Figure 3.9 Example of fault plane map showing distribution of transmissibility multipliers (from 
Jolley et al., 2007) 

3.2.3.3 Stochastic 

The methods presented in the previous section are referred to as deterministic because they 
essentially assume that one can combine accurate information on the distribution of clay in the 
subsurface with accurate information on the position and distribution of faults in the subsurface to 
produce accurate estimates of the fluid flow behaviour of faults. Several authors have realised that 
there are fundamental problems with these assumptions. For example, Foxford et al. (1998) 
conducted detailed studies of faults in outcrop and showed that the clay distribution was somewhat 
chaotic and could not be predicted accurately and precisely using any of the standard algorithms 
outlined above. Furthermore, James et al. (2004) argue that it is not possible to accurately model the 
complex structure and stratigraphy in the subsurface to make deterministic fault seal analysis 
reliable.  

Stochastic methods have therefore been proposed in which a large number of realisations 
are generated to capture the range of possible geometries that exist. James et al. (2004) developed a 
method in which fault throws and stratigraphies were varied systematically so that uncertainties in 
these parameters could be quantitatively used to predict uncertainties in fault seal analysis.  

Childs et al. (2007) describe a probabilistic shale smear factor (PSSF) algorithm, which 
stochastically models the distribution of smears and dislocated smear material within a fault plane. 
This represents quite a fundamental difference with the SGR method regarding the processes that 
lead to seal development. In particular, the SGR method in many ways assumes that faulting 
produces a fairly homogeneous mixture of the different lithologies between the hangingwall and 
footwall cut-offs of a particular horizon. On the other hand, the PSSF algorithm assumes that mixing 
of the lithologies is fairly inefficient and instead patches of clay smear are created along the fault 
plane. It is noteworthy that the PSSF model predicted a similar relationship between permeability 
and clay content as the laboratory measurements presented in works such as Fisher and Knipe 
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(1998, 2001). In other words, a successful fault seal analysis cannot easily be used to draw inferences 
about the fundamental processes that reduced the permeability of the fault zone. 

3.2.3.4 Geomechanics based fault seal analysis 

The Mohr-Coulomb failure criteria states that slip will occur on a given plane when the shear 
stress acting on the plane exceeds both the frictional resistance to slip and the cohesion, C, of the 
plane. Since the frictional resistance to slip is proportional to the normal stress on the plane, the 
Mohr-Coulomb failure criteria can be expressed as:  

 𝜏 = 𝜇𝜎′𝑛 + 𝐶 (3-7) 

where µ is the coefficient of friction for the plane. It is frequently argued that pre-existing faults, 
which are optimally orientated for failure may act as flow conduits (e.g. Barton et al., 1995) under 
stress conditions that would not cause shear failure of the undeformed reservoir. Indeed, the 
determination of whether or not a fault is critically stressed is one of the most widely used methods 
to estimate the risk of petroleum leak along or across faults (e.g. Wirprut and Zoback, 2000). To 
assess whether a fault segment is critically stressed the shear, τ, and normal, σ’n, stresses acting on 
the segment are calculated in 2D form using: 

 𝜏 = 0.5(𝜎1 − 𝜎3) sin 2𝜃 (3-8) 

 𝜎𝑛′ = 0.5(𝜎1′ + 𝜎3′) sin 2𝜃 − 0.5(𝜎1′ − 𝜎3′) cos 2𝜃 (3-9) 

where θ is the angle between the fault and σ1. The results are then plotted on a Mohr diagram to 
determine whether or not they lie below or above the failure criteria for the fault (Figure 3.10). Fault 
segments that lie above the failure envelope are often assumed to be conductive (Barton et al., 
1995). It is commonly assumed that faults are cohesionless with friction angles of 0.6 to 0.85 (Barton 
et al., 1995), which means that it is easier to reactivate optimally orientated faults than it is to create 
new shear planes. 

 

Figure 3.10 Mohr diagram used to determine whether or not a fault is critically stressed. Faults with 
orientations that would plot as red points on this diagram would be considered to be critically 
stressed with a higher chance of leaking, whereas the green dots would not be critically stressed and 
therefore have a lower chance of leaking 

Although the technology is widely used throughout industry we would question the 
assumption that faults with an optimal orientation for reactivation always act as conduits for flow, 
especially in high porosity, poorly lithified, sediments. Also, as suggested by Dewhurst and Jones 
(2002), we are not convinced that faults can always be treated as cohesionless frictional materials. 
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Finally, strain partitioning may concentrate faulting onto a small number of faults present whereas 
smaller faults do not reactivate even though they might be optimally orientated for failure (Bailey et 
al., 2005).  

It should be emphasized also that the geomechanical approach outlined above is essentially 
a fault leakage assessment and it should ideally be combined with one of the previously described 
fault seal analysis workflows.  

3.2.4 Evidence used in the calibration of fault seal analysis workflows 
To gain an understanding of the accuracy of the fault seal analysis workflows described 

above it is crucial that they are tested and calibrated against subsurface data. Unfortunately, this is 
not a trivial task due to the non-uniqueness in the interpretations of much of the data commonly 
used as an indicator of the fluid flow properties of faults in the subsurface. Below we review the 
evidence commonly used to assess the fluid flow behaviour of faults and highlight key problems with 
its interpretation. 

3.2.4.1 Static data 

Fluid data from exploration and appraisal wells, such as pressures, compositions, and 
contacts, are commonly used as early indicators of reservoir compartmentalisation (e.g. Smalley et 
al., 1995; Smalley and Hale, 1996; Smalley and Muggeridge 2010). Here the data used to assess the 
level of reservoir compartmentalisation is critically appraised to highlight some of the problems that 
can occur if care is not taken in the interpretation of fluid data. 

Fluid contacts: Differences in fluid contacts (e.g. oil-water - OWC, gas-water - GWC or gas-oil - GOC) 
are often used as an indicator of reservoir compartmentalisation (e.g. Watts, 1987; Knai and Knipe, 
1998; Scott et al., 2010). There are several reasons, however, why measured and reported 
differences in fluid contacts may prove to be misleading if taken at face value and/or used in 
isolation from other data. Reported differences in petroleum-water-contacts (PWC’s) should always 
be viewed within the context of measurement (tool) precision, logging practice and calculation error 
margins. It is also important to realise that real differences in fluid contact heights can have a variety 
of causes other than compartmentalisation. 

Petrophysically measured PWC heights are subject to error bars – since they are 
interpretations of data containing natural acquisition and processing ‘scatter’. Despite these 
uncertainties, contact heights are often taken on face value and assumed to be intrinsically accurate. 
Furthermore, measures such as oil-down-to (ODT) and water-up-to (WUT), are sometimes marked 
on maps or otherwise erroneously treated as PWCs.  

Modern positional survey errors are usually around 0.01% of the total along-hole distance 
drilled (measured depth, MD). Logging practices and the design of petrophysical logging tools have 
evolved over the years. Consequently, wells drilled and logged in the same field by different 
contractors or decades apart have different accuracy of petrophysical tool measurements (e.g. a well 
drilled in a simple sand reservoir in the 1970s might have a 15 m absolute depth error for a PWC, 
whereas a modern well may have an error of 3m). Even if differences in fluid contact heights are 
reliable they can be formed as a result of many other processes than the presence of sealing faults; 
these include: 

• Perched water can occur when local structural/sedimentological architecture prevents water 
escaping as petroleum migrates into a structure and can cause local or apparent variations in 
PWC’s that are unrelated to the presence of significant compartment boundaries. (Weber, 
1997). For example, the gas within the West Pickerall Field, UK Southern North Sea, plots on the 
same pressure gradient whereas the aquifer has a variety of gradients. It is likely that the 
resulting differences in GWC’s simply reflect the presence of perched water and should not be 

NAGRA NAB 13-06 34



interpreted as solid evidence of reservoir compartmentalisation. The identification of different 
aquifer pressures but a single petroleum gradient should always raise suspicions of perched 
water because faults tend to be so thin that aquifer pressures should equilibrate rapidly (i.e. 
<100 years) on a geological time-scale (Smalley and Muggeridge, 2010). 

• Hydrodynamic activity: The outflow of water from an overpressured aquifer can tilt PWCs 
Dennis et al. (2000, 2005) – a phenomenon that is particularly common in heavy oil and low 
permeability reservoirs (Dahlberg, 1995). It is easy to see how variations in PWC heights caused 
by hydrodynamic activity could be misinterpreted as evidence for compartmentalisation. Indeed, 
Tozer and Borthwick (2010) present an example of a Caspian Sea field with a hydrodynamically 
tilted PWC caused by aquifer water flowing outwards from a compacting overpressured basin 
centre. Earlier workers had interpreted the different fluid contacts as signs of fault 
compartmentalisation. 

• Equilibration of fluid contacts: Variations in fluid contacts may be caused when reservoirs are 
filled from different directions (e.g. England et al., 1995) or due to recent tectonic tilting (Harris 
et al., 2003). Fluid contact variations should equilibrate over time in non-compartmentalised 
reservoirs. However, Smalley et al. (2004) calculated that the time taken for equilibration of fluid 
contacts varied between 1000 years for GWC’s to 10 million years for viscous oil-water contacts. 
In other words, large variations in PWC’s could be maintained over geological time in non-
compartmentalised reservoirs particularly where the mobility ratio of the petroleum is low. 

• Capillary pressure characteristics of the reservoir: PWC’s are usually identified using resistivity 
logs in high permeability rocks. Here the PWC should broadly coincide with the free water level 
(FWL) obtained by extrapolating pressure measurements obtained within the petroleum column 
and aquifer. In water-wet, low permeability rocks, PWC’s are more difficult to identify and are 
shallower than the FWL. Juxtaposition of low against high permeability rocks will therefore result 
in different PWC’s even when they have common FWL’s. 

Pre-production pressure differences: The best evidence of compartmentalization is provided in 
fields where the aquifer pressure gradients lie on the same depth trend but pressure gradients in the 
petroleum column lie on separate trends. In such a situation it is likely that a membrane seal exists 
between compartments, but care is needed to assess the data and use it appropriately in making 
such an interpretation.  

There are several potential pitfalls to avoid when interpreting pressure data in 
compartmentalization studies. A particularly common example is the interpretation of aquifer 
pressure differences. Smalley et al. (2004) showed that in a situation where aquifers are juxtaposed 
across faults any pressure differences should equilibrate very rapidly (i.e. within years) because fault 
rocks are relatively thin (usually <1 m) and not impermeable. Nevertheless, such pressure 
differences are common and simply reflect the lack of hydrodynamic equilibrium within the area. 
The lack of hydrodynamic equilibrium may be caused by production in nearby fields (e.g. Coutts, 
1999) or may be natural (e.g. due to hydrocarbon generation, disequilibrium compaction, recent 
tectonic tilting, an overpressured basin centre, etc.).  

Finally, it must be remembered that pressures within petroleum reservoirs may have had 
millions of years to equilibrate across intra-reservoir baffles and flow tortuosities. Consequently, an 
absence of differences in fluid pressures within a reservoir should not be taken to indicate that the 
field will not be compartmentalized under production induced flow rates. We have worked on 
numerous fields in which exploration and appraisal pressure data appeared in equilibrium but later 
production data proved the reservoirs to be compartmentalized. For example, van der Molen et al. 
(2003) showed an excellent example from the Rotliegend, offshore Netherlands, which had a 
common GWC but when put on production proved to be so compartmentalised that a 4000 psi 
(27.57 MPa) pressure difference soon built up across a low permeability fault.  
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Differences in fluid density, chemistry, isotopic composition: Petroleum chemistry within a 
reservoir may vary as a result of several processes including: (i) filling history; (ii) gravity segregation, 
(iii) in situ alteration by processes such as biodegradation and water washing (Smalley et al., 2004; 
Smalley and Muggeridge, 2010). Variations in the composition of formation waters may arise from 
water-rock interactions, fluid mixing patterns etc. Such variations in the composition of 
hydrocarbons and formation waters (e.g. Smalley et al., 1995; Leveille et al., 1997; Bigno et al., 1998; 
Mearns and McBride, 1999) are sometimes used to detect compartmentalization in petroleum 
reservoirs. A key problem with such interpretations is that they may be qualitative and may not take 
into account the rates at which such variations could actually equilibrate (Smalley et al., 2004; 
Smalley and Muggeridge, 2010). A more quantitative treatment of such variations should determine 
how long they would actually take to equilibrate by natural processes such as fluid mixing and 
diffusion.  

England et al. (1995) showed that vertical diffusive mixing of hydrocarbons can result in the 
equilibration of compositions on a scale of 100 m in 1 million years (Ma). On the other hand, lateral 
variations of the order of 2000 m can persist for many tens of Ma. A similar analysis has shown that 
strontium isotopic compositions of formation waters could take 10’s of Ma to equilibrate (Smalley et 
al., 1995). Apparent fluid differences between wells drilled in a steep-flanked field could be a 
function of the wells sampling different parts of the fluid column, with variations reflecting filling 
history and segregation rather than indicating the presence of compartments (e.g. Scott et al., 2010). 
Indeed, Páez et al. (2010) provide a good example of the care needed with the interpretation of fluid 
data in terms of reservoir compartmentalisation. In particular, they show how variations in the 
composition of petroleum as a result of gravity segregation could easily be mistaken as evidence for 
the presence of a compartmentalised reservoir. These calculations suggest that differences in the 
composition of fluid components that equilibrate by molecular diffusion should not be taken on face 
value as strong evidence of reservoir compartmentalisation, as the time-scales for equilibration may 
be too large. The time elapsed since change took place, and the equilibration distance needs to be 
taken into account; as well as complicating factors such as structural dip of the reservoir and density 
convective mixing or segregation. 

3.2.4.2  Dynamic data  

Well test analysis: Drawdown, buildup and interference tests can be used to determine the 
presence of flow barriers as well as their distance from the tested wells (e.g. Yaxley, 1987; Dake, 
2001). In theory, such tests also could provide information on the permeability of the barrier (Bunn 
and Yaxley, 1986; Yaxley, 1987). In practise, however, it is usually not possible to determine the 
permeability of barriers from well test analyses for several reasons: 

• The thickness of the barrier is rarely known with certainty. 

• The distance to the barrier may be poorly constrained by seismic data (even up to several 
hundred meters) and the well test results may not be able to determine the distance accurately 
if it is only a partial barrier. 

• It is usually too expensive to run a well test for extended periods of time (i.e. >24 hours). So 
unless the barrier is very close to the wellbore pressure changes may be too small to identify its 
presence or calculate its transmissibility. 

• Reservoirs are usually heterogeneous in which case simple analytical solutions cannot be used to 
interpret the well test data. Instead reservoir flow simulation modelling is required to ‘history 
match’ the real test data to the simulated data in the model – which is intrinsically non-unique. 

• Well tests usually impart a small pressure drawdown across a fault, which is not equivalent to 
real production, which can result in very large (>2000 psi (13.79 MPa)) drawdown across 
barriers. 
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Long term production data: Large amounts of data on fluid production rates and pressures are 
collected during the production of a petroleum reservoir. Such dynamic data offers possibly the best 
opportunity to derive information about the extent of reservoir compartmentalisation as well as the 
position of compartment boundaries. Pressure measurements taken after the start of production are 
particularly useful for detecting compartmentalisation. Drilling a well that encounters virgin 
pressures in a high permeability reservoir that has experienced significant pressure depletion can 
provide clear evidence of compartmentalization. Interpretation of pressure measurements in 
reservoirs with low fluid mobility (i.e. low permeability, low relative permeability or high viscosity) is 
more complex because virgin pressures may be a reflection of the low flow rates within the reservoir 
units, rather than a direct indictor of the presence of flow barriers. 

Production data can be analysed in two distinct ways. It is now standard practise to use flow 
simulation models to ‘match’ simulated production history (pressures, fluids), with the real pressure 
and fluid data recorded from the wells in a field over production lifetime – to achieve the so-called 
‘history match’ (this is described below). Another traditional approach is to conduct material balance 
calculations. The material balance equation (MBE) can be used to calculate the volume of petroleum 
in contact with the production wells. Comparison with the static estimates of petroleum volumes 
obtained from geological models provides an indication of the level of compartmentalisation (e.g. 
Zijlstra et al., 2007). The material balance calculation needs to account for many variables such as 
phase changes, pressure changes, rock compressibility, volume injected etc. Despite these 
complexities, the equation can be applied without detailed knowledge of the reservoir architecture 
and permeability distribution. Hitory matching using the material balance equation can be 
undertaken using commercial software to provide information on the extent of fluid flow between 
given compartments. It can therefore sometimes be used to estimate the transmissibility of faults. A 
problem with the material balance equation is that it often contains many “unknown” or “poorly 
constrained” terms and therefore provides non-unique solutions. The authors have also come across 
situations where the material balance equation has been applied to reservoirs with co-mingled 
producers and that uncertainty regarding the exact volumes being produced from each reservoir has 
led to serious errors in the assessment of fault compartmentalization. In one particular example a 
very expensive in-fill well was drilled to extract petroleum that was believed to have been bypassed 
in a reservoir based on material balance constraints. Unfortunately, the well penetrated a highly 
depleted reservoir. A post-mortem analysis indicated that two much production from a lower 
reservoir unit had been assumed leading to the idea that the upper reservoir was under-producing 
due to fault compartmentalisation. The final analysis revealed that the upper reservoir was not 
compartmentalized.  

3.2.5 Examples of sealing faults in petroleum reservoirs 
In the following section, examples are provided of fault-related fluid flow barriers in 

petroleum reservoirs. The examples concentrate on areas where the authors have considerable 
experience. In each case, we attempt to highlight key evidence used to identify faults as barriers to 
fluid flow, key uncertainties as well as implications for self-sealing. 

3.2.5.1 Brent Province: UK and Norwegian North Sea 

The Middle Jurassic, Brent Group, of the UK and Norwegian North Sea is a sand-dominated 
broadly deltaic sequence and is one of the most productive reservoir units in the North Sea. The fact 
that the Brent Group is very important in terms of its exploration and development history means 
that large amount of data have collected over the last 45 years making it an ideal candidate to study 
the impact of faults on fluid flow over both geological and production time-scales. The Brent Group 
experienced syn-sedimentary faulting and most traps were formed prior to the early Cretaceous. 
The Brent Group is composed of the Broom, Rannoch, Etive, Ness and Tarbert Formations. The 
Broom at the base of the Brent Group is generally a poorly sorted sandstone of poor reservoir 
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quality that has been interpreted as a sub-littoral sand sheet. This is overlain by the Rannoch and 
Etive Formations, which are thought to be prograding shoreface to foreshore sandstones. These are 
overlain by the Ness Formation, which is a very variable sequence of coastal plain deposits which 
include coals, shales and sandstones. Many reservoirs contain the laterally extensive mid-Ness shale, 
which often prevents extensive fluid communication between the upper and lower Brent sediments. 
The uppermost Tarbert Formation is an arenaceous, occasionally micaceous transgressive sandstone 
unit.  

Seismic data shows that many of the faults in the Brent Group do not cut through the Base 
Cretaceous Unconformity. Extensive microstructural and petrophysical property analysis studies 
have been conducted on faults found within core of the Brent Group (Fisher and Knipe, 1998; 2001). 
These microstructural studies also suggest that faulting occurred at very shallow depths. In 
particular, the main deformation mechanism is independent particulate flow and occasionally minor 
amounts of cataclasis is observed. Fault rocks with extensive cataclastic deformation have not been 
observed within the Brent Group sediments. The main fault types observed are therefore: (i) 
disaggregation zones in clean sandstones; (ii) phyllosilicate-framework fault rocks in impure 
sandstones, and (iii) clays smears formed by the faulting of shale-rich sediments such as in the Ness 
Formation. Cements are not observed along the faults and no evidence of later fault reactivation has 
been reported from any of the cores analysed (Fisher and Knipe, 2001). 

Across-fault differences in oil-water contacts and fluid pressures have been commonly 
reported from Brent reservoirs (Table 3.1). For example, Figure 3.11 shows a plot showing SGR 
against the reported seal behaviour of faults within Brent Fields. The fields marked in red have cross-
fault differences in petroleum-water contacts. Such data suggests that fault rocks can act as 
important seals over geological time. However, as part of the current study we have careful 
reviewed the evidence for fault sealing in all of the fields identified in Figure 3.11 and have failed to 
unequivocally confirm that the differences in PWCs result from the presence of intrareservoir sealing 
faults. For example, Yielding et al. (1999) present a fault seal analysis from the Gullfaks field, which 
suggests a 50 m difference in oil-water contacts across one of the main faults on the west of the 
field. The analysis presented suggests that the sealing occurs due to the presence of a sealing fault 
rock at a Brent-Brent juxtaposition. Although the analysis looks convincing it is based on an old 
seismic survey and more recent surveys have been interpreted very differently (Statoil, pers. com.). 
In other words, without repeating the analysis based on the new seismic survey it is not possible to 
confirm the exact cause of the difference in OWC (i.e. fault rock seal, juxtaposition seal, stratigraphic 
etc.).  
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Figure 3.11 Observations of leaking vs. sealing faults from the Brent Province, northern North 
Sea compiled by Yielding (2002). Vertical bars represent range of Shale Gouge Ratio on individual 
faults. Faults are characterized as ‘sealing’ (red) or ‘leaking’ (green) depending on whether there is a 
change of hydrocarbon contact across the fault. Yellow bars indicate two faults which support OWC 
differences of <15 m, at 3200 m burial depth. Shale Gouge Ratio is defined in equation 3-6. 
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Field Comment Reference 
Alwyn 
North 

Common contacts across internal faults but some reports 
of lack of pressure support between fault blocks Inglis and Gerard (1991) 

Brent 

No evidence of fault sealing over geological time but 
history match of production data is improved by applying 
transmissibility multipliers to restrict cross-fault flow in 
simulation 

Struijk and Green 
(1991) Jolley et al. 
(2007) 

Cormorant  Internal faults do not appear to be sealing but act as 
permeability barriers 

Taylor and Dietvorst 
(1991); Bentley and 
Barry (1991); Jolley et 
al. (2007) 

Don Internal faults have been argued to seal based on slight 
differences in OWC's and hydrocarbon compositions Morrison et al. (1991)  

Dunlin Several oil-water contacts in southern and eastern parts of 
the field but no firm evidence is provided. 

Baumann and O’Cathain 
(1991) 

Eider No evidence of fault sealing  Wensrich et al. (1991) 

Gullfaks 
Evidence of 50 m difference across Brent-Brent contacts 
on the western side of the field. Main block is in 
communication. 

Yielding et al. (1999) 

Heather There were no initial pressure differences but many of the 
fault blocks do not appear to communicate Penny (1991) 

Hutton There are reports of a 22 m difference in OWC's between 
B and C compartments Haig (1991) 

NW Hutton Progressively stepped up OWC’s Johnes and Gauer 
(1991) 

Murchison 
Different contacts in the main flank and the south-flank 
faults although pressure communication exists - this looks 
like a juxtaposition seal. 

Warrender (1991) 

Ninian Common OWC but there is a reference to faults restricting 
fluid flow on production time-scales 

Van Vessem and Gan 
(1991)  

Oseberg A possible 20 m difference in oil-water contacts Statoil (pers. Com. ) 
Oseberg 
Sør 

Published data indicate 0 to 140 psi (1 MPa) pressure 
differences in hydrocarbon column across faults 

Fristad et al. (1997); 
Freeman et al. (1998) 

Oseprey Very small difference in column heights (<<10 m) Erickson and Van 
Panhuys (1991) 

Turn Western boundary fault sealing but the throw is sufficient 
to juxtapose Brent against shale-rich lower Jurassic 

Van Panhuys et al. 
(1991) 

Thistle Compartmentalisation is claimed to be a problem but no 
firm data available 

Williams and Milne 
(1991) 

Table 3.1 Summary of evidence for fault sealing in Brent reservoirs.  

 

Production data suggests, however, that faults within the Brent Group can act as barriers to 
fluid flow over shorter periods. It is particularly common to find that the upper and lower Brent 
Group reservoirs do not communicate on a production time-scale despite the fact that they are 
juxtaposed by faults. These observations are consistent with clay smears formed by the deformation 
of the Ness Formation being sufficiently continuous to form barriers to fluid flow on production 
time-scales. For example, Bentley and Barry (1991) present the results of a fault seal analysis, 
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conducted on Block IV of the Cormorant Field, North Sea. It was assumed that clay smearing and 
sand-shale juxtaposition were the most important fault-related mechanisms that restricted fluid 
flow. The results, suggests that a CSP of 5 as needed to explain fault-related compartmentalisation in 
Block IV of the Cormorant Field. 

Another example of the lack of across fault communication between the upper and lower 
Brent Group was published by Harris et al. (2002). The study showed that up to 650 psi (4.48 MPa) 
pressure difference built up across a fault separating the Upper and Lower Brent Group in the 
Strathspey Field. This large pressure difference coincides with an area along the fault which has a 
high probability of having incorporated large amounts of clay from the Mid Ness. 

Jolley et al. (2007) presented fault seal analysis studies on several fields from the Brent 
Province (including the Brent and North Cormorant Fields). The study showed both how faults could 
act as barriers on a production time-scale and that history matches to simulation models could be 
improved by incorporating realistic fault permeability values.  

Overall, it appears that in Brent Group fields where there is clear juxtaposition of clean sand 
against clean sand (e.g. self juxtaposition of the Etive Formation in the Brent, Gullfaks and Ninian 
fields), fault-related compartmentalisation is not a major issue. This is consistent with the dominant 
fault rock type being disaggregation zones, which have very similar petrophysical properties to their 
host sandstone. On the other hand, faults that deform sediments with higher clay content tend to 
act as barriers to fluid flow over production time-scales. This is consistent with presence of clay 
smears or phyllosilicate-framework fault rocks. 

3.2.5.2 Rotliegend UK and Dutch North Sea 

The Early Permian Rotliegend of the UK and Dutch southern North Sea has been the most 
important source of natural gas for the two countries over the last 40 years. The reservoirs tend to 
have a very high net to gross ratio (i.e. low clay content) and are composed mainly of aeolian, fluvial, 
sabkha and lacustrine sediments. The reservoirs are capped by the evaporitic Zechstein. The 
reservoirs appear to have experienced two major periods of faulting. The first occurred within the 
Jurassic and Early Cretaceous as a result of basin extension (Arthur, 1993). The second occurred 
during the Late Cretaceous as a result of basin inversion (Arthur, 1993). The basin inversion resulted 
in up to 3 km of uplift in the central parts of the Sole Pit Basin (Williams, 1993). 

A huge amount of information has been generated on the microstructural and petrophysical 
properties of fault rocks found within core from Rotliegend reservoirs in the southern North Sea 
(Fisher and Knipe, 1998; 2001). Overall, two types of fault rock dominate. The first are cataclastic 
faults that have experienced extensive amounts of grain-fracturing as well as post-deformation 
quartz cementation. The permeability of these fault rocks varies from ~0.1 mD to <0.0001 mD 
(Fisher and Knipe, 2001). The second are cemented faults/fractures that formed after extensive 
mesodiagenetic alteration (i.e. following quartz and illite precipitation). Common cements include 
anhydrite, ankerite, siderite and barite. In many cases, it can clearly be seen that these faults formed 
as a result of the reactivation of the earlier cataclastic faults. It is likely that the cataclastic faults 
formed at 1-3 km depth during Jurassic to Early Cretaceous whereas the latter cemented faults 
formed during basin inversion (Leveille et al., 1997). 

Across fault-differences in GWC’s are commonly reported in the Rotliegend (Table 3.2). 
There is, however, a great deal of uncertainty regarding the origin of these differences. Leveille et al. 
(1997) argued that differences GWC’s in the Jupiter Fields area was caused by the presence of low 
permeability fault rocks. On the other hand, Corrona (2005) made a detailed study of fault sealing in 
the Rotliegend and suggested that given mapping uncertainties, most if not all, trapped columns 
could be explained by juxtaposition seals without having to invoke fault rocks seals.  
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Perched water is a major cause of cross-fault differences in GWC’s within the Rotliegend. For 
example, Figure 3.12 shows fluid contact and pressure data from the West Pickerall Field, UK 
Southern North Sea. The gas within this field all plots on the same gradient whereas the pressures in 
the aquifer vary by in excess of 200 psi (1.38 MPa) for a given depth. It is initially tempting to assume 
that these pressure differences are the result of the presence of sealing fault rocks. However, close 
inspection of the pressure measurements reveals that it is the aquifers not the gas columns that are 
not in pressure equilibrium. The discussion presented in Section 3.2.2.3 suggested that, due to the 
thin nature of fault rocks, across fault pressure differences within the aquifer should equilibrate very 
rapidly if only separated by fault gouge. A more likely explanation for the pressure data presented in 
Figure 3.12 is that the overpressured aquifers are perched water and are actually separated from the 
regional aquifer by gas columns (Werngren et al., 2003). 

The uncertainty regarding the importance of fault rocks as static seals is not helped by the 
fact that the Rotliegend is overlain by thick evaporate sequences, which makes seismic imaging very 
difficult. It isn’t uncommon to find that the depth to the top Rotliegend reservoir estimated from 
seismic data is in error by >100 m.  
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Field Comment Reference 

Amethyst 

A 50 psi (0.345 MPa) pressure difference was noted 
between two wells on the Amethyst A structure although 
no data is published to verify either the quality of the 
data or whether it could have been affected by 
production from nearby fields 

Garland (1991) 

Barque Field 

Up to 50 m differences in GWC’s were noted across faults 
in the field but it is possible that this is due to the 
presence of perched water. The fact that it is a naturally 
fractured reservoir is consistent with the latter 
interpretation. 

Farmer and Hillier 
(1991a) 

Camelot The field has single GWC but production data indicates 
that faults are acting as barriers to production. 

Holmes (1991); Karasek 
and Hunt (2003) 

Clipper Field 

Large (> 50 m) differences in GWC’s were noted across 
faults in the field but pressure data has not been 
published to allow confirmation of whether this is due to 
fault seal or perched water. 

Farmer and Hillier 
(1991b) 

Ganymede 
Field 

Up to 40 psi (0.276 MPa) difference in gas and aquifer 
pressure observed across field that was argued to be 
caused by sealing faults. 

Leveille et al. (1997) 

Indefatigabl
e Field 

A ~10 m difference in GWC is observed across a fault 
with a throw of 150 to 300 m. It is possible that this 
reflects a juxtaposition seal. 

Pearson et al. (1991) 

Leman Field 
Initial reservoir pressures suggested that faults had not 
been sealing over geological time but production data 
suggests faults act as baffles to production. 

Hillier (2003a) 

North 
Valient Field 

A ~30 m difference in GWC is noted across the field. 
Pressure data is not published so it is difficult to assess 
the cause of the difference 

Pritchard (1991) 
 

Pickerill 
Large (> 50 m) differences in GWC’s were noted across 
faults in the field. It is, however, likely that these are due 
to perched water (see discussion above). 

Werngren et al. (2003) 

Sean Field 

A dry well (49/25a-6) in the north east of the field is 
possibly caused by a sealing fault. Although, other 
interpretations are possible. Production data suggests 
faults are acting as partial seals. 

Hillier (2003b) 

Viking Field 

>150 m difference in GWC observed across fault in North 
Viking although this could be due total offset of the 
Rotliegend reservoirs (i.e. juxtaposition seal). Production 
data indicates the faults act as barriers to fluid flow. 

Pritchard (1991) 
Riches (2003) 

West Sole No evidence of static fault seal but production data 
suggests that faults are acting as barriers to fluid flow Barr (2007) 

Table 3.2 Summary of evidence for fault sealing in Rotliegend reservoirs 
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Figure 3.12 Schematic diagram showing: (a) gas-water contacts within the West Pickerill Field, 
and (b) RFT data from West Pickerall. Note that the gas gradients are on the same line but the 
aquifers are on a different pressure gradient. The results indicate that some of the contacts are 
perched (based on Werngren et al. 2003) 

There is considerably more evidence to suggest that fault rocks have an impact on gas 
production in the Rotliegend of the southern North Sea. For example, van der Molen et al. (2003) 
showed that a 250 bar (~3627 psi) pressure difference built up across a fault during production from 
a Rotliegend reservoir from offshore Netherlands (Figure 3.13). Al-Hinai et al. (2007) examined the 
field reported by van der Molen and suggested that the large pressure difference could not be 
explained based simply on the absolute permeability of fault rocks in the field. However, they argued 
that the pressure difference could easily be explained if the two phase flow properties of the fault 
rocks were incorporated into the simulation model. Zijlstra et al. (2007) also presented data 
suggesting that faults in Rotliegend reservoirs were acting as barriers to production. As within Al-
Hinai et al. (2007), it was necessary to incorporate the relative permeability characteristics of faults 
rocks in the production simulation models to history match the production data.  

An important point for the current study is that there is extensive evidence of fault 
reactivation at both seismic and core scale within the Rotliegend throughout the southern North 
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Sea. However, faults still seem capable as acting as barriers to production. This suggests that 
self- sealing of faults, probably as a result of cementation, is likely to have occurred.  

Figure 3.13 Diagram showing a 280 bar pressure difference that built up across faults in the 
Rotliegend reservoir as a result of petroleum production (from van der Molen, 2003) 

3.3 Faults as conduits for fluid flow in petroleum reservoirs 
Hydrothermal systems (e.g. Ramsey, 1980; Sibson, 1981) and hydrocarbon seeps (e.g. Link, 

1952) provide evidence that faults and fractures have the ability to focus fluid flow. In sedimentary 
rocks, evidence for fluid motion in fault zones has been contradictory; some faults appear to act as 
seals and others act as flow conduits. Hooper (1991) tried to reconcile these data by suggesting that 
normal growth faults are transmissible while active and sealing when they are quiescent. From this 
concept, it is a short step to the generalization that active faults have a greater seal risk than faults 
inactive since petroleum charge. Indeed, a concept that is commonly used for seal analysis in the 
industry is that of critically-stressed faults being interpreted as providing a pathway for leakage from 
petroleum accumulations (e.g. Barton et al., 1995; Finkbeiner et al., 2001; Wiprut and Zoback, 2000). 
There is, however, a certain amount of evidence to suggest that faulting does not always increase 
permeability and create a conduit for fluid flow. For example, Fisher et al. (2003) suggested that, 
over a certain burial range, porous sandstones behave in a ductile manner and in these cases 
faulting does not increase permeability.  

Here we present a review of fault-related conduits in petroleum reservoirs. The review 
begins by discussing the evidence that is used to determine whether faults act as conduits or 
barriers to fluid flow (Section 3.3.1). We then describe some of the methodologies used to predict 
the position of fault-related fluid flow conduits in petroleum reservoir (Section 3.3.2). Some 
examples are then presented of reservoirs where faults appear to be acting as conduits to fluid flow 
(Section 3.3.3).  

3.3.1 Evidence for fault-related conduits within petroleum reservoirs 
Identification of the presence of fault-related conduits within petroleum reservoirs is not 

always straightforward partly due to the non-uniqueness of interpretation of production data. 
Indeed, even in mature petroleum basins there can remain considerable uncertainty whether faults 
and associated fractures act as conduits for fluid flow. For example, at the SPE conference on tight 
gas sandstones held in Denver 2009, a leading expert in the field stated that despite the general 
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belief within the industry that faults and fractures commonly improved production rates in tight gas 
sandstone reservoirs that hard evidence to prove the concept was often missing.  

Below are listed data that is commonly used to determine whether faults are acting as 
conduits for fluid flow. As interpretations of individual datasets are often non-unique, it is 
recommended that different datasets are combined to reduce uncertainties. 

3.3.1.1 Core observations 

It is often possible to identify fault-related flow conduits within core from petroleum 
reservoirs. Drilling through large-scale faults is often difficult and therefore core from such faults is 
rarely collected. However, examination of small-scale faults from the damage zone of larger-scale 
faults often provides robust information on whether faults are likely to enhance permeability. If a 
dilatant fault or fracture is identified in core it is important to ensure that it was not formed by the 
drilling process. The presence of natural cements along the fracture wall provides the best evidence 
that the features are natural. Where cements are not present interpretation can be more 
ambiguous.  

3.3.1.2 Wellbore images 

A variety of downhole image tools (e.g. acoustic, electrical and optical) can be used to 
identify fractures and faults in the subsurface (e.g. Barton and Zoback, 2002). As with core, it is 
sometime difficult to discriminate between drilling–induced and natural faults/fractures. However, 
Barton and Zoback (2002) provide criteria to help discriminate between natural and drilling-induced 
fractures. For example, it was suggested that a sinusoidal shape can be fit to natural fractures but 
not those that are drilling induced. It is also possible to use the sonic dipole tool to discriminate 
between natural and drilling-induced fractures. For example, Tang (2009) suggested that the 
frequency dependence of shear wave velocities could be used to discriminate between natural and 
drilling-induced fractures. 

3.3.1.3 Production logging tool (PLT) 

Spinner flow meter logs can measure the rate of fluid production along a wellbore. A 
correlation between the depth at which high flow rates are recorded and the depth at which natural 
fractures or faults are identified in either core or image logs provides very robust evidence that 
fault/fracture-related flow conduits are present. 

3.3.1.4 Higher than expected flow rates considering the permeability of the reservoir 

In some reservoirs there is a large discrepancy between the flow rates that are achieved in a 
well and the expected flow rates based on the permeability of the core. This is sometimes used as 
evidence that natural faults or fractures are enhancing permeability. For example, it has been 
suggest that commercial flow rates in the Barque, Clipper, West Sole fields in the southern North Sea 
are only achieved due to the presence of natural fractures (e.g. Farmer and Hillier 1991a,b; Winter 
and King 1991). Reiss (1980) suggested that a measure of the contribution of fractures to a reservoir 
could be obtained by using the fracture productivity index (FPI), which is simply the well test analysis 
permeability divided by the core permeability. A key problem with such interpretations is that there 
is considerable uncertainty regarding the calculation of the effective permeability of the undeformed 
reservoir from core or wire-line log data and therefore it is difficult to be certain that higher than 
expected flow rates are really due to the presence of faults or fractures. 

3.3.1.5 Well test data 

Drawdown, buildup and interference tests can be used to determine whether faults and 
fractures are contributing to flow within a petroleum reservoir. For example, Warren and Root 
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(1963) suggested that well test responses in some naturally fractured reservoirs plot on two parallel 
lines when change in pressure is plotted against time. The first slope corresponds to the drainage of 
the fracture and the second to drainage from the matrix (Figure 3.14). A key problem with well test 
analysis is that interpretations of the results are seldom unique (Dake, 2001) and therefore should 
always be backed up by other data such as core, wireline logs etc. 

 

Figure 3.14 Buildup test from a naturally fractured reservoir. Note the change in slow from 
fracture to matrix dominated flow (from Wattenbarger and Mora, 2006) 

3.3.1.6 Temperature logs 

Faults and fractures that are acting as active conduits for fluid flow sometimes have a 
different temperature to that of the adjacent strata in which case they can be identified using 
temperature logs (e.g. Paillet and Ollilia, 1994). 

3.3.1.7 Mud losses 

Higher than expected mud losses may occur if a wellbore intersects conductive faults and 
fractures (Rawnsley and Wei, 2001). For example, the correlation between mud losses and the 
proximity of large-scale faults provides extremely good evidence that faults are enhancing fluid flow 
in the Prudhoe Bay oil field (Pucknell and Broman, 1994). It is, however, important to analyse the 
data to ensure that the losses are not occurring along drilling-induced fractures. 

3.3.2 Methodologies to predict fault-related conduits within petroleum 
reservoirs 

3.3.2.1 Geomechanical methods 

Probably the most common method used to predict the location of fault-related conduits 
within petroleum reservoirs is the critically-stressed fault analysis methodology described in Section 
3.2.3.4. As mentioned earlier, a key problem with such an analysis is that it is based mainly on stress 
estimates and fault geometry without considering whether fault movement is likely to increase or 
decrease permeability. In other words, the rheology of both the faulted material and surrounding 
sediment should be also considered in such analyses.  

Although there haven’t been a large number of publications in the literature, many 
companies are now trying to predict the position of dilatant faults and fractures using sophisticated 
geomechanical models. For example, Wilkins (2007) used the boundary element code, Poly3D, to 
predict fracture intensity on the Green River Basin, Wyoming, USA.  
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3.3.2.2 Seismic analysis 

Dilatant fractures tend to be more compliant than the surrounding rock matrix, which raises 
the possibility that they can be identified using seismic-based methods. The literature contains 
numerous examples of where seismic analysis has been used to determine the position of dilatant 
faults and fractures. Below we are listed some of the techniques used: 

• Differences in interval velocities (e.g. Lynn et al., 1999).

• P-wave anisotropy (e.g. Lynn et al., 1999)

• Amplitude vs. offset and azimuth (Hall and Kendall, 2003; Kendall et al., 2007)

• Shear wave splitting analysis (Crampin, 1984; Kendall and Kendall, 1996)

• Frequency dependence of shear wave splitting (e.g. Al-Anboori et al., 2006).

Although each technique has been proven to be useful in certain situations there are also a 
huge number of examples where the application of these techniques hasn’t successfully identified 
the distribution of conductive faults and fractures. A key problem is that the presence of thick, 
anisotropic and heterogeneous overburden may dominate the seismic response. Another problem is 
that partially cemented faults may act as conduits for flow but are not necessarily significantly less 
compliant than the host rock.  

3.3.3 Examples of fault-related conduits in petroleum reservoirs 
There are numerous examples in the literature of where faults are interpreted to have acted 

as conduits for fluid flow; a selection of these is listed in Table 3.3. The presence of these conductive 
faults and fractures shows that in many circumstances faults and fractures do not reseal. A key 
feature of many of these examples is that the faults formed in very brittle rock during burial or after 
the reservoir had been uplifted significantly (i.e. >1 km) following maximum burial. The presence of 
fault and fracture related conduits in hot (>100oC) reservoirs, such as the Cupiagua Field, emphasises 
that faults do not necessarily rapidly self-seal even when rates of quartz cementations would be 
expected to be quite rapid. The numerical model for quartz cementation presented by Walderhaug 
et al. (1996) provides an explanation for slow rate of self-sealing of faults and fractures in hot 
sandstone reservoirs. In particular, the model suggest that even at 200oC quartz cement only 
precipitates on quartz surface (i.e. fault or fracture surfaces) at around 10μm/Ma (Fisher and Casey, 
unpublished results) so this process can be very efficient at cementing sandstone pores that are on 
the scale of 50 μm but not faults and fractures with significant (i.e. >1 mm) apertures.  
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Field Comment Reference 
Clair Field, 
UK North 
Sea 

Devonian sandstone reservoir that appears to have 
experienced faulting after being uplifted. The field 
currently has a temperature of 65oC.  

Barr et al. (2007) 

Prudhoe Bay 
Field, Alaska 
USA 

The reservoir is composed of sandstones and 
conglomerates of Permo-Triassic age. Wells that intersect 
faults have been reported to experience large mudlosses 
and early water breakthrough suggesting that the faults 
are conduits for fluid flow. Current temperature is 80 to 
105oC and it has been reported that the area has 
experienced over 1 km of uplift since maximum burial. 

Curveny et al. (2004) 
Sneider and Erickson 
(1997) 
Pucknell and Broman 
(1994) 

Cupiagua 
Field, 
Colombia 

The reservoir is extensively cemented by quartz with a 
porosity of <10%. Faults within the field are seismically 
active and it has been argued that flow rates are 50% 
higher due to the presence of faults and fractures. The 
field currently has a temperature of 115 to 150 oC. 

Giraldo et al. (2000) 
Osorio et al. (2008) 

Monterey 
Formation, 
California, 
USA 

Diatomite reservoir in which optimally orientated faults 
appear to be enhancing production. 

Finkbeiner et al. (1997) 
Isaacs (1984) 

Mesaverde 
Formation, 
Piceance 
Basin, 
Colorado 

Tight gas sandstone play in which higher production rates 
have been reported in highly fractured wells close to 
major faults. Reservoir temperature is 75 to 125oC. The 
fractures are partially cemented by quartz and calcite. 

Warpinski and Lorenz 
(2008) 
 

Table 3.3 A list of fields where faults have been reported to act as conduits for fluid flow.  

3.4 Impact of faults on fluid flow within carbonate sequences 
As with siliciclastic reservoirs, it is highly likely that juxtaposition of carbonates against sealing 

lithologies such as shales and evaporates would create an effective barrier to petroleum migration 
over geological time. However, in general, fault sealing in carbonate reservoirs has received 
nowhere near as much attention as fault sealing in siliciclastic reservoirs. The overwhelming reason 
is that there are very few examples where faults, and particularly fault rocks, within carbonate 
reservoirs have been invoked as acting as barriers to fluid flow. Instead, the general view is that 
faults in carbonate reservoirs tend to act as conduits not barriers to fluid flow. In the following 
section we attempt to provide a brief review of the impact of faults on fluid flow in carbonate 
reservoirs. Firstly, we discuss potential fault seal mechanisms that could operate in carbonate 
reservoirs and then provide an explanation as to why these processes are not widely recognized 
(Section 3.4.1). Secondly, we provide examples from petroleum reservoirs of how faults have 
affected fluid flow on production and geological time scales (Section 3.4.2). The results of the review 
are then briefly summarized in Section 3.4.3. 

3.4.1 Potential fault seal mechanisms in carbonate reservoirs 

As a first stage in our analysis we conducted a literature review to assess potential fault-seal 
processes (e.g. cataclasis, cementation, clay smear) that could potentially seal the faults within 
carbonate reservoirs. Our overall conclusions of the literature review are: 
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• Faulting of weak, high porosity, carbonates can result in cataclastic deformation and the 
production of a fault rock with lower porosity and permeability as well as higher capillary 
entry pressure than the host sandstone (e.g. Tondi et al., 2006; Tondi, 2007).  

• Large fault offsets in low-to-moderate porosity carbonates can form very low porosity 
cataclastic faults with high threshold pressures and low permeabilities (e.g. Antonellini and 
Mollema, 2000; Billi et al., 2003). However, outcrop studies of these fault rocks show that 
they are cut by later open fractures (Fisher, unpublished data). If this reflects the situation in 
the subsurface it is unlikely that such cataclastic faults would act as barriers to fluid flow in 
carbonate reservoirs. 

• Smearing of clay-rich or evaporite-rich layers along faults could result in clay or evaporite 
smears (Aydin and Eyal, 2002). However, examination of faults in mixed carbonate-shale 
sequences (e.g. Figure 3.15) suggests that clay smears may not be as continuous as they are 
in siliciclastics because the shale deforms in a brittle manner due to the presence of early 
carbonate cements.  

 

 

Figure 3.15 Discontinuous clay smear along a normal fault within Cretaceous marls north of 
Gualdo Tadino, Central, Apennines, Italy – arrow (Fisher, unpublished data) 

The brief review presented above indicates that there are several processes which lead to fault 
sealing in siliciclastic reservoirs could also lead to the development of fault-related barriers to fluid 
flow within both carbonate and mixed carbonate-shale lithologies. Observations of such sealing 
processes occurring along faults in outcrop are, however, relatively rare and most studies suggest 
that faults act as conduits for fluid flow within carbonates (e.g. Davidson and Snowdon, 1978; 
Dunham, 1988; McCaig et al.,1995; Ferrill and Morris, 2003). The most likely reason for the 
differences between the fault rocks developed in these lithologies is that carbonates tend to lose 
porosity and become embrittled at far shallower depths than siliciclastic sediments. This early 
porosity loss means that faults developed in carbonates are more likely to undergo brittle dilatant 
deformation.  

Several studies have highlighted the fact that carbonates tend to lose porosity at shallower 
depths than siliciclastic reservoir. For example, Ehrenberg and Nadeau (2005) presented average 
porosity depth trends from 30,122 siliciclastic and 10,481 carbonate reservoir from a large selection 
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of petroleum producing countries (Table 3.4). The results clearly show that carbonate reservoirs lose 
porosity at shallower depths than siliciclastic reservoirs. Wong et al. (1997) suggested that brittle-
dilatant faulting results in permeability reduction when porosities are >15% but permeability 
increase when porosity is <15%. Table 3.4 indicates that around 50% of carbonate reservoirs have a 
porosity of <16% by the time they are buried to 0.75 km and it seems likely that deeper reservoirs 
would deform by brittle-dilatant faulting in which the permeability of the fault rock is higher than 
the surrounding sediment. In contrast, 50% of siliciclastic reservoirs have a porosity of >15% until 
they are buried to >3.25 km. It should be noted that there is no strong evidence to suggest that the 
15% rule-of-thumb is valid in carbonates and further work is required to collect data on the 
geomechanical properties of carbonate rocks to identify robust criteria that can be used to assess 
the risk of fault-related conduits forming in carbonate sequences. 
 

Burial 
depth 
(km) 

P10 P50 P90 P10 P50 P90 

 Carbonates Siliciclastics 
0-0.25 6 18 28 13 24 31 

0.25-0.75 6 16 28 14 22 31 
0.75-1.25 10 12 20 14 20 30 
1.25-1.75 8 12 19 13 20 28 
1.75-2.25 5 10 20 12 20 27 
2.25-2.75 5 10 19 11 18 27 
2.75-3.25 5 9 16 11 16 24 
3.25-3.75 5 8 14 10 15 25 
3.75-4.25 3 8 14 9 14 24 
4.25-4.75 3 8 15 8 13 22 
4.75-5.25 1 7 13 7 11 18 
5.25-5.75 1 6 11 7 10 20 

Table 3.4 Average porosity vs. burial depth from a database of 30122 siliciclastic and 10,481 
carbonate reservoirs (from Ehrenberg and Nadeau 2005) 

3.4.2 Evidence for the impact of faults on fluid flow in carbonate reservoirs 

An extensive literature survey has been conducted to assess the impact of faults on fluid 
flow in carbonate reservoirs. The majority of cases reported indicate that faults do not act as barriers 
to fluid flow or act as conduits (e.g. Table 3.5). There are, however, occasional reports of faults 
acting as barriers to fluid flow although these always have either other explanations or are caused by 
juxtaposition of reservoir against non-reservoir. For example, an exploration well drilled downdip 
from the Lekhwair East field, Oman, had unexpectedly high oil saturations and raised aquifer 
pressures (Harris et al. 2003). This was initially interpreted as evidence for reservoir 
compartmentalization by sealing faults. However, the structural history of this field indicated that a 
large part of the present-day “transition zone” oil is residual oil from older (pre-Eocene) trapping 
conditions. The change in aquifer pressure across the fault is now understood to be a depletion 
effect from nearby production. Barkved et al. (2005) presented 4D seismic data, from the highly 
porous chalk reservoir in the Valhall Field, North Sea, which was interpreted to suggest the presence 
of a fault-related barrier to petroleum production. It is, however, unknown whether this is due to 
the presence of a low permeability fault rock or whether it is simply caused by the juxtaposition of 
low permeability against high permeability chalk. 
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Field Comment Reference 
Andector 
field, Texas, 
USA 

Not a barrier: Common OWC across all four major fault 
blocks that are separated by faults with throws of up to 
150 m. 

Galloway (1983) 

Oregon 
Basin field, 
Wyoming 
USA 

Not a barrier: Common OWC across all field and no sign 
of faults acting as barriers from production data. Wyoming Geological 

Assn. (1989) 

Person field, 
Texas, USA 

Not a barrier: Common OWC in fault blocks where faults 
juxtapose reservoir. Richter (1967) 

Renqiu field, 
China, 

Not a barrier: Common OWC in all fault blocks Horn (1990) 

Fashing 
field, Texas, 
USA 

Conduit: early water breakthrough in wells drilled close 
to a major bounding fault is interpreted to indicate that 
the fault act as a conduit for fluid flow during production 

Kosters et al. (1989) 

Fateh Field, 
UAE 

Conduit: carbonate reservoir offshore Dubai, which has a 
porosity mostly below 10%. Production data has been 
interpreted to suggest that faults act as conduits to fluid 
flow within the field but the evidence is not unequivocal. 
Fractures do, however, improve production and these 
have not resealed. 

Trocchio (1990) 

Yibal Field, 
Oman 

Conduit: A flat OWC, early water breakthrough in 
producers at the crest of the field as well as material 
balance considerations indicate that faults are acting as 
conduits for fluid flow. 

Blaskovich et al. (1985) 

Table 3.5 Examples of the impact of faults on fluid flow within carbonate reservoirs 

3.4.3 Faulting and fluid flow in carbonate-rich sequences: a summary 

The brief review of the impact of faults on fluid flow in carbonate-rich sequences indicates 
that, as with siliciclastic sequences, faults may act as barriers to fluid flow if they juxtapose the 
carbonate against a sealing lithology such as shale or evaporate. There is also evidence that fault 
sealing processes, such as cataclasis and clay smear development may also occasionally allow faults 
rocks in carbonate-rich sequences to act as barriers to fluid flow. However, both outcrop and 
evidence from carbonate-rich petroleum reservoirs suggests that it is rare for fault rocks in 
carbonates to act as barriers to fluid flow on either geological or production timescales. The main 
reason for the difference with siliciclastic reservoirs is that carbonates become embrittled at 
shallower depths and therefore are more susceptible to brittle-dilatant behavior allowing any faults 
that form to become conduits not barriers to fluid flow.  

3.5 Impact of faults on fluid flow in petroleum reservoirs: 
implications for self-sealing 

This chapter has attempted to review current knowledge regarding the impact of faults on 
fluid flow in petroleum reservoirs. We have attempted to highlight, with specific field examples, the 
wide range of ways that faults can affect fluid flow on both production and geological time-scales. 
The review has paid particular attention to describing evidence that is used by the petroleum 
industry to determine how faults have affected fluid flow on a geological time-scale and how they 
have affected petroleum production. In the following section we attempt to integrate this 
information to identify key implications for our knowledge of how faults reseal following faulting. 
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• Unequivocal evidence exists that faults can seal petroleum over geological time scales (i.e. >1
Ma) as a result of juxtaposition of reservoir against sealing lithologies such as shale and
evaporite deposits. These examples suggest either that the faults never acted as conduits to
fluid flow or have since resealed. Such examples will be the focus of the next chapter and are not
discussed further in this section.

• There is considerable evidence to indicate that faults can act as either barriers or conduits to 
fluid flow on a production time-scale. The latter provide examples where faults have not self 
sealed. Self-sealing seems to have been effective when faulting occurred early, prior to 
maximum burial (e.g. Brent reservoirs) and where fluids with a high cement content is present 
(e.g. Rotliegend). Self-sealing is less effective in brittle, quartz-rich, reservoirs deformed during 
uplift (e.g. Clair Field).

• There is considerable controversy regarding the ability of fault rocks to act as barriers to fluid
flow over geological-time scales. The fact that faults are very thin and not totally impermeable
indicates that they are not likely to act as significant barriers to single-phase flow over geological
time. Opinion is highly divided regarding the ability of fault rocks to act as barriers to the flow of
a non-wetting phase (e.g. oil and gas) over geological time. The lack of clarity on this issue is
related to the fact that most evidence that is used by the petroleum industry to determine how
a fault rock has affected fluid flow over geological is non-unique. Interpretations of data are
therefore often model-driven rather than evidence-based.

• The uncertainty regarding the ability of fault rocks to act as barriers to immiscible fluids,
combined with the strong arguments derived by integrating laboratory measurements of fault
thickness and fault rock permeability, indicate that it would be unwise to rely on fault rocks to
act as barriers to single-phase flow over geological time-scales in mixed shale-carbonate or
shale-sandstone sequences.

Much of the evidence gathered during this review has been taken from petroleum 
reservoirs, which tend to be buried more deeply and have often experienced faulting under higher 
effective stress conditions than the rocks within potential shale-hosted radioactive waste disposal 
sites. The lessons learned from the petroleum-bearing can be applied to radioactive waste disposal 
sites to a varying extent. In particular: 

• Juxtaposition of high permeability against low permeability sequences is the only process that
has been proven to have the ability to retard fluid flow over geological time-scales – this is likely
to be true of faults developed in shallower intervals such typical of radioactive waste disposal
sites. Fault seal analysis based on Allen-type fault plane maps is likely to be the preferred
method to identify fault seals in such shallow environments.

• Fault rocks may act as barriers to fluid flow on a production-time scale (i.e. 0 to 50 years) and
are more likely to do so in clay-rich sequences that deform in a ductile manner or in high
porosity sandstones that deformed under high effective stresses and experienced considerable
post-deformation quartz cementation. The low effective stresses and temperatures that are
likely to be present around radioactive waste disposal sites means that neither clay smear
development or cataclasis combined with quartz cementation can be relied upon to form
effective barriers to fluid flow.

• Faults rocks in brittle, carbonate-cemented, sediments do not appear to act as barriers to fluid
flow on either a production or geological time-scale and it is likely the same will be true of fault
rocks developed within similar lithologies around radioactive waste disposal sites.
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4 Petroleum trapping by shale-rich caprocks  

Key points 

• Shales are one of the most common lithologies that act as caprocks to petroleum 
reservoirs. Extensively faulted shale sequences can seal petroleum over geological 
time scales (>10 Ma) suggesting that either: (i) faults in shale-rich sequences can 
develop without acting as significant fluid flow conduits, or (ii) faults in shale-rich 
sequences may only act as temporary conduits to fluid flow but can then reseal 
sufficiently that they are able to support very significant petroleum columns. 

• Evidence for leakage along faults and fractures includes: (i) residual petroleum in 
structures with top seals that have capillary threshold pressures that are too high 
to be overcome by the buoyancy force in the petroleum column; (ii) seismic 
anomalies/gas chimneys above faults; (iii) pockmarks or petroleum seepages that 
align with faults and fractures; (iv) dry structures in structural highs in geological 
formations that are filled-to-spill down dip; (vi) hydrocarbon-related diagenetic 
zones. It should be noted that such evidence may have other interpretations than 
fault- and fracture-related leakage. 

• It is often argued that faults and fractures are major conduits responsible for 
leakage through shale-rich sequences. However, the data behind such 
interpretations is often non-unique and more likely interpretations often exist. For 
example, the South Eugene Island Block 330 is the most widely studied example of 
along-fault petroleum migration. However, careful examination of the data 
suggests that the rates of oil migration may be far less than is often quoted.  

• Even relatively thin shales (<50 m) are capable of acting as effective seals despite 
being heavily faulted (e.g. California). 

• There doesn’t appear to be any higher incidence of leaked traps in regions that are 
seismically active to those that are aseismic. This suggests either that fault 
movement doesn’t always create a flow conduit in shale-rich sequences or 
resealing occurs very rapidly. 

• There is significant evidence that faults may act as migration paths above 
reservoirs that are both filled-to-spill and overpressured suggesting that the faults 
have resealed. 

• Fault-related petroleum seeps are common particularly in areas that have 
experienced a huge amount of recent extensional deformation such above salt 
domes and mud volcanoes as well as close to the edge of active plate boundaries 
(e.g. Timor Sea). 

• The occurrence of dry, normally-pressured reservoirs may reflect the formation of 
faults or fractures in the shale-rich caprocks that have allowed leakage and have 
not resealed. However, an in-depth study would be needed to support this 
hypothesis. 

• Leakage along faults and fractures is only possible if: (i) stress/pore pressure 
conditions are conducive to their formation, and (ii) dilation occurs and is 
maintained (i.e. rapid resealing doesn’t occur). Most top seal risking strategies 
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used by the petroleum industry only consider the former criteria.  

• The rheology (brittleness) of the shale is likely to be a key factor in controlling the 
ability of faults and fractures to reseal. The petroleum industry often uses 
overconsolidation ratio (OCR) as a measure of whether faulting is likely to result in 
leakage of reservoirs through shale top seals. Top seals with an OCR >2.5 are 
thought to have increased the chance of leaking.  

• Based on OCR, the Opalinus Clay in Benken (OCR~1.5-2.5) would be thought of as 
being borderline regarding its susceptibility to deforming to create fault and 
fracture-related conduits. On the other hand, the Opalinus Clay Mont Terri would 
be viewed as high risk of leakage as its OCR is 2.5-3.5. However, there is also 
evidence that top seals that have not been embrittled by deep burial can remain 
good seals despite deforming when severely overconsolidated (e.g. Kinsale Head 
Gas Field discussed in Section 4.4.1.2). 

• Structures that have experienced considerable uplift (>1 km) or are in regions 
experiencing very high strain rates seem particularly vulnerable to leakage. 

 

4.1 Introduction 
Petroleum in conventional reservoirs is usually trapped by low permeability caprocks. Shales 

are one of the most common lithologies that act as caprocks for petroleum reservoirs. For example, 
over 50% of the world’s largest oil and gas fields are capped by shale (Grunau, 1981; 1987). The fact 
that extensively faulted shale sequences can seal petroleum over geological time-scales (>10 Ma) 
provides extremely strong evidence that either: (i) faults in shale-rich sequences can develop 
without acting as significant conduits to fluid flow, or (ii) faults in shale-rich sequences may act as 
temporary conduits to fluid flow but can then reseal sufficiently that they are able to support very 
significant petroleum columns.  

On the other hand, the petroleum industry frequently drills traps beneath shale-rich 
caprocks, which prove not to contain commercial quantities of oil or gas (e.g. Gaarenstoom et al., 
1993; Nordgård Bolås and Hermanrud, 2002). It is frequently argued that the lack of petroleum is 
caused by leakage along faults or fractures within shale-rich caprock. Study of the way in which 
faults affect petroleum flow through shale-rich caprocks may therefore provide useful information 
that could be used as evidence for how faults could affect fluid flow within shale-rich sequences 
around potential radioactive waste repositories. It is the basic purpose of the following chapter to 
gather such evidence. Particular attention is paid to the following aspects: 

• Reviewing the mechanisms controlling petroleum leakage through shale-rich caprocks. 

• Identifying how the presence of faults within shale-rich caprocks affects their ability to seal 
petroleum reservoirs. Specific attention is paid to identifying: (i) examples where the presence 
of faults in shale-rich caprocks has led to significant leakage from petroleum reservoirs; (ii) 
identifying examples where reservoirs with shale-rich caprocks have not leaked significant 
petroleum despite being affected by recent fault activity; and (iii) identifying the main reasons 
that determine whether faults in shale-rich caprocks seal or leak.  

4.2 Capillary sealing capacity of shales 
As discussed in Section 2.2, a non-wetting phase cannot pass through a porous material until 

its phase pressure exceeds that of the wetting phase by an amount known at the threshold pressure. 
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The threshold pressure of shales is usually measured using Hg-injection porosimetry. Ideally, Hg-
injection tests should be undertaken on shale samples that are placed in a core holder at confining 
pressures equal to those within the subsurface. Furthermore, the threshold pressure should be 
established by monitoring the electrical conductivity of the sample during the experiment – a large 
increase in electrical conductivity should be noted when a connected network of mercury is 
established throughout the sample. Unfortunately, industry practise is generally to use the 
Micrometrics Hg-injection porosimeter, which means that the samples are tested under hydrostatic 
conditions and electrical resistivity is not measured. The threshold pressure is then generally taken 
as the inflection point on a plot of Hg-pressure vs. Hg saturation. This technique indicates that shales 
generally have Hg-threshold pressures of 1000 to 21,000 psi (6.89-144.8 MPa) (Almon et al., 2005; 
Dawson et al., 2003; Fisher, unpublished data). The density contrast between petroleum and water 
has a large influence on the buoyancy force within the petroleum column and hence the pressure 
differential (capillary pressure) between the oil and water at the interface of the reservoir and seal. 
The density of brine varies between around 1.0 gm-3 for low salinity brines up until 1.2 gm-3 for halite 
saturated brines. The density of petroleum shows far larger variations, from <0.2 gm-3 of a dry gas to 
>0.9 gm-3 for a very heavy oil. If this were the case, shales with Hg-threshold pressures of 1000 to 
21,000 psi (6.89-144.8 MPa) could seal a gas column (assumed density of 0.20 g/cm3) of between 
70m and 1.4 km and an oil column (assumed density of 0.7 g/cm3) of 165m to 3.6 km. 

4.3 Leakage mechanisms 
Leakage of petroleum through shale-rich caprocks is generally thought to occur either by 

flow through the shale matrix or along deformation features such as faults, fractures or sand 
injection structures (Schowalter, 1979; Watts, 1987; Aplin and Larter, 2005; Teige et al., 2005). As 
discussed above, leakage through a water-wet pore system requires the buoyancy force in the 
petroleum column to overcome the threshold pressure of the shale. The threshold pressure of 
shales can be sufficiently high that they could theoretically provide seals to petroleum columns of 
several km’s. However, it is possible that the presence of oil-wet pathways through the shale could 
allow leakage to occur at lower threshold pressures (Aplin and Larter, 2005; Teige et al 2005).  

The focus of the current study is on self-sealing so the remainder of this section will 
concentrate on petroleum leakage through shale-rich caprocks due to the presence of faults and 
fractures. Many studies have argued that petroleum reservoirs, which are capped by shales, leak due 
to the formation of hydrofractures (e.g. Gaarenstoom et al., 1993) or the movement of faults (e.g. 
Losh, 1998; Castillo et al., 2000; Losh and Cathles, 2004). Here we attempt to identify some of the 
key factors that control leakage along faults or fractures. In essence, two conditions need to be met 
for a fault or fracture to allow leakage from a petroleum reservoir. First, the stress and pore pressure 
conditions need to be conducive for failure to occur. Second, the pore pressure and stress conditions 
need to be at a level relative to the strength of the rock to prevent the fault/fracture from closing. 
These two aspects are discussed separately in Section 4.3.1 and Section 4.3.2 respectively. 

4.3.1 Stress and pore pressure conditions required for fault and fracture 
development 
The Mohr-Coulomb failure criteria described in Section 3.2.3.4 is the most common method 

used by the petroleum industry to assess whether a rock mass will fail by the initiation of new faults 
or pre-existing features. This is often combined with the Griffith fracture criteria to provide the 
Mohr-Griffith criteria (Figure 4.1). Tensile fractures are likely to develop if stresses within the 
subsurface intersect with the failure criteria at –ve values of σ’, whereas shear fractures (faults) are 
likely to develop if the stress within the subsurface intersect the failure criteria at +ve values of σ’. 
Detailed descriptions of the application of these failure criteria can be found in textbooks such as 
Frær et al. (2008). Several methods have been developed to assess the likelihood of top seal leakage 
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via faults and fractures that are broadly based on these criteria. These are discussed in more detail 
below.  

 

Figure 4.1 The effective normal (σ'n) and shear (τ) stresses leading to shear and tensile 
fracturing assuming a cohesionless Coulomb failure envelope (τ = µsσ'n) for shear reactivation of a 
pre-existing fracture and a composite Griffith (τ2 - 4T σ’n - 4T2 = 0) – Coulomb (τ = C + =µiσ'n) failure 
envelope for intact rock. The upper diagrams are schematic illustrations of the orientations of tensile 
and shear fractures in a rock sample. Shear fracturing occurs where differential stress (σ1 - σ3, the 
diameter of Mohr circle) is relatively large compared to the tensile or cohesive strengths and tensile 
fracturing at relatively lower differential stress. The symbol µs is the static friction coefficient along 
an existing plane of weakness; and µi is the internal coefficient of rock friction for intact rock (From 
Mildren et al., 2005) 

Natural hydraulic fractures (NHFs) may be responsible for leakage of petroleum from 
overpressured reservoirs (e.g. Hubbert, 1953; Hubbert and Rubey, 1959; Hubbert and Willis, 1957; 
Secor, 1965, 1969). NHFs are thought to form once the pore pressure, Pp, exceeds the minimum 
horizontal stress (Shmin) plus the tensile strength of the rock, T. The latter term is often ignored as it is 
small in comparison to Shmin. In other words, pore pressure increases are believed to move the rock 
towards tensile failure (Figure 4.2a). In the original work on NHF development, it was believed that 
increases in pore pressure affected the position not the size of the Mohr circle (Figure 4.2a), which 
would suggest that poorly lithified sediments would be more likely to fail in shear than in tension 
(Figure 4.1b). However, recent measurements of the stress evolution in depleting oil fields (e.g. Salz, 
1977; Whitehead et al., 1987; Teufel et al., 1991; Hettema et al., 2000) and the Shmin in 
overpressured sediments (e.g. Yassir and Bell, 1994) have been interpreted as showing that 
increasing pore pressure also increases the horizontal stress. This process is referred to in the 
literature as horizontal stress-pore pressure coupling (e.g. Hillis, 2001). Consequently, the Mohr 
circle reduces in size as pore pressure increases, which increases the chance that tensile fractures 
could form (Figure 4.1c). Nevertheless, it is still frequently argued that the formation of purely 
tensile natural hydraulic fractures is likely to be rare (e.g. Finkbeiner et al., 2001; Nordgård Bolås and 
Hermund, 2002; Hillis and Nelson, 2005). The reason behind such arguments is that pure tensile 
fractures can only form when the Mohr circle intersects the failure envelope when shear stress is 
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zero. However, this can only occur if the differential stress is less than four times the tensile strength 
(Secor, 1965). Instead, it is likely that the Mohr envelope will meet the failure envelope where mean 
effective stress is positive and hence shear fractures or hybrid shear/tensile fractures are likely to 
develop.  

 

Figure 4.2 Griffith-Coulomb failure diagrams for reservoirs undergoing a pore pressure 
increase. a) shows an example where poroelastic effects are not taken into account - here the Mohr 
circle stays the same size but moves towards the tensile failure criteria. b) shows that for this would 
result in brittle failure if it occurred in a rock with a low cohesion. c) shows how poroelastic effects 
can decrease the size of the Mohr circle as pore pressure rises which increases the chance of natural 
hydraulic fracture development 

The idea that increased pore pressures allow fluid leakage along faults and fractures is 
consistent with the observation that pore pressures tend to reach a maximum of around 70% to 90% 
of the lithostatic load (e.g. Gaarenstoom et al., 1993; Bjørlykke and Høeg, 1997), which is very similar 
to Shmin measured in sedimentary basins (e.g. Breckels and van Eekelen, 1982). This has led to the 
idea that sealing capacity in the subsurface is limited by Shmin which in turn has resulted in the 
development of the retention capacity, RC, as an indicator of the likelihood of top seal failure 
(Gaarenstoom et al., 1993), where: 

 𝑅𝐶 = 𝑆ℎ𝑚𝑖𝑛 − 𝑃𝑃 (4-1) 

RC doesn’t specifically take into account the possibility that shear failure can cause leakage 
(Nordgård Bolås and Hermanrud, 2003), which as discussed above is a distinct possibility. Several 
other criteria have therefore been developed to include the likelihood that a top seal will experience 
shear failure (Figure 4.3). These include: 
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• Slip tendency (Morris et al., 1996) is the ratio of shear to effective normal stress acting on a fault 
plane and was developed to assess the likelihood of slip on a cohesionless fault. 

• Dilation tendency (Ferrill et al., 1999) attempts to assess whether fault movement will result in 
dilation by determining how close σ1’ is to being normal to the fault. 

• Coulomb fault function (Castillo et al., 2000) is the difference between the shear stress acting on 
a fault and that shear stress required to cause reactivation of a cohesionless fault. 

• Critical stress perturbation (Wiprut and Zoback, 2002) is the increase in pore pressure that 
would be required to decrease the effective normal stress on a cohesionless fault sufficiently to 
cause reactivation. 

• Fault analysis seal technology - FAST (Mildren et al., 2005) is the increase in pore pressure that 
would be required to decrease the effective normal stress on a cohesive fault sufficiently to 
cause reactivation. 

 
Figure 4.3 Diagram showing various parameters that have been proposed to determine the risk 

of top seal leakage (From Mildren et al., 2005) 
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Key problems with these risking schemes include: 

• It is possible that many faults within a field have an orientation favourable for reactivation. 
However, strain partitioning may concentrate fault displacement onto a small proportion of the 
faults present, so that most faults do not reactivate (Bailey et al., 2005). 

• Leakage may have occurred in the past and it is difficult to predict palaeo stress and pore 
pressure. 

• The methods tend to assume that faulting is always associated with dilation but there is a 
significant amount of laboratory and field data to suggest that this often is not the case 
especially in poorly lithified sediments. 

• The methods assume that the seal is anisotropic, and that failure envelopes sensu stricto are also 
directional dependent. This further sophistication may not be necessary, however, in practical 
situations, as anisotropy is mostly of the vertical transverse isotropic (VTI) type, and at shallow 
depths, not very strong. The situation will be different at larger depths and in more complex 
geology. 

4.3.2 Conditions required for flow conduits to be formed and maintained 
The previous section described the stress and pore pressure conditions required for the 

formation of faults and fractures. Here we concentrate on reviewing the conditions that are required 
for deformation features to act as fluid flow pathways over a significant period of time. The hard 
rock background of many structural geologists working in the petroleum industry has lead to the 
widely held view that faulting always results in dilation and the formation of a fluid flow conduit. 
There is, however, a large volume of experimental data from both the rock and soil mechanics 
literature that shows that faulting is not always accompanied by a permeability increase. For 
example, experiments on porous sandstones show that two end member modes of deformation 
may be distinguished based on the post-yield macroscopic structure of samples (e.g. Griggs and 
Handin, 1960). The first, localised or brittle deformation, results in the formation of discrete slip 
planes, which accommodate most of the strain. The second, distributed or ductile deformation, does 
not result in the formation of discrete slip surfaces; instead strain is accommodated throughout the 
sample. A transitional regime, often referred to as the brittle-to-ductile transition, exists by which 
deformation occurs along multiple slip planes (Scott and Nielsen 1991). Localised deformation leads 
to dilation, which results in a permeability increase if the porosity is <15% at the time of faulting or a 
permeability decrease if the porosity is >15% (e.g. Zhu and Wong, 1997). Sandstone deformed by 
cataclastic flow or on the brittle-ductile transition experiences compaction and permeability 
reduction.  

Similar results have also been obtained from deformation experiments on clay-rich 
sediments and shales (Bolton et al., 1998; Gutierrez et al., 2000; Zhang and Rothfuchs, 2004; Holland 
et al., 2006). For example, Holland et al. (2006) showed that the threshold pressure of clay-rich faults 
was higher than the undeformed sediment. Bolton et al. (1998) suggested that the shear 
deformation of normally consolidated shales was likely to result in a permeability decrease whereas 
faulting of overconsolidated shales was likely to result in permeability increase.  

A small number of studies have attempted to incorporate the likelihood that faulting will result in 
the formation of a long-term conduit into their risking strategies. For example, Ingram et al. (1997) 
suggested that a useful indicator of the likely behaviour of mudrocks is the brittleness index, BRI, 
which is defined as: 

𝐵𝑅𝐼 =
𝑈𝐶𝑆
𝑈𝐶𝑆𝑁𝐶

 (4-2) 
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where UCS is the current unconfined compressive strength of the rock and UCSNC is the unconfined 
compressive strength of rock with normal consolidation for the effective stress that the rock is 
presently experiencing. Ingram et al. (1997) suggested that rocks became brittle and were prone to 
leakage if BRI was greater than 2 at the time of faulting. UCSNC can be estimated from empirical soil 
mechanics correlations (Craig, 1987) such as:  

𝑈𝐶𝑆 = 0.5𝜎′ (4-3) 

where σ’ is the in situ stress corresponding to normal consolidation at the depth of interest. UCS can 
be measured in the laboratory or estimated from logs. Ingram et al. (1997) suggested that UCS could 
also be estimated from compressional wave velocities using: 

𝑙𝑜𝑔(𝑈𝐶𝑆) = −6.36 + 2.45𝑙𝑜𝑔(0.86𝑉𝑝 − 1172) (4-4) 

where UCS is in MPa and Vp is in m/s. Unfortunately, datasets have not been published to provide an 
indication of the accuracy to which BRI can be used to identify leaked prospects. Corcoran and Doré 
(2002) discuss the role of shale brittleness in top seal analysis. It was suggested that shale ductility 
could be broadly related to its density (Figure 4.4) although great care should be taken using this 
approach because density varies with mineralogy and ductility is also dependent upon factors such 
as confining pressure, temperature etc.  

Later, Nygård et al. (2006) used overconsolidation ratio, OCR, as a measure of whether faulting was 
likely to be compactive of dilatants. OCR is defined as: 

𝑂𝐶𝑅 =
𝜎′𝑚𝑎𝑥
𝜎′𝑝𝑟𝑒𝑠𝑒𝑛𝑡

 (4-5) 

where σ’max is the maximum effective stress previously experienced and σ’present is the present-day 
effective stress. Nygård et al. (2006) suggested that heavily overconsolidated mudrocks (OCR> 2.5) 
are prone to behaving in a brittle manner and would dilate during faulting.  
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Figure 4.4 Mechanical properties of mudrocks. Relationship between ductility (% strain at 
fracturing) and bulk density (g/cm3), at a constant confining pressure of 1000 kg/cm2, for a 
population of Neogene mudrocks from Japan. Mudrocks with densities in excess of ~2.5 g/cm3 exhibit 
brittle behavior and fracture at strains of less than 3%. Diagram from Corcoran and Doré (2005), 
data from Hoshino et al. (1972) 

In addition to deformation actually increasing permeability, it is also necessary to assess 
whether fluid flow conduits are likely to remain open for sufficient time for significant amounts of 
leakage to occur. This is something that is not generally considered by the petroleum industry but 
will be discussed here as it may be relevant to some of the case studies discussed below. Fracture 
closure could occur by several processes including: 

• Cementation 

• Short term stress-related fracture closure mechanisms (e.g. elastic, plastic deformation etc.) 

• Long-term stress-related fracture closure mechanisms (e.g. creep). 

Cemented fractures are commonly observed in shale formations (e.g. Gale et al., 2007). 
Prediction of the rate of cementation would, however, require detailed knowledge of fluid 
chemistry, precipitation and crystal growth kinetics, fluid flux etc. There have been several studies to 
investigate the impact of both the short-term (e.g. Goodman, 1974; Bandis et al., 1983) and the 
long-term (Horseman et al., 2006; Zhang et al., 2007) closure behaviour of faults. However, to the 
authors’ knowledge these have not yet been applied by the petroleum industry to assess the risks of 
top seal failure. Although, the suggestion of Makurat and Gutierrez (1996) that fracture permeability 
in shear can only be achieved if σn’ is greater than the unconfined compressive stress of the rock, 
may mean that measures such as overconsolidation ratio and brittleness index may correlate with 
risk leakage along faults and fractures.  

Faults and fractures in relatively ductile materials could only remain open provided that the 
pore pressure is sufficiently high. So, as points of reference, it is useful to identify two end-member 
behaviours that allow faults and fractures to remain conduits for flow and for significant leakage to 
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occur. First, overpressured pore fluids are required for faults and fractures to remain as conduits for 
fluid flow. Second, the rock is sufficiently brittle that any faults and fractures that form remain as 
conduits even under hydrostatic pressure conditions. A key reason for making such a distinction is 
that self-sealing of faults and fractures is essentially implicit in the former leakage mechanism 
therefore by identifying situations where this has occurred may provide an indication as to the 
conditions necessary for self-sealing. Consequently, we would predict that reservoirs with limited 
drive (i.e. aquifer support) would be least vulnerable to leakage along hydrofractures. On the other 
hand, shallow reservoirs connected to a strong aquifer would be most likely to leak due to 
hydrofracture formation. Overall, we believe that previous studies have tended not to pay sufficient 
attention to the requirement of overpressure to be maintained when assessing the risks of leakage 
along faults and fractures. 

4.4 Evidence used to identify fault and fracture leakage through 
shale-rich caprocks 

Evidence that has been used by the petroleum industry as an indication that leakage has 
occurred along fault and fracture systems include: 

• Residual petroleum in structures with top seals that have capillary threshold pressures that are
too high to be overcome by the buoyancy force in the petroleum column

• Seismic anomalies/gas chimneys above faults

• Pockmarks or petroleum seepages that align with faults and fractures

• Dry structures in structural highs in geological formations that are filled-to-spill down dip

• Hydrocarbon-related diagenetic zones

In the following subsection we discuss the strength of the evidence in more detail. 

4.4.1 Residual petroleum 
The presence of residual petroleum is a particularly common piece of evidence used to 

identify leaked structures (e.g. Hermanrud and Nordgård Bolås, 2002; Lyon et al., 2005; Brincat et 
al., 2006) or the frequent occurrence of petroleum-rich fluid inclusions (e.g. Ruble et al., 2001) in 
structures that have very high water saturations. Such evidence alone cannot be used to imply fault 
or fracture-related leakage because the petroleum may have leaked through the matrix of the 
overburden. It is therefore necessary to combine the presence of residual hydrocarbons with other 
data to infer leakage via faults and fractures. Such data includes: 

• The presence of extensive gas chimneys above faults (e.g. Teige and Hermanrud, 2004).

• A caprock with a threshold pressure that is too high to have been overcome by the buoyancy
force in the petroleum column. Note that this is not particularly strong evidence when
petroleum is present as leakage could occur through oil-wet pore systems (e.g. Aplin and Larter,
2005). 

• Identification that the fluid pressures are very close to the fracture gradient; this is particularly
good evidence when oil is still present in protected traps at a deeper level in the basin (Figure
4.5). 
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Figure 4.5 Diagram illustrating the concept that the shallowest reservoir in a single pressure 
cell is likely to be the first to reach fracture pressure (From Winefield et al., 2005) 

4.4.2 Seismic anomalies/gas chimneys above faults 
Several authors (e.g. O’Brien et al., 1998; Symington et al., 1998; Løseth et al., 2002; 

Ligtenberg, 2005) have suggested that hydrocarbon leakage causes seismic disturbance (i.e. gas 
clouds/chimneys) in the overburden above reservoirs (Figure 4.6). A key problem with such 
anomalies is that they can have causes other than the free migration of hydrocarbons. For example, 
Teige and Hermanrud (2004) suggested that such anomalies could also be caused by: structural 
deformation above diapirs, vertical leakage of pore water with dissolved gases and incorrect seismic 
stacking velocities (Bjørkum et al., 1998; Teige and Hermanrud, 2004). The coincidence of seismic 
anomalies with faults provides added evidence that such features are created by fault-related 
leakage. Indeed, Heggland et al. (2000) used empirical data to suggest that reservoirs below linear 
fault-related chimneys are more likely to be breached than reservoirs below chimneys that are not 
related to faults. Also, Teige and Hermanrud (2004) indicated that coincidence of a fault triple 
junction, seismic chimney and gas water contact in an underfilled trap provided strong evidence for 
fault-related leakage. It has been argued that this method is particularly effective if techniques to 
detect gas anomalies and faults are combined (e.g. Ligtenberg, 2005). 
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Figure 4.6 a) and b) are North-South and East_West seismic cross-sections through the 
underfilled and overpressured structure in the northern North Sea penetrated by the 35/10-2 well. 
Top reservoir (Brent) is marked as 5 and the caprock is the Heather Formation between top reservoir 
and the Base Cretaceous Unconformity (4) Note the seismic anomaly (block circle in b) that exists 
starting above the reservoir and ending above the Base Cretaceous Unconformity (from Teige and 
Hermanrud, 2004) 

4.4.3 Pockmarks or petroleum seepages 
Pockmarks tend to be circular-shaped, crater-like, depressions that are found on the sea 

floor (e.g. Hovland and Judd, 1988) that can vary a few meters to >100 m in diameter. It is thought 
that these features are caused by the focused flow of fluids (particularly methane). The occurrence 
of linear trends of pockmarks above faults is often taken as a sign of fault-related leakage. 

Petroleum seepages have been used throughout the history of petroleum exploration as 
indicators of subsurface accumulations (Hunt, 1979). The occurrence of seepages along faults is 
often taken as evidence that faults have acted as conduits for petroleum migration (Thrasher et al., 
1996).  

4.4.4 Hydrocarbon-related diagenetic zones (HRDZ’s) 
High amplitude seismic anomalies with a positive phase have been argued to be caused by 

intense carbonate cementation resulting from the biodegradation of petroleum migrating towards 
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the surface (e.g. O’Brien and Wood, 1995). Linear trends of HRDZ’s have frequently been observed 
to coincide with faults (e.g. O’Brien et al., 2002) and so are often taken as evidence for fault-related 
migration. To the authors’ knowledge, HRDZ’s have never been cored or analysed and so some 
uncertainty remains regarding their origin. 

4.5 Examples of fault leakage through shale-rich caprocks 
The literature contains a huge number of examples to highlight how faults affect petroleum 

flow through shale-rich sequences. In the following section, we have attempted to provide a 
comprehensive number of examples covering the range of observed behaviour. The extent of 
knowledge and strength of evidence regarding fault-related petroleum movement through shale-
rich sequences varies significantly from region-to-region. To cover this broad range of data quality 
we have divided the section into the following subsections: 

• Specific fields/regions where extensive drilling, seismic, etc. provide detailed evidence (Section 
4.5.1). 

• A general review on petroleum seep and its relation to faulting (Section 4.5.2). 

4.5.1 Specific field/area examples of sealing and leaking faults in shale-rich 
sequences 
In the following section, evidence for the impact of faults and fractures on petroleum 

leakage from reservoirs from various provinces is described. Specific attention is given to identifying 
the key controls on fault behaviour.  

4.5.1.1  Jurassic reservoirs of the Central Graben, North Viking Graben and 
Haltenbanken: North Sea and Norwegian Continental Shelf  

The North Sea and Norwegian Continental Shelf represents a very mature petroleum 
province in which the industry has collected a huge amount of data at a variety of scales (seismic, 
wire-line log, core etc.). It therefore represents an ideal location to investigate the impact of faults 
on petroleum leakage. Jurassic traps in the North Sea offshore UK and Norway are all capped by 
mudrocks. Here we discuss petroleum leakage in the Haltenbanken, North Viking Graben, and 
Central Graben area (Figure 4.7). A large proportion of traps within this area are filled to spill 
although a small proportion of traps are dry, probably due to petroleum leakage (Teige and 
Hermanrud, 2004). Traps that are fill to spill often show signs of leakage such as seismic chimneys 
(e.g. Vik et al., 1998) and the presence of oil and gas in the cap rocks (e.g. Leith and Fallick, 1997). On 
the other hand, a large proportion of Jurassic structural traps in the Haltenbanken area are either 
dry or underfilled but remain overpressured. For example, seven out of eight of the first structures 
drilled in Haltenbanken were found to be dry due to hydrocarbon leakage. It has been suggested 
that leakage in Haltenbanken occurred as a result of shear failure related to periods of glacial loading 
and unloading (Hermanrud and Nordgård Bolås, 2002). Teige and Hermanrud (2004) present data 
from a trap in the 35/10-2 block. The trap appears underfilled and the gas-water contact coincides 
with both a fault and seismic anomaly in the overburden. One interpretation of this field is that 
hydrocarbons have leaked along a fault, but that the fault has sufficiently resealed that it is able to 
maintain an overpressure.  
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Figure 4.7 Map showing the location of the Haltenbanken, North Viking Graben, and Central 
Graben  

Nordgård Bolås and Hermanrud (2003) attribute the distinct differences in seal integrity of 
the Haltenbanken and the North Viking Graben to different stress histories and, thus, to different 
leakage processes. The traps of the Haltenbanken area were reported to have leaked as a result of 
shear failure, in combination with high pore pressure, promoted by flexuring related to repeated 
periods of glaciation (loading) and deglaciation (de-loading) during Quaternary times (Hermanrud 
and Nordgård Bolås 2002). Such flexuring also took place in the eastern part of the Norwegian North 
Sea, where several leaky structural traps have been drilled.  

Jurassic reservoirs of the deep Central Graben of the UK North Sea are highly overpressured. 
Several prospects (e.g. Martha and Juno) have proven to be dry (Winefield et al., 2005). Regional 
pressure trends show that it is these dry structures that are closest to the fracture pressure and this 
is generally interpreted to suggest that the structures leaked due to mechanical failure 
(Gaarenstroom et al., 1993). Although it is uncertain whether faults or fractures were the cause of 
the mechanical failure; the fact that high overpressures still exist indicates that they have self-sealed 
subsequent to failure. Only around 20% of the wells drilled in the pre-Cretaceous of the Great 

North Viking Graben 

Haltenbanken 

Central Graben 
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Ekofisk Area of the southeastern part of the UK/Norwegian Central Graben have found movable 
hydrocarbons (Hall et al., 1997). It has been suggested that most dry wells have been drilled into 
inversion structures that continued to deform after the mid-Oligocene unconformity. Despite what 
many have argued is fault or fracture-related petroleum leakage through their Cretaceous shale cap-
rock, the fluids within the structures remain highly overpressured. 

It has also been argued that the maintenance of overpressure may have been responsible 
for contrast in behaviour between Haltenbanken, the North Viking Graben and the Central Graben 
(Fisher and Kendall, 2008). In particular, it was argued that leakage of petroleum along faults and/or 
fractures required high overpressures to prevent fracture closure and that each of these areas had 
different capacities for overpressure generation. A thick sequence of Cretaceous shales is present to 
the west of Haltenbanken and that this focuses fluid and maintains overpressure in the Jurassic 
reservoirs to its east, which has allowed extensive leakage to occur. There is also a large subsiding 
basin to the south of the Central Graben that may be a source of overpressure allowing leakage to 
occur along faults and/or fractures in the structural highs (e.g. Martha and Juna). In contrast, the 
Viking Graben is not situated adjacent to such large dewatering basins and that this has limited the 
amount of leakage that has occurred within these reservoirs. 

A small amount of data obtained from mechanical tests on the clay-rich caprocks in this area 
have been published (e.g. Horsrud, 1998; Soreide, et al. 2009); these are summarized in Table 4.1. 

Sample Burial 
depth 

(m) 

Porosity Clay 
content 

E 
(GPa) 

UCS 
(MPa) 

ν VR Author 

G shale 1870 0.3 0.32 1.4 7.9 0.13 0.37 Horsrud (1998) 

H shale 2630 0.1 0.58 3.8 27 0.18 0.54 Horsrud (1998) 

I shale 2550 0.17 0.47 2.4 22.5 0.24 0.52 Horsrud (1998) 

K shale 4870 0.03 0.49 12 77.5 0.13 1.65 Horsrud (1998) 

Shale1 4000 0.06 0.5 8 76 0.2 1.07 
Soreide et al. 
(2009) 

No. 1 2312 0.46  2.4 18.1  0.46 
Stjern et al. 
(2000) 

No. 2 2322 0.28  1.9 10.3  0.46 
Stjern et al. 
(2000) 

No. 3 2340 0.43  2.1 11.3  0.47 
Stjern et al. 
(2000) 

Table 4.1 Static mechanical properties of some clay-rich caprocks from the North Sea and 
Haltenbanken area. Also included is an estimate of vitrinite reflectance (%Ro) based upon the 
correlation between burial depth and VR published by Goff (1993). The thickness of the shales was 
not published, however, judging from their age (Tertiary and Jurassic) and location it is likely that 
they are at least 100 m thick 

Far more data are available on the dynamic properties of top seal samples from the North 
Sea and Haltenbanken. Indeed, organisations such as the Norwegian Petroleum Directorate have 
created websites containing wireline log data from most of the wells drilled. It is beyond the scope 
of the current project to review all of these data. However, we have combined porosity-depth trends 
from Hansen (1996) with sonic velocity-depth trends published by Storvoll et al. (2005) to derive to 
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provide an estimate as to the values that would be obtained from a detailed analysis of wire-line log 
data (Table 4.2 and Figure 4.8).  

Burial depth (m) Porosity Static E (GPa) %Ro 

2000 0.26 0.71 0.4 

3000 0.15 2.6 0.7 

4000 0.09 6.7 1.0 

5000 0.06 14 1.8 

Table 4.2 Young’s modulus of clay-rich caprocks from the North Sea and Haltenbanken area. 
Porosity is calculated from porosity-depth trends in Hanssen (1996). Young’s modulus is calculated 
from the Vp vs. depth trend in Storvoll et al. (2005) using the empirical relationship between E and Vp 
from Horsrud 2001. Also included is an estimate of vitrinite reflectance (Ro) based upon the 
correlation between burial depth and Ro published by Goff (1983) 

 

Figure 4.8 Estimate of Young’s modulus for sediments in Haltenbanken and the North Sea 
calculated by incorporating the velocity data presented in Storvoll et al. (2005) into the empirical 
relationship established by Horsrud (2001). Most of the data are from shales within the overburden 
reservoirs 
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Key points to take away from this area are: 

• There is good evidence that hydrocarbons have leaked along faults and fractures through shale-
rich caprocks but these have healed sufficiently so that large overpressures are maintained.

• There has been the suggestion that flexuring due to glacial loading is responsible for leakage.

• It has also been argued that there is a correlation between the capacity of a basin to generate
and maintain overpressure and amount of petroleum leakage that occurs.

4.5.1.2 Atlantic Margin (e.g. Offshore West Ireland, Barents Sea) 

Corcoran and Doré (2002) present a review of top seal capacity in the Atlantic Margin and 
borderlands (Figure 4.9) with a focus on identifying the impact of exhumation (uplift) on cap rock 
integrity. They argued that although effective caprocks exist in exhumed Atlantic Margin Basins, 
there are also many traps that are underfilled, close to hydrostatic pressure and with only residual 
hydrocarbons. Corcoran and Doré (2002) suggested that fields in which shale rock caprocks became 
embrittled and then uplifted were particularly prone to being breached. Examples of underfilled 
traps include the Corrib Field, which also has clear evidence of late stage reactivated faults in core. 
On the other hand, fields that are capped by claystones that were not embrittled due to deep burial 
and then uplifted are filled-to-spill. For example, the Kinsale Head Gas Field was buried to around 1.8 
km and then uplifted by 900 m but as remained fill to spill. Corcoran and Doré (2002) also present 
formation integrity test data, which suggest that the tensile strength of shale caprocks in uplifted 
areas is very high, which may mean that once formed, any faults or fractures are less prone to self- 
sealing than those present in areas that have not experienced uplift.  

In the platform areas, Tertiary and Quaternary uplift and erosion are likely to have had a 
predominantly negative effect on hydrocarbon retention. Such processes may have caused the 
release of hydrostatic pressure in oil-filled traps, the exsolution of gas from the oil, gas expansion, 
and the subsequent expulsion of oil from the traps (Nyland et al., 1992; Doré and Jensen, 1996; 
Lerche et al., 1997). Leakage will have been facilitated through reactivated faults and new fractures 
in the cap rock. 
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Figure 4.9 Uplifted basins of the northeastern Atlantic Margin and borderlands (from Corcoran 
and Doré, 2002) 

A small amount of data obtained from mechanical tests on the clay-rich caprocks in this area 
have been published (e.g. Gabrielsen and Klovjan, 1997); these are summarized in Table 4.3. It 
should be noted that many of the rocks in this area have been significantly uplifted (e.g. ~1000m). 

 

Sample Current burial 
depth (m) 

E (GPa) UCS (MPa) Ro 

7219/9-1.1 1920 8.6 52.8 0.62 

7321/9-1.2 1367 1.7 53.6 0.47 

7321/9-1.3 1367 7.6 47.8 0.47 

7228/9-1.1 1030 3.0 22.5 0.40 

7125/1-1.1 1334 5.0 50.1 0.46 

7125/1-1.2 1334 8.1 68.7 0.46 

7228/2-1.1 1168 4.2 41.9 0.43 

7228/2-1.2 1168 7.9 28.4 0.43 

Table 4.3 Static mechanical properties of some clay-rich caprocks from the Barents Sea area 
(from Gabrielsen and Klovjan, 1997). It should be noted that the burial depth quoted is the current 
depth and that these rocks have been uplifted by around 1000m. Also included is an estimate of Ro 
based upon the correlation with maximum burial depth published by Goff (1983) 
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Far more data are available on the dynamic properties of top seal samples from Barents Sea. 
Indeed, organisations such as the Norwegian Petroleum Directorate have created websites 
containing wireline log data from most of the wells drilled. It is beyond the scope of the current 
project to review all of these data. However, we have combined porosity-depth trends from Hansen 
(1996) with sonic velocity-depth trends published by Storvoll et al. (2005) to derive to provide an 
estimate as to the values that would be obtained from a detailed analysis of wire-line log data (Table 
4.5 and Figure 4.10).  

Current burial 
depth (m) 

Porosity Static E (GPa) 

1000 0.26 0.4 

2000 0.15 1.5 

3000 0.09 4.0 

4000 0.06 8.4 

Table 4.4 Static Young’s modulus of clay-rich caprocks from the Barents Sea. Porosity is 
calculated from porosity-depth trends in Hanssen (1996). Young’s modulus is calculated from the Vp 
vs. depth trend in Storvoll et al. (2005) using the empirical relationship between E and Vp from 
Horsrud (2001)  

 

Figure 4.10 Estimate of Young’s modulus for sediments in the Barents Sea calculated by 
incorporating the velocity data presented in Storvoll et al. (2005) into the empirical relationship 
established by Horsrud (2001). The black and green data are from clay-rich sediments 
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Key points to take away from this area are: 

• There is good evidence of empty and underfilled traps in this area; particularly in reservoirs that 
have experienced significant uplift. The fact that underfilled traps retain hydrocarbons may 
suggest that self-sealing has occurred. The lack of overpressure within most of these reservoirs 
may indicate that larger effective stresses were required for self-sealing to occur.

• Caprocks that were not embrittled due to deep burial may preserve their sealing capacity
despite experiencing significant uplift.

• Uplifted caprocks have higher strengths, which may mean that any faults and fractures that form 
are not prone to self-sealing.

4.5.1.3 South Eugene Island Block 330, offshore Louisiana, Gulf of Mexico, USA. 

The South Eugene Island Block 330 field (Figure 4.11) is a faulted dip closure that is buried to 
around 2.5 km. Its Pliocene-Pleistocene aged reservoirs have produced over 0.5 billion barrels of oil 
equivalent (BBOE). Water depths above the field range from 64 to 81 m. A wide range of 
overpressures have been encountered in the field. Shallow sands have pressure gradients from 
0.487 psi/ft (11 MPa/km) to 0.586 psi/ft (13.3 MPa/km), whereas deeper sands have pressure 
gradients of >0.760 psi/ft (17.2 MPa/km). Production from the South Eugene Island Block 330 field 
reached 20,000 bbl/d by 1989; by 1992 it had slowed to 15,000 bbl/d but then recovered to reach a 
peak of 30,000 bbl/d in 1996. The impact of faults on fluid flow in the South Eugene Island Block 330 
has been intensively studied (e.g. Anderson, 1993; Alexander and Handschy, 1998; Losh et al., 1999; 
Finkbeiner et al., 2001; Stump and Flemings, 2002) partly due to the suggestion that fault-related 
petroleum recharge into the reservoir comparable to production rates were the cause of increasing 
recoverable reserve estimates (Anderson, 1993). The DOE funded the “pathfinder” well to further 
investigate these potentially economically valuable claims. The well was intentionally drilled through 
the growth fault that had been interpreted to act as a conduit for oil migration.  
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Figure 4.11 Map showing the location, structure and hydrocarbon distribution within the South 
Eugene Island Block 330 area (from Losh et al., 2002) 

The major growth fault (‘A Fault’ in Figure 4.11), which is thought to be still active, traps 
much of the petroleum in Eugene Island Block 330 area. Alexander and Handschy (1998) suggested 
that most hanging and footwall traps against the ‘A Fault’ were juxtaposition seals (i.e. reservoirs 
against non-reservoir). Finkbeiner et al. (2001) suggested that petroleum leaks from highly 
overpressured compartments along either critically-stressed faults or natural hydraulic fractures. On 
the other hand, it was argued that leakage may occur along critically-stressed faults in less 
overpressured reservoirs, where pressures are too low for natural hydraulic fractures to form. In 
normal pressured and low geopressured sections, pressure is insufficient for mechanical seal 
leakage. It should, however, be noted that some of the pressure data presented by Finkbeiner et al. 
(2001) do not agree with previously published vales (e.g. Losh et al., 1999; Alexander and Handschy, 
1998). Also, some of the pressure data presented by Finkbeiner et al. (2001) is from wells drilled late 
in the development history so could be affected by production.  

Oil migration along the A Fault also is partially supported by geochemical evidence for 
microseepage near the fault intersection with the sea floor (Anderson et al., 1995). Losh et al. (1999) 
propose that subtle vitrinite reflectance anomalies may be evidence for rapid along-fault fluid flow. 
In particular, it was proposed that heating sufficient to create the reflectance anomaly requires 
temperatures about 55oC above the modern temperature of 70oC for about 100 years. However, to 
achieve this thermal anomaly the rate of fluid flow must be around 2 million m3 per meter of fault 
length over the 100 year period of active flow (Losh et al., 1999). For the 14 km length of the A Fault 
in the vicinity of Block 330 field, total flow associated with this event would be about 28 km3 of 
water. This seems to be an excessive fluid flow event, given current understanding of dewatering in 
passive margins. It is possible that flow was focused along a smaller length of the fault creating a 
more isolated thermal anomaly without the exceptionally large volumes of water. However, it seems 
more likely that the thermal anomaly is overestimated or does not even exist given the subtle nature 
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of the vitrinite reflectance anomaly, the high scatter of reflectance data typical for low TOC shales at 
low thermal maturity, and lack of support for this anomaly by illite-smectite conversion or other 
geothermometers, Indeed, it now appears that the increased recoverable reserves were simply 
caused by an initial underestimation of recovery factor from thinly bedded sands with low 
permeability (Holland et al., 1990). 

To the authors’ knowledge, static elastic property data from the clay-rich caprocks in this 
area have not been published. However, sonic velocity data published by Stump and Flemings (2002) 
indicate a dynamic Young’s modulus of around 0.97 GPa and a Poisson’s ratio of 0.39. 

Key points from South Eugene Island Block 330 

• South Eugene Island Block 330 is one of the most cited examples of along-fault fluid migration 
through shale-rich sequences. A huge amount of data has been collected from the field to 
improve understanding of how faults affect petroleum migration. 

• The case study is particularly important because several workers have indicated that petroleum 
movement along faults through poorly consolidated shale-rich sequences is occurring at very 
high rates (in one case even matching production rates) 

• Evidence is consistent with the claim that some oil may be migrating along the faults but rates 
are likely to be far lower than initially believed. 

• Overall, the case study shows that active fault leakage through a shale-rich sequence is of 
sufficiently slow rate that extensive oil columns and moderately high overpressures are retained. 
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4.5.1.4 Other studies of fault and fracture related top seal leakage 

Table 4.5 lists as variety of other studies that are relevant to fault and fracture related 
leakage through shale-rich caprocks.  

Field/Area Comment Reference 

California 

Extensive study of 442 oil and gas pools most of which 
have shale-rich caprocks, showed no difference in column 
height between those that were extensively faulted and 
those with minor faulting.  

Ziegler (1992) 

Cupiagua 
and Cusiana 
fields., 
onshore 
Colombia 

Fields are seismically active and petroleum is trapped by 
shale-rich caprocks. The reservoirs are extensively 
cemented by quartz implying that the caprock has also 
experienced mesodiagenetic alteration. Pore pressures 
appear close to hydrostatic.  

Giraldo et al. (2000) 
Wilkins and Naruk 
(2007) 
Osorio et al. (2008) 

Kizomba 
Field, 
offshore 
Angola 

Clastic reservoir with >2.0 billion bbls of oil sealed by 
shale-rich caprocks. The reservoirs are at a depth of 500 
1900 m below mudline. Faults clearly penetrate to the 
sea floor. Large columns (up to 1000 m) are present and 
it has been suggested that these are limited by 
mechanical failure of the top seal. 

Reeckman et al. (2003) 

Timor Sea: 
Offshore 
NorthWest 
Australia 

Breeched traps are common in this area. The reservoirs 
are capped by Cretaceous shales. Late Miocene and 
Eocene faults clearly cut the structures. The area is 
experiencing very high rates of convergence and collision 
of the Australian continental with the Banda Island arc. It 
has been suggested that some traps were breached 
around 5 Ma but have since resealed.  

Woods (1992) 
Shuster et al. (1998) 
O’Brien et al. (1999) 
de Ruig et al. (2000) 
Gartrell and Lisk (2005) 

Bight Basin 
Offshore 
South 
Australia 

 

Palaeo-oil columns in a structure that they suggest leaked 
due to fault reactivation. Numerous leakage indicators 
such as gas clouds, asphalite, oil slicks etc. There is 
significant earthquake activity in the top 5km of the 
sediment pile. Most fields in this area have hydrostatic 
pressure. 

Ruble et al. (2001)  
Sprigg and Wooley 
(1963) Edwards et al. 
(1998) 
Reynolds et al. (2005) 

Otway 
Basin: 
Offshore 
South East 
Australia 

Many traps rely on sealing faults below shale-rich 
caprocks. Palaeo-columns are present that formed as a 
result of fault reactivation and top seal leakage. Early 
Cretaceous shales are more brittle than Late Cretaceous 
shales and are more prone to leakage by fault 
reactivation 

Dewhurst and Jones 
(2002) 
Dewhurst et al. (2002) 

Table 4.5 A list of fields/areas capped by shale-rich caprocks in which fracture and fault-related 
leakage has been discussed in the literature  

Only sparse data are available on the mechanical properties of the clay-rich caprocks from these 
areas. For example, Last et al. (1995) suggest that the clay supported facies overlying the Cusiana 
Field, Colombia, has a Young’s modulus of 14 GPa, a Poisson’s ratio of 0.28 and a UCS of 44 MPa. 

4.5.2 Petroleum seeps 
Macgreger (1993) published a review of the relationship between petroleum seepage, 

tectonic and subsurface petroleum reserves. Overall, the conclusion is that active seeps seem far 
more common in areas that have recent uplift, salt or mud diapirs or recent reverse faulting. The 
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areas that he reviews are summarised below in Table 4.6. Macgregor (1996) suggested that the 
median age of giant gassy oil accumulations was 35Ma. Although Brown (2000) suggests than there 
are many examples of petroleum accumulations that are 100’s Ma years old.  

Thrasher et al (1996) review seeps in Gulf of Mexico and suggest most major seeps are 
associated with faults above salt diapirs. They also claim this to be the case for the Central North 
Sea. 

Area Key observations Key references 

South East 
Asia 

Eight out of nine basins with more than 35 recorded seeps have 
more than 1 BBOE (Billions of barrels of oil equivalents) 
Fields with seeps are generally small, shallow and highly 
tectonized. 
There is a poor correlation between the largest fields and the 
occurrence of seeps. 
Seeps are common in areas: a) over reverse-faulted anticlines 
particularly in outcrops of reverse faults; b) above mud diapirs; 
(iii) on highly dipping sandstone beds on the edges of uplifted 
margins of basins. 
The only basin that has major petroleum reservoirs but only 
minor seeps is in Central Sumatra and this is the only basin that 
has not experience recent uplift, significant uplift, or surface 
penetrating reverse faults. 

Tobler (1912) 
Latouche 
(1918) 
Leichti (1960) 

Gulf of 
Mexico 

In the Texas-Louisiana shelf >30% of seeps are associated with 
faults that cut the sea bed and >40% lie above salt diapirs. 
Seeps are common in Green Canyon and most are associated 
with active normal faults above salt domes or mud volcanoes 
Poor correlation between seeps and major oil fields. 

Tinkle (1973) 
Behrens (1988) 
Brooks et al. 
(1986) 

Offshore 
California 

Seeps lie either on anticlinal crests or on the surface intersects of 
transpressional fault planes. 
Pressure communication between seeps and accumulations has 
been proved by decrease in seep rate as oil production increases. 

Link (1952) 
Fischer and 
Stevenson 
(1973) 

Zagros (Iran 
and Iraq) 

Seems a good relationship between surface locations of seeps 
and the subsurface intersection of thrust faults with reservoirs in 
some areas (e.g. Asmari play in Iran). 
Relationship of seeps and reservoirs is very poor in other areas 
(e.g. Iraqi Zagros). 
Overall, more than 40% of seeps can be linked to subsurface 
accumulations. 

Lees and 
Richardson 
(1940) 
Dunnington 
(1958) 

South 
Caspian Very high incidence of seeps – particularly over mud volcanoes. Goubkhin 

(1934) 
North 
Caucausus 

Seeps concentrated on the southern flank of the foreland basin 
against thrust fronts and are often associated with mud diapirs. Pererva (1984) 

Gulf of Suez Seeps above major graben bounding faults but are not 
associated with major petroleum accumulations. Ghorab (1960) 

Table 4.6 Key observations on the occurrence of petroleum seeps and their controls (based on 
Macgregor, 1993) 
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4.6 Production-induced cap rock leakage 
A key risk faced by the petroleum industry is the possibility that petroleum production will 

cause faults or fractures to develop within the overburden that will lead to leakage of petroleum to 
the surface. Examples of microseismicity (e.g. Kristiansen et al., 2000) and sea floor subsidence (e.g. 
Teufel et al., 1991) provide strong evidence that petroleum production may lead to the deformation 
of the overburden. Leakage of petroleum from the reservoir to the surface is virtually never 
reported, although the authors’ have come across examples where this has definitely occurred. The 
only published example that we are aware of was presented by Rodrigues et al. (2009) and this does 
not specifically state that leakage did occur although there is strong evidence to believe that this is 
the case. The reservoir that they studied is from offshore Brazil. Here overinjection of produced 
water may have lead to the leakage of petroleum onto the seafloor along either faults or fractures. A 
key feature of the reservoir is that it is in a very deep water environment (~1500m) which means 
that even though fluid pressures are hydrostatic they are very close to the fracture gradient (Figure 
4.12). It is believed that reducing the injection pressure (rate) stopped oil flow. In other words, 
reducing fluid pressure caused the fracture/fault to self seal.  

 

Figure 4.12 Diagram showing the relationship between pore pressure, fracture pressure and 
vertical stress for a) reservoir that is in shallow water; b) reservoir that is in deep water. Note that in 
the case of the deep water reservoir the fluid pressure is closer to the fracture pressure than for a 
reservoir within shallow water 

4.7 Discussion: controls on fault and fracture-related caprock 
leakage from petroleum reservoirs 

The previous sections of this chapter have provided numerous examples where large petroleum 
columns are trapped below heavily faulted shale-rich sequences. These examples provide extremely 
strong evidence that faults in shale-rich sequences can either form without acting as significant 
conduits to fluid flow or that they can self seal to such an extent that they can provide effective 
barriers to fluid flow over geological time-scales. Examples have also been provided where reservoirs 
below highly faulted sequences are dry (i.e. do not contain petroleum). It is not possible to be 
completely sure of the most important leakage mechanism in a particular case but there is strong 
circumstantial evidence (i.e. leaked petroleum traps being close to the fracture pressure, leakage 
occurring below of the capillary entry pressure of the cap rock etc.) to suggest that faults and/or 
fractures have provided the main conduit for leakage to occur. It is noteworthy that many of these 
leaked reservoirs remain severely overpressured, which again provides evidence that faults and 
fractures in shale-rich sequences are able to effectively self seal. Here we attempt to summarise 
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some key observations obtained by studying top seal leakage that are relevant to the ability of faults 
and fractures to self seal. 

• The ability of a lithology to act as a top seal to petroleum reservoir is inversely related to its
brittleness. For example, the best top seals appear to be evaporites and ductile shales
whereas the worst are carbonates and cherts.

• Large petroleum columns exist below shale-rich caprocks containing faults that are
seismically active or have experienced recent movement. Such examples highlight the fact
that fault movement does not necessarily result in the formation of major fluid flow conduit.

• Petroleum may leak along faults and fractures in ductile, shale-rich, caprocks provided that
the fluid pressure remains sufficiently high to prevent self-sealing. In this sense, 
overpressure generation mechanisms (see following chapter), petroleum leakage and the 
sealing of faults are interrelated.

• Relatively thin top seals (<50 m) can act as effective seals despite being heavily faulted (e.g.
California)

• There is a certain amount of evidence that faults and fractures in caprocks that are
overconsolidated due to uplift are more likely to leak petroleum. However, there are also
examples where significant petroleum columns are retained under shale-rich caprocks that
have experienced significant uplift. It has been suggested that shales that have not been
embrittled by diagenetic alteration (i.e. particularly those that have been deeply buried) are
less susceptible to uplift-related leakage.

• Petroleum seeps are frequently identified above faults. These seem to be particularly
common in areas that have experienced a huge amount of extensional deformation such as
above salt domes, mud volcanoes and close to the edges of active plate boundaries (i.e.
Timor Sea).

• It has also been argued that crustal flexuring due to the movement of glaciers could be
responsible for fault and fracture-related top seal leakage although this remains to be
proved.

• The petroleum industry still drills a large number of prospects that prove to be dry
suggesting that robust methods have not yet been developed to accurately predict the
likelihood to top seal leakage. However, key controls appear to be: (i) brittleness; (ii)
overpressure; (iii) uplift; and (iv) massive extensional deformation.

4.8 Comparison of top seal properties with those of clay-rich 
sediments around potential radioactive waste disposal sites 

To aid data transferability we have included the following section, which essentially compares some 
of the key properties of some of the top seals described with the properties of the clay-rich 
sediments in some of the potential radioactive waste disposal sites as described in Bock et al. (2010). 
In particular, we compare the mineralogy (Section 4.8.1), porosity (Section 4.8.2), geomechanical 
properties (Section 4.8.3) and finally overconsolidation ratio (Section 4.8.4). The Opalinus Clay from 
two specific localities are discussed. The first is from the Mont Terri test site in Western Switzerland 
(referred to as Opalinus Clay Mont Terri). The second is from a more deeply buried and less 
tectonized location in Northern Switzerland (referred to as the Opalinus Clay Benken).  

4.8.1 Mineralogy 
Not too much data was found on the precise mineralogy of top seals described in the previous 
chapter. However, data available provides the general indication that they are clay-rich (>50%) and 
therefore comparable to the average of 50% reported for the Boom Clay, Opalinus Clay and Callovo-
Oxfordian rocks described by Bock et al. (2010). For example, the shale top seals to reservoirs of the 
North Sea (Horsrud 1998), Haltenbanken (Søreide et al., 2009), the Gulf of Mexico (Yang and Aplin, 
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2010), Northwest Shelf of Australia (Dewhurst and Siggins, 2006) all have average clay contents of 
~50%. 

4.8.2 Porosity 
Bock et al. (2010) report that the Boom Clay, Opalinus Clay and Callovo-Oxfordian argillaceous rocks 
have average porosities of 36, 11 to 16, and 19% respectively (Gaucher et al., 2004; Yven et al., 2007; 
Bock et al., 2010). The porosity of shale top seals to petroleum reservoirs varies significantly 
depending on burial depth, time-temperature history etc. However, based on average porosity-
depth trends for top seals these porosity values would be reached at around 1350 m, 3500 m and 
2500 m within the North Sea and Haltenbanken. 

4.8.3 Geomechanical properties 
Table 4.7 compares estimates of the elastic properties of some of the top seals described in this 
report with those of the Boom Clay, Opalinus Clay and Callovo-Oxfordian clay-rich samples described 
by Bock et al. (2010). Rather surprisingly, the clay-rich rocks described in Bock et al. (2010) have 
quite high Young’s modulus compared to many of the top seal samples, particularly when one 
considers the shallow depths to which the Boom Clay, Opalinus Clay and Callovo-Oxfordian rocks 
have been buried. It is, however, possible that the top seals were damaged during coring/retrieval 
and so their Young’s modulus could be anomalously low. 

Name Depth E (GPa) Poisson’s 
ratio 

Jurassic North Sea 1870 1.4 0.13 
Jurassic North Sea 2630 3.8 0.18 
Jurassic North Sea 2550 2.4 0.24 
Jurassic North Sea 4870 12.0 0.13 
Jurassic Barents Sea 1030 3.0  
Jurassic Barents Sea 1168 4.2  
Jurassic Barents Sea 1334 5-8.1  
Jurassic Barents Sea 1367 1.7-7.8  
Jurassic Barents Sea 1920 8.6  
Eugene Island, Gulf of 
Mexico 1950 1.0 0.39 
Cusiana Field, Colombia 4000 14.0 0.28 
Boom Clay 185 3.0 0.43 
Opalinus Clay Mont Terri 
(W-Switzerland) 230 4-10 0.29 
Opalinus Clay Benken (N-
Switzerland) 539 6-11 0.27 
Callovo-Oxfordian 490 5-11 0.19-0.25 

Table 4.7 Geomechanical properties of top seals described in this report as well as those of the 
Boom Clay, Opalinus Clay and Callovo-Oxfordian clay-rich sediments described in Boisson (2005), 
Mazurek et al. (2006, 2008) and Bock et al. (2010). Note that all are static properties except for those 
from Eugene Island, which are based on wire-line log data 

4.8.4 Overconsolidation ratio 
Those involved with top seal analysis often use overconsolidation ratio (OCR) as a measure of 

brittleness. This concept was taken from soil mechanics and, although providing a potentially useful 
rule-of-thumb, it is questionable whether it has relevance to highly cemented sediments. 
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Nevertheless, we have compiled an estimate of OCR for various formations discussed in this report 
(Table 4.8) based on the formula of Nygård et al. (2006) described in Section 4.3.2. The Opalinus Clay 
Mont Terri has an OCR of 2.5-3.5, which is higher than the value of 2.5 suggested by Nygård et al. 
(2006) to separate clay-rich top seals with a low probability of fracture-related leakage from those 
where leakage is more likely. In other words, the Opalinus Clay Mont Terri would pose a high risk of 
leakage if it were a top seal to a petroleum reservoir. The Opalinus Clay Benken has a lower 
overconsolidation ratio of 1.5-2.5. The upper value of 2.5 is on the borderline of what Nygård et al. 
(2006) considers separates top seals that are likely to leak from those that generally seal. In other 
words, based on OCR, the Opalinus Clay Mont Benken would pose a high risk of leakage if it were a 
top seal to a petroleum reservoir. The latter statement is particularly considering the argument of 
Corcoran and Doré (2005) that ductile top seals could remain intact despite experiencing significant 
uplift. For example, the Kinsale Head gas field offshore Ireland has an OCR of >2.5 but remains fill to 
spill.  

Geological formation Current burial 
depth (m) 

Maximum burial 
depth (m) 

OCR 

Top seal to Jurassic 
reservoirs in North Sea 
and Haltenbanken  

1500-5500 1500-5500 1 

Top seal to Jurassic in 
Barents Sea 

1100-2200 2200-5000 1.3-1.8 

Boom Clay 185-250 185-250 1 

Opalinus Clay Mont 
Terri 

240 1350 2.5-3.5 

Opalinus Clay Benken 600 1650 1.5-2.5 

Callovo-Oxfordian 
argillaceous rocks 

490 850 1.6 

Table 4.8 Burial depths and OCR for various formations discussed in this report 
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5 Overpressure retention in sedimentary sequences 

Key points 

• Overpressure is generally defined as the pressure of fluid above that which would
be created by a static column of water at the same depth.

• Generally, shallowly buried sediments are normally pressured and then
overpressures develop in more deeply buried parts of a basin below a pressure
seal. The depth to the top of the overpressured zone varies both between and
within basins. Lateral transfer of overpressures mean that overpressures can also
be encountered at shallow burial depths.

• A variety of processes have been argued to be responsible for overpressure
development. These can be broadly divided into disequilibrium compaction or
stress unloading. Processes which fall into the latter category include: quartz
cementation, hydrocarbon generation, clay mineral diagenesis.

• There has been a lively debate within the literature regarding the reasons why
overpressures are maintained over geological periods of time. The static school
argues that overpressures formed as a result of disequilibrium compaction during
initial burial and that overpressures are maintained due to the ultralow
permeability of shales; some argue that shale permeabilities that are six orders of
magnitude lower than has ever been measured caused the retention of
overpressures. On the other hand, the dynamic school argues that shales have
higher permeabilities and that overpressures are retained due to on-going
pressure generation by processes such as gas generation.

• Overpressured sediments are found in a large range of tectonic and sedimentary
environments throughout the world. Burial rates of overpressured sediments vary
widely as does the age of the strata in which they are found.

• The observation that overpressures exist within structures below heavily faulted
shale sequences provides evidence that either the faults never acted as conduits
for fluid flow, or were initially conduits but have since sealed.

• Evidence is available to suggest that faults and fractures are responsible for the
release of fluids in overpressured compartments, but the fact that overpressure is
often still present suggests that either resealing has occurred or flow is limited to
the extent that pressures cannot leak-off significantly.

• Overpressures can result in leakage through shale-rich sequences by a variety of
mechanisms on a variety of different scales. There is significant evidence that in
many situations leakage occurs when pore fluid pressures exceed the fracture
pressure (i.e. minimum horizontal stress). Leakage in these circumstances occurs
by a variety of processes including the leakage along small scale faults and
fractures to the formation of sand injection structures and mud volcanoes. The
sediment injection features appear to be particularly common when very poorly
consolidated sediments exist below shales.

• Faults and fractures whose dilatancy depends on the presence of over-pressures 
are particularly vulnerable to self-sealing once pore pressures are reduced.
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• There is documented evidence that fluid flow in both the shallow and deep 
subsurface is episodic with periodic shut-off of fluid transport. There is 
no documentary evidence that self-sealing of faults is responsible for this 
episodic behaviour but it is likely to be the case in some situations.

• A linear pressure gradient is often assumed to occur between normally pressured
shallowly buried sediments and deeply buried overpressured sediments. Such
gradients have been occasionally measured although to the authors knowledge
work hasn’t been conducted to determine whether such pressure gradients are
consistent with leakage along hydrofractures.

• To make an efficient pressure seal, the rock should be ductile and have a low
permeability. There is documented evidence that brittle behaviour and dilatant
faulting is related.

5.1 Introduction 
Dickinson (1953) defines abnormal pressures as “any pressure which exceeds the hydrostatic 

pressure of a column of water”. Quite accurately, he states “the obvious source of normal pressure 
in a reservoir rock is that due to the head of water filling the pores of the rock and in communication 
with the surface” – any deviation from this situation is considered to be abnormal. From this 
definition, it follows that overpressures are due to a lack of fluid flow, which would normally have 
taken place. The deviation from the fluid potential, which is the difference between fluid pressure 
and the gravity induced pressure of a water column extending up to a reference surface, dictates the 
pressure leading to flow. 

Standard pressure plots used in the petroleum industry (Figure 5.1) display the hydrostatic 
pressure, extending up to either the land surface or, to the mudline in marine conditions together 
with the lithostatic pressure, which corresponds to the pressure exerted by the weight of all rock 
material and the fluids from surface or mudline, and the actual (measured) fluid pressure. A normal 
pressure gradient is around 0.45 psi/ft or 10 MPa/km. It should be noted that the density of water 
varies as a function of both temperature and salinity so the hydrostatic gradient may vary slightly 
between locations. In many deep sedimentary basins, hydrostatic pressures are encountered at 
shallow depth and overpressures are encountered at deeper depth. These are separated by a sealing 
lithology. A linear pressure gradient is often assumed to occur between the bottom of the seal and 
the deep overpressured sediments (Figure 5.1).  

The effective stress, σ’, is often taken as the difference between the total lithostatic stress, 
S, and the pore fluid pressure, Pp, i.e. 

𝜎′ = 𝑆 − 𝑃𝑝 (5-1) 

Following on from the theory of linear poroelasticity (e.g. Biot, 1941) many authors (e.g. 
Burrus, 1998) often present a version of this equation that includes the Biot-Willis effective stress 
parameter, α, i.e. 

𝜎′ = 𝑆 − 𝛼𝑃𝑝 (5-2) 

α can be calculated using the equation: 

𝑎 = 1 − 𝐵𝑔
𝐵𝑟

(5-3) 

where Bg and Br are the bulk rock and grain compressibilities respectively. Some authors 
(e.g. Schutjens, 2009) have argued that the Biot-Willis stress coefficient relates changes in pore 
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pressure to changes in effective stress and should not be used in the effective stress calculation for 
static situations when processes such as creep are likely to have operated. 

Overpressure ranges from just above hydrostatic to just below the lithostatic pressure. It is 
often argued that overpressures are limited by fracture pressure, which is the fluid pressure within 
wellbores required to cause fractures to indicate within the subsurface (see Section 5.1.2). Phrases 
such as mild, moderate and hard overpressures are often used in the literature but nomenclature is 
not fixed, and neither is the range of pressures implied by these definitions. 

 

 

Figure 5.1 Pressure Plot showing hydrostatic pressure, a pressure trend and fracture pressure 
(from Hunt, 1990). Lithostatic pressure is approximately equal to the weight of the total overburden, 
and hence slightly larger than the fracture gradient shown. Note that a linear pressure gradient is 
assumed between the deep overpressured and shallower hydrostatically pressured sediments 

 

Keeping track of overpressures is extremely important in drilling operations. During drilling, 
drilling muds are used for a number of reasons, one of them being to counteract influx of fluids from 
the formation. Before casing is set, mudweight is adapted to balance the pressures of the pore fluids 
in the sediments encountered and is adapted during drilling depending on geology. The difference 
between the pore pressure and the fracture gradient is called the drilling margin. The mudweight 
has to be chosen such that the weight is large enough so that no influx occurs (giving a “mud-gain” 
or a “kick” or if things go out of control, a “blow-out”), but not so large that the mud will fracture the 
formation, leading to mud loss. Drilling margins can be quite narrow in high pressure - high 
temperature (HPHT) wells. Drilling in sediments with high overpressures is the rule rather than 
exception in many mature settings such as the Gulf of Mexico. Other well-known HPHT areas are 
parts of the North Sea, basins in North America, etc. In general, the rule is: the deeper and hotter, 
the more overpressure.  
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Overpressures are created when the permeability of escape routes is too low to maintain or 
reduce the excess fluid pressure (Couples, 1999). Overpressures in some parts of the world (e.g. 
Anadarko and Delaware basin, USA) are thought to have been active for 100’s Ma (e.g. Lee and 
Deming, 2002). These very long dissipation times have led to a division between two different 
schools of thought – a static school, asserting that the permeabilities of the seals of the 
overpressured regions were effectively zero, and a dynamic school, in which one stipulates that both 
sources and dissipation are transient phenomena, and hence that a continuous source of pressure 
must exist for overpressures to be maintained (Bredehoeft et al., 1994).  

With the recognition that long dissipation times can also be explained by the geometry and 
hydrodynamics behavior of the highly overpressured basins (e.g. Muggeridge et al., 2004), it is now 
generally accepted that overpressures are dynamic phenomena (Neuzil, 1995). There must be a 
source/mechanism creating overpressures in pressure cells (Bradley and Powley, 1994; Darby et al., 
1996; Dickey and Cox, 1977) and through leakage these pressures may dissipate back to normal 
pressure. Both pressures and pressure generating mechanisms are considered to be transient (Law 
and Spencer, 1998), with various pressure generating mechanisms playing a role and with pressure 
being transferred from one location to another. In short – everything leaks, with baffles and valves 
regulating the flow and the pressures, and the question is how fast and whether the flow is a steady-
state phenomenon or is in the form of pulses. 

 

Figure 5.2 Compaction curves for shales (from Mondol et al., 2007) 

As shall be discussed in Section 5.3, overpressure generation can be broadly divided into 
disequilibrium compaction or stress unloading. These different types of overpressures are often 
referred to as “early” overpressures or overpressures due to undercompaction in the former case, 
and “late” overpressures or overpressures due to “unloading” in the latter case. Overpressure 
generated by disequilibrium compaction can lead to anomalously high porosities for a given burial 
depth. Mondol et al. (2007) has summarized the porosity trends for shales as provided in literature 
(Figure 5.2). Theoretical curves have been derived by Aplin et al. (1995) and Japsen et al. (2007). 
Given the irreversible nature of geological compaction processes, it makes a difference for the 
expression of overpressures in rock properties whether the rock has been brought to overpressure 
while the rock is being compacted (the effective stress is still monotonically increasing), or whether 
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the overpressures are generated later. In the former case, the magnitude of the effective stress for a 
given depth is reduced, and hence the compaction is retarded – the porosity of a mechanically 
compacted rock is in first order only dependent on effective stress, and so are the other bulk and 
transport properties in this case. Compaction is however irreversible, and when overpressure is 
introduced when the rock has passed its maximum historical effective stress (i.e. effective stress 
decreases), the porosity is not restored to match the effective stress, but textural changes (fractures) 
may occur, affecting properties such as permeability, seismic and acoustic velocities and resistivity. 

The basic aims of this chapter are to review the occurrence of overpressures in sedimentary 
basins and explore the implications for radioactive waste disposal in shale-rich sequences. This 
chapter is organized as follows: 

• Section 5.2 reviews methods for overpressure measurement and prediction, with
emphasis on whether late or early overpressures can be detected, and whether
palaeopressures can be deduced.

• Section 5.3 summarizes the different mechanisms that can lead to the development of
overpressures.

• Section 5.4 discusses pressure cells and mechanisms leading to pressure dissipation (or
relaxation) focusing on the fluid flow and geomechanical properties as well as the stress
conditions favoring overpressure generation.

• Section 5.5 discusses evidence for fluid flow in the earth.

• Section 5.6 discusses evidence for episodic fluid flow.

• Section 5.7 provides examples of sedimentary basins where overpressures have been
recorded.

• Section 5.8 summarizes the relevance of these findings for self-sealing of faults and 
fractures in shale-rich sequences.

In all of these sections, it is recognized that the processes playing a role in the generation, 
expulsion, migration and entrapment of hydrocarbons play a role in the development of 
overpressures (Law and Spencer, 1998). As discussed in Section 2, major differences in detailed 
description include the effects of buoyancy, the effect of capillary entry pressure, being a major 
block for hydrocarbon flow, and the issue that in multi-phase flow effective permeabilities play a 
role – in single phase flow one is primarily concerned with absolute permeabilities. Relative 
permeabilities (the ratio of effective permeability for a fluid and the intrinsic permeability) are 
relatively small, substantially less than 1. 
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5.2 Pressure and stress measurement and prediction 

5.2.1 Direct Pressure Measurements 
Direct measurement of fluid pressures can be performed down-hole with various devices, 

e.g. Repeat Formation Tester (RFT), Repeat Formation Sampler (RFS), Modular Formation dynamics 
Tester (MDT), Formation Multi-Tester (FMT). Slightly less reliable than the above are pressure data 
taken from Drill Stem Tests (DSTs). Older instruments such as the Formation Interval tester (FIT) are 
not very reliable. An indication of pressure can also be derived from mudweight data, although 
mudweight data give no direct information – mudweight data reflect the beliefs of the drillers rather 
than the actual pressure. RFT/MDT/FMT data can be in error, if measurements are made in 
supercharged sands (leading to too high values) and in the case of tight formations (leading to too 
low values).  

The direct fluid pressure measurements by themselves do not provide information on the 
type of overpressure, nor on timing of the overpressure development. Their main use is in 
identifying compartmentalisation of the reservoir and defining the density of the connected fluid 
phase in the reservoir. Prediction of overpressures can, however, be performed for nearby 
prospects, if valid pressure measurements have been made in the well at the levels of interest, and 
connectivity to the well to be drilled within the aquifer(s) can be established with reasonable 
confidence. Establishing this connection cannot be made with certainty. One has to rely on seismic 
imaging, which in principle is limited to a resolution of the seismic wavelength (i.e. ~30 meters). 
Stochastic inversion methods can give some confidence in establishing the connection within 
aquifers, but in this case the stochastic properties (horizontal and vertical variability of porosity and 
permeability) have to be known (Bosch et al., 2010).  

5.2.2 Direct Stress Measurements 
Leak-off tests (LOTs) are probably the most common method used in the petroleum industry 

to provide estimates of the local minimum stress, (Shmin). LOTs are often taken at casing points, which 
are almost always measured in shales or other mudrocks so such data potentially provides valuable 
information on the stress within shale-rich sequences. LOT are commonly assumed to equal Shmin but 
this is not necessarily the case. LOT measure the formation breakdown pressure, not the fracture 
parting pressure. In vertical boreholes, the formation breakdown pressure lies between Shmin and the 
pressure required to initiate a fracture from a cylindrical borehole (i.e. Shmin plus the hoop-stress). 
Breckels and van Eekelen (1982) suggest that the pressure at which formations begin to take in fluids 
in LOTs ranges between Shmin and 2Shmin-Pp. Fracture-integrity tests (FIT) are run in wells with oil-
based mud. These tests do not reach failure, so they underestimate the formation breakdown 
pressure and provide no information on Shmin.  

Trends of LOT fracture pressure vs. depth show scatter, some of which is probably caused by 
differences in the hoop-stresses due to irregularities in the borehole. If this is the only cause of the 
scatter, the Shmin trend against depth follows the low-pressure side of the scatter of fracture gradient 
vs. depth (Breckels and van Eekelen, 1982). However, variations in Shmin can also be related to 
changes in fluid pressure due to pore pressure horizontal stress coupling as described in Section 
4.3.1. In this case, points with low Shmin at a given depth are Shmin values in the rocks with low 
geopressure, whereas points with high Shmin are measured in rocks with high geopressure. Pore 
pressures are difficult to estimate in muddy lithologies, so the pore pressure used to estimate Shmin 
may not be appropriate. As the accuracy of LOTs is not high, the use of extended leak off (ELO)tests 
is recommended for stress determination (Addis et al., 1998). 
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Shmax cannot usually be measured directly. Instead, it is usually inverted from borehole 
deformation data (i.e. borehole breakouts etc.). Inversion of bore hole deformation data requires 
information on the mechanical properties of the formation (e.g. Peŝka and Zoback, 1995). 

5.2.3 Geological Evidence 
The presence of overpressure can be deduced from a number of different observations. 

Mud volcanoes and sand injectites (Rodrigues et al., 2009; Vigorito and Hurst, 2010) indicate the 
presence of overpressures and/or palaeopressures. Although these effects can be observed and 
diagnosed at depth, quantification of the amount of overpressure is difficult, although theoretical 
calculations are possible. 

5.2.4 Fluid inclusions and geochemical evidence 
Fluid inclusions are microscopic bubbles of liquid and/or gas trapped within diagenetic cements. 
Theoretically, palaeopressure can be derived from fluid inclusion data provided coeval aqueous and 
hydrocarbon inclusions are present (Burley et al., 1989; Swarbrick, 1994). It is not, however, possible 
to determine the source of overpressure solely by the analysis of fluid inclusion data. 

Fluid flow in rocks is often inferred from the presence of cements particularly when these 
are identified along faults and fractures. Although possibly not very accurate, due to difficulties in 
both making and interpreting the measurements, this information has been used extensively (e.g. 
Eichhubl and Boles, 2000a,b). It should be noted that the authors have come across numerous 
examples where temperatures obtained from fluid inclusion analysis have been totally inconsistent 
with other geological data. For example, it is common to obtained high temperatures from inclusions 
within dolomite that clearly precipitated at very low temperatures. It might also be expected that 
pressures obtained from fluid inclusion analysis would often be inaccurate. 

5.2.5 Wireline measurements and seismic velocity estimates 
The relation between overpressure and porosity is clear in the case of overpressure caused 

by disequilibrium compaction. Different strategies can be developed to deduce the amount of 
overpressure from wireline logs (e.g. Figure 5.3), using bulk and transport properties linked to 
porosity, such as acoustic velocities and resistivity (Hottmann, 1965; Lane and Macpherson, 1976). 
From these, velocity based methods related to seismic measurements are prominent (Sayers, 2006), 
and several approaches for the derivation of pressures from sonic or acoustic responses have been 
developed, of which Eaton’s equation is amongst the most popular and best quoted (Eaton, 1975). 
An evaluation of the different (seismic) velocity based prediction methods is given by Gutierrez et al. 
(2006).  

The principle is simple and assumes low velocity at depth is an indication of low effective 
stress (or high pore pressure) due to disequilibrium compaction. If the rock is overpressured, the 
velocity of the overpressured rock should be equal to the velocity of the rock at a shallower depth 
with the same effective stress. Seismic velocity measurements see a combined effect of sands and 
shales, in which the shale velocities are dominant – as most of the subsurface consists of shales. If 
one knows the velocity – depth relationship for normally pressured rocks (trend-curves - Mondol et 
al., 2007) - in practice curves are regionally derived), comparison of measured velocities with the 
expected velocities allows the fluid pressure to be estimated. 

The method does not work when overpressures form due to unloading (Hermanrud et al., 
1998), due to the irreversible deformation behavior of shales. The porosity reduction in shales is 
strong when shales are initially compacted. However, the porosity only increases marginally, if at all, 
when the shale is unloaded. Velocities show a similar irreversible behavior, although velocity 
decrease and a change in resistivity can be observed, illustrating that although porosity is not 
recovered, the texture of the rock is changed (Teige et al., 1999). This textural effect is related to the 

NAGRA NAB 13-06 88



texture of shale, where a fraction of the porosity occurs as flat elongated pores (Aylmore and Quirk, 
1960; Bowers and Katsube, 2002; Kanitpanyacharoen et al., in press) which have a large 
compressibility, leading to a relatively large change in transport properties. Porosity is not heavily 
affected, as most of the porosity occurs in less compliant, more voluminous pores, rather than the 
elongated flat (fracture like) pores. A serious and large velocity decrease can be observed when the 
rock is fractured as a result of overpressuring (e.g. the case study Brunei as described in Grauls 
(1999)).  

Difficulties with the approach are inherent to the assumptions made. Typically one assumes 
vertical effective stress to be dominant, and hence the standard workflow may not be appropriate 
for tectonically active areas. Lateral transfer of pressures with the associated buoyancy effects are 
also difficult to gauge. Also it is assumed that pressures in sands and shales are the same, which may 
be hard to validate. It should also be noted that many old wells were drilled with very high mud 
weights in case highly overpressured sediments were encountered. Such high mud weights may 
have fractured the rock around the wellbore leading to low ultrasonic velocities. In which case, 
wireline log data from these wells may have been interpreted as an indication of high overpressures 
when in fact it may just be recording the operators expectation of high overpressures.  

 
Figure 5.3 Overpressured zone identified from compressional wave slowness (from Moss et al., 

2003) 
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5.2.6 Seismic Reflectivity Measurements 
Unravelling an overpressure signature from seismic reflectivity is not simple, as both sands 

and shales will be subject to similar effective stresses. However, chemical compaction related 
change can be observed (Louie and Asad, 1994): the smectite to illite transition is visible in velocity 
trend curves as well as in seismic signature.  

This approach has not been proven to be useful for the detection of overpressures, although 
theoretical calculations and some case studies have been published (Carcione et al., 2003; Carcione 
and Tinivella, 2001). It has been suggested that with careful seismic acquisition and processing, a 
successful visualization of overpressure at fault planes can be achieved (Haney et al., 2004) although 
this has not been extensively verified by other data.  

5.2.7 Basin modelling 
Basin modelling is a tool quite independent from the more direct measurement methods 

discussed above. The history of the basin is modeled, and the resulting pressure-depth-porosity-
temperature predictions are calibrated to measurements at different wells. As such, basin modeling 
is heavily used for the prediction of overpressures (Mudford et al., 1991; Borge, 2002; Lothe et al., 
2004; Hansom and Lee, 2005). Issues with the approach are: (i) the necessity to know rock 
properties (porosities, permeabilities) as a function of history (pressure, temperature); (ii) 
specification of the geological history; and (iii) specification of the main rock units with their 
properties (aquifers, aquitards). Advantages of the method are that: (i) it is a largely independent 
method; (ii) it can include effects of decompaction through unloading and through lateral transfer of 
overpressures (e.g. Borge et al. (2002) discussion on pressure cells in Halten Terrace).  

There are many uncertainties, some contributions from overpressures cannot be uniquely 
identified, and ambiguities will remain. Monte Carlo type of modeling may help identify the main 
dependencies and consequently reduce the uncertainty (Wendebourg and Trabelsi, 2005). However, 
some authors (e.g. Bjørlykke et al., 2010) argue that there are so many uncertainties (such as the 
sediment distribution, porosity and permeability distribution, relative permeability of low 
permeability rocks etc.) that it is essentially impossible to use basin modelling to accurately predict 
the distribution of overpressure in the subsurface.  

5.2.8 Integrated approaches 
In practice, oil companies never rely on a single method for overpressure prediction and 

modelling and a number of approaches will be combined. The integration of a number of techniques 
has become important in the prediction of seismic velocities beneath salt domes (Foss et al., 2008; 
Peng et al., 2007; Petmecky et al., 2009), where basin modelling is used to predict seismic velocities, 
and depth migration is then used for validation. Gravity modelling may also be included in this 
workflow (Foss et al., 2008).  

Although this approach is primarily followed to obtain a valid structural interpretation, 
overpressure predictions follow as well, as basin modelling, fluid flow paths and fluid connectivity 
should provide indications of regions with overpressures (which typically are very high below salt 
domes). 

5.2.9 What can be achieved by direct measurements? 
A summary of the reliability of various types of data used for the detection of fluid pressures 

is given in Figure 5.4. Most of the measurement methods only provide information on the current 
state of overpressure, with only wireline based methods and basin modelling being able to 
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discriminate between overpressures generated by disequilibrium compaction and sediment 
unloading.  

Palaeopressures can in theory be identified through chemical tracing, either by study of 
mineralisation in veins, or, more accurately, by fluid inclusion studies. All methods are inherently 
inaccurate especially where the analysis of flow paths is concerned. Mapping of current connected 
aquifers may still be possible, but delineation of palaeo fluid paths is more a matter of interpretation 
than a result of actual measurement.  

Palaeostress orientations may be derived from the analysis of older faults (e.g. Reches et al., 
1992). Although, it has been argued that such analyses may be inaccurate due to their failure to 
account for variations in fault compliance (Pollard et al., 1993).  

 

 
Figure 5.4 Reliability of various pieces of evidence used to determine fluid pressure (from Moss 

et al., 2003) 

5.3 Sources/mechanisms for overpressure generation 
Many sources of overpressures have been recognized (Grauls, 1999; Osborne and Swarbrick 

1997; Swarbrick and Osborne, 1998). In principle, an abnormal pressure occurs when stress on the 
porous rock is not only supported by the rock frame, but also by the fluid in the pores; i.e. the fluid 
cannot escape, or, in the case of underpressure, insufficient fluids can imbibe. Reduction in pore 
space, and/or increase in fluid volume, or increase/decrease in vertical or horizontal stress can give 
rise to over- or under-pressure. 

The following processes have been suggested to result in the generation of overpressures: 

1 Sediment loading. Increase of vertical load on a sealed or semi-sealed rock is the most 
commonly cited mechanism to explain overpressure development in extensional basins; i.e. 
“disequilibrium compaction”. Loading lower permeability sediments by deposition of 
younger sediments leads to compaction of the sediments (porosity decrease), while the fluid 
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cannot escape sufficiently quickly to equalize the pore pressure. Equilibration of pore 
pressure will, in such a setting, not be achieved – a pressure differential is required in order 
to push water out of the system, and thus allow rocks to compact. Darcy flow is limited by 
the permeability of the overburden, which in the case of shales decreases rapidly with 
compaction. This decrease in permeability provides a self-sealing mechanism that retards 
the escape of pore water. Limited overpressure can thus be expected shallow depths (Mann, 
1990), with fluid pressures with depth approaching pressures with a constant effective 
stress, at which no compaction is taking place. The fluid retention depth (FRD) is defined as 
the depth at which the lines of hydrostatic pressure and the asymptote of overpressure 
intersect (Figure 5.5). The FRD is dependent on the permeability related to compaction, 
hence to lithology and sedimentation rate. Taken the correlation line as shown by O’Connor 
2008, one observes that FRD is defined by a logarithmic relation to sedimentation rate 
(approximately FRD = -415*LOG10(SR)+1900, with sedimentation rate given in meters per 
million years, and FRD given in meters for shaley sediments. Quite obviously, the FRD will be 
deeper when the material deposited has a larger permeability, and hence the FRD in the 
Gulf of Mexico (GOM) is at a larger depth than predicted by the simple regression above. 
The permeability at FRD is quoted (Swarbrick et al., 2002) to be of the order of 1 to 10 nD as 
estimated by basin modeling techniques, but obviously this value is quite dependent on 
sedimentation rate – high overpressures shallow can be expected at large sedimentation 
rates, when porosities and permeabilities are still high. 

If overpressures were only related to disequilibrium compaction it would be expected that 
reservoirs with hard overpressures would always be poorly lithified. The fact that 
overpressured reservoirs are often highly lithified suggests that other overpressure 
mechanisms must also occur. With reasonable assumptions for permeabilities and 
porosities, one can show that disequilibrium compaction is insufficient to generate the 
overpressures observed at depth, and other processes have to contribute (Kooi, 1997). 
Given effective dewatering at shallow levels, additional overpressure mechanisms have to 
come into play to obtain the high pressures. Top seal leakage, whether through decreased 
top seal permeability or via fluid flow paths through the seal, has to decrease significantly to 
enable overpressure build up.  

Figure 5.5 Diagram illustrating the concept of the fluid retention depth (from Swarbrick et al., 
2002) 
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2 Tectonic stress: Overpressures may develop in compactional (Hubbert and Rubey, 1959a,b), 
as well as in strike/slip, regimes because local distortion of the volume by lateral strain can 
generate the misbalance between pore pressure and rock matrix stress. Depending on the 
lithology, shear stress can create substantial overpressures (due to porosity restriction) or 
underpressure (due to dilation) (Yassir, 1998; Yassir and Addis, 2002) . 
It is interesting to note that it has been argued that overpressures can be created by 
deformation of the rock mass but also high fluid pressure is a prerequisite for fault 
movement (Hubbert and Rubey, 1959a). 

3 Uplift: Overpressures may also generated when a sealed compartment is uplifted, i.e. as a 
consequence of the reduction in the external stress. Katahara and Corrigan (2002) suggested 
that the high compressibility of gas meant that uplifting low permeability gas reservoirs 
could result in the development of overpressures. Underpressures may, however, develop in 
uplifted water-saturated rocks because the pore volume compressibility of the rock is higher 
than that of water. 

4 Thermal and chemical stresses: Increase of volume/pressure of pore fluid through a number 
of processes including: (i) oil and gas generation from kerogen, or gas generation from oil 
cracking (Barker, 1990); (ii) aquathermal expansion; (iii) water release from mineral 
diagenesis such as the smectite to illite transformation (Katahara, 2006) or the gypsum to 
anhydrite transformation (Jowett et al., 1993); and (iv) mineralization of pore space 
(Wangen, 2000) by for example quartz cementation (Bjørlykke, 2010). Aquathermal 
expansion (Barker, 1972) may presumably be mostly neglected as being only a small 
influence, but under a set of specific conditions, it may still play a role (Luo and Vasseur, 
1992, 1993; Miller and Luk, 1993). The most important mechanisms are gas generation, 
quartz cementation potentially water release by clay mineral diagenesis. An example where 
both clay mineral diagenesis and gas generation are thought to play a role is given in 
Ramdhan and Goulty (2010). 

5 Buoyancy of lighter fluid columns: the buoyancy force pressure, Pb, generated by a 
hydrocarbon column can lead to overpressure generation. As discussed in Section 2.2, Pb, 
increases with increasing hydrocarbon column height and with increasing density contrast 
between the hydrocarbon and brine (i.e. gas produces a higher buoyancy pressure than oil 
for the same column height  

6 Hydraulic head: a hydraulic head or potentiometric gradient is generated by an elevation in 
the water table in highland areas and can potentially lead to overpressures in adjacent 
sedimentary basins so long as there is good connectivity between the two locations (Figure 
5.6).  
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Figure 5.6 Diagram showing how an overpressure can be generated due to the presence of an 

elevated water table (from Swarbrick and Osborne, 1998) 

7 Osmotic effect: large contrasts of salinity across a semi-permeable membrane, such as a 
shale, could create an osmotic pressure potentially resulting in overpressure development 
(Marine and Fritz, 1981). However, Swarbrick and Osborne (1998) have argued that this is 
unlikely to be an important mechanism for overpressure generation in most sedimentary 
basins.  

8 Lateral transfer of overpressure; i.e. over a distance between neighbouring reservoirs. 
Lateral transfer of fluid pressure is discussed by Traugott (1997) as well as Yardley and 
Swarbrick (2000), and is in essence linked to leakage pathways. A reservoir at depth with 
relatively mild overpressure can be in connection with a shallower reservoir resulting in hard 
overpressure at the shallow depth ( 

9 Figure 5.7). The amount of overpressure is still the same, but as the difference between 
fracture pressure and hydrostatic pressure is smaller at smaller depths, overpressures at 
these shallow depths can be a serious hazard. The concept of “centroid”, as introduced by 
Traugott (1997) based on concepts already introduced by Dickinson (1953), implies that 
pressures in sealing lithology may differ from reservoir pressures. It has been suggested that 
the lateral transfer of overpressures to shallowly buried sediments may sometimes cause 
slope instability problems in marine sediments (e.g. Flemming et al., 2008). 
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Figure 5.7 A sand is buried at a rate that allows it to completely dissipate fluids and remain 
hydrostatically pressured to a depth of 2042 m (6700 ft). The sand then subsides differentially and is 
rapidly buried to form three different structures: a) anticlinal, b) homoclinal, c) synclinal. 
Overpressure is a linear function of depth therefore overpressure contours (dashed lines) in the mud 
are horizontal. d) Fluid pressure from the surface to 2042 m is hydrostatic in both the sand and mud. 
Upon differential burial, fluid pressures in the sand diverge from pressures in the adjacent mud. 
Overpressure in the sand (DP*) is dependent on the overburden load. Dashed lines represent 
hydrostatic pressure (10.5 MPa/km; 0.465 psi/ft) and lithostatic stress (21 MPa/km; 0.94 psi/ft). 
Circles 4,6, and 8 represent pressures in the sand at the structural highs; points 5,7,and 9 represent 
pressures in the sand at the structural lows. Triangles 2 and 3 represent fluid pressure in the mud at 
the structural high and low, respectively. Fluid pressure gradient in the mud is parallel to lithostatic 
stress gradient (from Stump, 1998) 
 

5.4 Pressure cells and dissipation of pressure 

5.4.1 Pressure cells 
Both overpressure and underpressure are observed in nature (Dickey and Cox, 1977; Law 

and Spencer, 1998) with sealing lithology separating regions with different pressure regimes. The 
regions forming individual compartments exhibit unique pressure gradients depending on the type 
of pore fluid present, and with differing hydraulic head to neighbouring compartments. These 
compartments are sealed both vertically and laterally (Bradley, 1975; Bradley and Powley, 1994), 
and are referred to as pressure cells (Darby et al., 1996). Complexes or superstructures of pressure 
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cells may exist, with each pressure cell within a complex having pressures similar, but not equal to 
neighbouring pressure cells. Compartmentalisation may be nested (Figure 5.8). 

 

 

Figure 5.8 Nested pressure compartments as described by Ortoleva (1994). The complex of 
pressure cells is bounded by a (regional) top seal and by a base seal or base boundary 

This description in terms of pressure cells is an idealisation, as there is always some fluid 
communication between pressure cells (Ortoleva, 1994). Ortoleva describes the pressure cells to be 
far out of thermodynamic equilibrium, and assumes that hydraulic fracturing is the main mechanism 
for pressure release, leading, in his view, to pulses of fluid being transmitted through the sealing 
interface. 

5.4.2 Mechanisms for pressure release – theoretical consideration of Darcy 
flow through caprocks 
Various authors (e.g. Bredehoeft and Hanshaw, 1968; Deming, 1995; Deming, 1994; He and 

Corrigan, 1995; Neuzil, 1986) have analysed the pressure relaxation associated with a pressure cell 
bounded by a pressure seal. Given typical values for permeabilities, compressibilities and seal 
thicknesses for the depths at which overpressured compartments are encountered, one derives that 
abnormal pressures would dissipate within a limited time scale (within geological time). 

Deming (1995) calculated the time within which a horizontal seal may continue to confine a 
sudden change in head (or pressure) at its base. He derived that this time is proportional to the 
square of the thickness of the seal, proportional to the specific storage of the seal, and inversely 
proportional to its permeability: 

𝑡 = 𝑧2𝑆𝑠
𝑘

𝜇
4𝜚𝑔

 (5-4) 

where t is the time in which the pressure has relaxed by a factor 2.68, z is the thickness of the seal, Ss 
is its storage capacity, k is the permeability, µ is the dynamic viscosity of the fluid, ρ is the fluid 
density, and g is the gravitational constant. The specific storage gives the amount of water that is 
being released from a porous medium under decline of hydraulic head, and is defined as: 

𝑆𝑠 = 𝜌𝑔(𝛼 + 𝜙𝐵) (5-5) 

where α is the rock compressibility, φ is the porosity, and B is the fluid compressibility. In the 
calculation, Deming neglected the compressibility of the reservoir rock. Deming also considered 
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other boundary conditions, including one in which the pressure decay relates to steady state flow. In 
that case the dissipation time was proportional to the thickness of the seal, as the specific storage of 
the seal is not important.  

Luo and Vasseur (1997) made a calculation of the more realistic case in which the 
compressibility of the reservoir rock was taken into account. They assumed that the compressibility 
of the fluid was negligible. The situation considered is given in Figure 5.9.  

 

Figure 5.9 Configuration as studied by Luo and Vasseur (1997)  

Further sophistication by Muggeridge et al. (2005) introduced terms for the storage capacity 
of seal and reservoir, including the compressibility of the fluid. The equations reduce to the 
equations proposed by both Deming and Vasseur under the appropriate simplifications. The method 
accounts for the lateral boundaries of the system, as well as the structure of multiple compartments, 
to arrive at realistic time estimates for the pressure dissipation in pressure cell complexes. In the 
words of Muggeridge et al. (2004): “We show that for isolated pressure compartments, very low 
permeabilities at the edges of the compartment are required to maintain abnormal pressures over 
geological timescales. However, in the case of hydrocarbon reservoirs the increased compressibility 
of oil and gas, combined with the compartmentalized nature of most overpressured basins, makes it 
likely that abnormal pressures will take hundreds of millions years to dissipate using measured values 
of seal permeability. There is thus no need to invoke complete pressure sealing, via capillary pressure 
or any other mechanism, to explain the existence of anomalous pressures in the subsurface for 
hundreds of millions of years after those pressures were first generated.” 

Muggeridge et al. (2004, 2005) does not consider the irreversibility of compaction processes. 
If pressure dissipation is from overpressures created by under compaction, porosity loss will be 
relatively large, as the effective stress increases beyond the maximum historical stress. Porosity loss 
will be relatively small in the case of overpressures due to unloading until the effective stress 
reaches the maximum historical stress. 

Incorporation of effective storage in reservoir and seal increases the dissipation time. The 
real point to be made is that the equations proposed by Muggeridge et al. (2004, 2005) include fluid 
compressibility. Building high pressure with a highly compressible fluid requires substantial energy, 
and thus time. The dissipation of this pressure, even if the permeability of the seal is in the nD range, 
accordingly also takes time. Undisturbed consolidated shales and rock salts have permeabilities in 
this range (Schoenherr et al., 2007; Yang and Aplin, 2007). Bredehoeft (2009) recently extended this 

97 NAGRA NAB 13-06



argument noting that expansion of gas from gas-shales would provide a long lasting source of 
overpressure. 

It is quite surprising that energy considerations are not often taken into account in the 
current pore pressure literature. A notable exception is the contribution by Couples (2005). 

The magnitude of the parameters in the equations above can only be estimated with rather 
large error bars. The porosity of the seals is a function of compaction, and trend curves can be used. 
Yang and Aplin (2004) have modelled the void ratio of shales/mudrocks as a function of effective 
stress, and found the clay content (defined by percentage of particles less than 2 µm in size) was an 
important parameter. The higher the clay content, the larger the decrease of porosity as a function 
of depth. Although less clear, as variation of permeabilities is large (see Figure 5.10), permeability is 
also a function of clay content (Figure 5.11), with smaller permeabilities with increasing clay content. 
This is expected as increasing clay content implies decreasing pore size. Yang and Aplin (1998) derive 
permeabilities from a theoretically based pore model. Although the model may not be fully realistic, 
the relationship between pore size distribution and clay content implies that permeability is clay 
content dependent. A more theoretical description of compaction behaviour is given by Revil et al. 
(2002), again the clay content is identified an important parameter. Actual measurements confirm 
the dependency of permeability on clay content, and regressions have been published (Yang and 
Aplin, 2010).  

The relationships between porosity, permeability and stress described above are no longer 
valid when chemical compaction plays a role. When chemical compaction is important, porosity 
decrease and consequent water expulsion/over pressure generation is a function of temperature 
rather than a function of effective stress. Chemical compaction is well documented for sandstones 
and carbonates (Bjørkum et al., 1998a; Fabricius, 2003; Lander and Walderhaug, 1999), and 
increasingly features of cementation in shales have been recognised (Nadeau et al., 2002; Thyberg et 
al.2010), in addition to the well known processes such as smectite to illite conversion (Freed and 
Peacor, 1989). 

It should be noted that the lowest permeability value measured by the aforementioned 
authors is around 0.1 nD (10-22 m2). Although results have yet to be published, those involved with 
shale gas analysis are reporting permeability values that are over three orders of magnitude lower 
(e.g. Corelabs, unpublished data). Further work is needed to reconcile these differences and assess 
the implications for overpressure retention.  
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Figure 5.10 Permeability data as collected by Neuzil (1994). Laboratory-derived permeability 
vs. porosity data for a variety of natural argillaceous media. Permeability is shown along the lower 
horizontal scale: the corresponding hydraulic conductivity to water at room temperature is shown 
along the upper horizontal scale 

 

Figure 5.11 Permeability/Porosity relationships for mudrocks (from Yang and Aplin, 2010). The 
legend shows the range of clay content for each band. The curves correspond to the middle value of 
clay contents of the band with the same colour 

An argument given by the “Static School” is that permeability of seals of a pressure 
department can be infinitely low for hydrocarbon-brine mixtures (Iverson et al., 1994). Although the 
point is valid, one can question whether it would be valid for all the boundary area of the pressure 
compartment. Given the Muggeridge et al. (2004) argument, there is less need for such an artificial 
mechanism. 
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5.4.3 Pressure release through fractures – theoretical considerations 
Discontinuities within seals such as faults, fractures, sand injections provide potential 

pathways for hydrocarbon migration and for pressure dissipation. Arguments regarding release of 
overpressure through faults and fractures are very similar to those presented for leakage of 
hydrocarbons through caprocks presented in Section 4 to which the reader is referred for further 
details. 

5.4.4 Catastrophic pressure release - considerations 
Episodic pressure release is well documented in volcanic activity (building up of magma 

chambers, geysers), in near surface phenomena such as mud volcanoes, sand injectites, and pock 
marks in the seafloor.  

Volcanic activity and gas-related near surface phenomena all have in common that phase 
transitions or release of gas from solution act as agents for activity. High mobility gas or high 
mobility fluid can enlarge fluid pathways which will remain open until the pressure causing the 
instability has been released. 

Shallow migration of hydrocarbons or gas-loaded muds seem generally due to episodic 
events, with time scales varying according to geological conditions. The physics underlying seafloor 
pockmarks is not fully clear, and theories with some sophistication are only now being developed. 
For example, the initiation of a fluid transfer may be related to a break of a shallow capillary seal by 
gas (Cathles et al., 2010). Fluidization of shallow sands/shales may lead to a catastrophic event, 
which may repeat itself when the shallow capillary seal is re-imbibed with water as part of the 
catastrophic process. This model deviates from an earlier model by Hovland and Judd (1988), which 
is less clear on the cause of episodic behavior. It is recognized by Hovland (2002) that hydrocarbon 
seeps can be self-sealing, and that this process can cause episodic behavior. The sealing mechanism 
discussed by Hovland is bacteria action related. 

Theories on mud volcano activity have been proposed by Moss and Cartwright (2010). 
Closing off of the vent at the end of the mud ejection process is stipulated in this theory. Venting in 
mud volcanoes may, however, have a duration in the order of millions of years (Calvès et al., 2010). 
Mud volcano activity in the Auger basin (Gulf of Mexico) is tied to overpressures at a deeper level – 
it is not clear whether the eruption activity is episodic (Reilly and Flemings, 2010). The Lusi mud 
volcano probably resulted from drilling activities in May 2006 and is still active today.  

Mud volcanoes have been known to pass through producing oil reservoirs (e.g. in the 
Caspian Sea, offshore Azerbaijan). The authors know of one example where a mud volcano erupted 
and intersected a reservoir within a few hundred meters of a high precision quartz pressure gauge. 
Interestingly, the gauge recorded no change in pressure during the intrusion. It seems likely that a 
low permeability mudcake built up on the interface between the reservoir and the mud volcano 
which prevented transmission of overpressures into the reservoir.  
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5.5 Evidence for fluid flow 

5.5.1 Shallow, Deep, Intermediate regimes 
Lithologic properties vary as a function of depth. At shallow levels, lithology is 

unconsolidated, may have rather large permeabilities, such that hydrocarbons and pore pressures 
can be transmitted either through catastrophic events or through Darcy flow through rather high 
permeability media (porosity of sands > 30%-35%, permeability of shales > 10 nD, with depth 
typically around the Fluid Retention Depth dependent on sedimentation rates). At shallow levels, 
chemical compaction and diagenesis may not play a role. Most hydrocarbon reservoirs at the 
shallow level will be quite dynamic, fully relying on the reservoir being on a migration path, with an 
equilibrium of leakage in and out of the reservoir. At high temperature gradients, and with high 
geological age, the depth of the shallow regime may be limited as permeability decreased by 
cementation and consolidation. In the North Sea, the shallow regime will range from sea bottom to 
1 or 2 km depth, and is characterised by young sediments, and temperatures below some 60 oC. In 
the GOM, where temperature gradients are low and where sedimentation rate is high, the shallow 
zone will range to a larger depth.  

In the deep regime, with temperatures well above 100 – 120 oC, chemical compaction plays a major 
role, and porosity and permeabilities decrease well below levels which would be achievable with 
mechanical processes alone. The cracking of hydrocarbons provides an additional overpressure 
mechanism, and hydrofracturing of the rocks will occur as the fluid pressure rises to fracture 
gradient. The onset of this regime will be at 3-4 kms below seabottom depending on the 
temperature, with such depth being considerably deeper in the GOM, certainly so below salt. 

The intermediate zone is characterised by consolidated sediments, with typically still quite good 
porosities. The latter zone is historically the most interesting for hydrocarbon industry.  

Statoil has described these three zones in the Golden Zone concept (see Section 5.6), and have used 
this concept in their Exploration Strategy.  

5.5.2 Shallow Regime – flow regime and escape mechanisms 
Fluid flow through rather ductile unlithified lithology, in which faulting leads to non-

permeable faults, has been described by several authors (e.g. Barnicoat et al., 2009, Sheldon et al., 
2006). Fluid flow in these sediments is not controlled by faults but is either by direct upward 
migration through porous sediment, or laterally through permeable layers. Barnicoat et al. (2009) 
show (Figure 5.12) an example of vertical gas escape from a reservoir off the south coast of 
Australia. The gas migrates straight up, rather than along the faults.  
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Figure 5.12 Gas chimney example taken from Barnicoat et al. (2009)  

Van Rensbergen et al. (2007) undertook an extensive study of the plumbing system around 
the Connemara field in Australia. Gas chimneys, occasionally with signs of fluidization of sediment, 
mark the hydrocarbon migration pathways from the deep source rock to reservoir as well as to the 
sea surface, where pock marks give indications of fluid escape (Figure 5.13). The fluid pathways are 
focused along structural features. At shallow levels the fluid flow becomes unfocussed – the fluid is 
dispersed through layers characterized by iceberg plough marks, and pockmarks are visible at 
random locations on the sea floor.  

 

Figure 5.13 Gas chimneys at the Connemara field (from Rensbergen et al., 2007)  
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Another example of this behavior is presented by Løseth et al. (2003): gas escapes along 
faults from Jurassic reservoir rocks, until it reaches poorly lithified Tertiary sediments where the gas 
rises along chimneys, that are not related to faults, towards ‘chaotic zones’ in the shallow sediments. 
At even shallower levels, pockmarks develop on the seafloor above chimneys that mark the 
pathways of gas escape (Gayet al., 2003). For the presented example buried channel sands guide the 
escape of gas and pockmarks develop above these focused flow sands. Hegland (2005) describes the 
same behavior of gas percolating up from a sealing surface. He labels these as a “type 2 chimney”, 
characterized by low flow rates. High flow rate chimneys correlate with breach at the top of a sealing 
structure, and with faults. In contrast to the statements by Barnicoat et al. (2009), they suggest that 
focusing along faults can occur. High intensity fluid flow through pockmarks and mud volcanoes can 
be seen in several examples given by Cartwright et al. (2007). A few of these examples show leakage 
along shallow faults. 

Mud volcanoes, sand injectites and pock marks all give indications of shallow localized and 
quite likely episodic escape mechanisms for overpressured fluids (often associated with gas), while 
at deeper levels the flow of hydrocarbons is more focused (e.g. Rensbergen et al., 2007). Some of 
the mud volcano complexes are long lived, for example Calvès et al. (2010) document a mud volcano 
complex that seems to have lived for 22 Ma. Escape features have also been observed at 
accretionary wedges (e.g. Henry et al., 2002; Kobayashi, 2002).  

All these near-surface phenomena are tied to deeper flow paths.  

5.5.3 Intermediate Level – pressure transference and tilted contacts 
As the petrophysical signature of overpressures due to unloading is quite different from the 

signature of overpressure due to undercompaction, they can generally be distinguished. Several case 
histories have been published in which overpressure is due to lateral transfer of overpressure 
(Ramdhan and Goulty, 2010; Yardley and Swarbrick 2000). Vertical transfer is documented for the 
area offshore Brunei (Morley et al., 2008; Tingay et al., 2009; Tingay et al., 2007). 

Active and current fluid flow can be diagnosed when hydrocarbon contacts are tilted, 
demonstrating that pressures do not only vary vertically according to the vertical pressure gradient, 
but also horizontally. As this horizontal pressure gradient induces fluid flow by necessity, one has to 
conclude that a pressure cell with tilted contacts must be leaking. 

Such a tilted contact has been observed by Ramdhan and Goulty (2010) in a field in 
Indonesia. The effect is also pronounced in the chalks in the North Sea, to the extent that 
hydrocarbon accumulations are found off-structure (Dennis et al., 2005; Megson and Tygesen, 2005) 
(e.g.Figure 5.14). The large time constants for these formations, related to the low permeability of 
the fluid supporting rock, enable the tilt to be observed (at the very low flow rates involved). 

Theoretical calculations on these tilted contacts show that it takes a very long time until the 
tilted contact establishes itself (e.g. Smalley et al. 2004). Barriers, such as less permeable fault planes 
give shadow effects, again with a long time required to establish the pattern. 

Given the large time constants, it will be impossible to tell whether or not the flow is 
episodic. Any short period change will not be observable in the response of the total system. 
Another issue to be considered is that tilted contacts may be a result of uplifting (Parnell, 2002). 
Making the distinction between fluid flow and unloading on petrophysical overpressure 
characteristics may be difficult – the two scenarios have similar overpressure characteristics. 
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Figure 5.14 Tilted contacts at the South Arne Field, North Sea (from Megson and Tygesen, 
2005) 

5.5.4 Intermediate zone – hydrofracturing 
Sealing sequences for hydrocarbons can be broken either through the hydrocarbon pressure 

exceeding the capillary entry pressure or through the aquifer pressure exceeding the fracture 
pressure leading to hydrofracturing. These mechanisms are quite independent for water wet 
reservoirs and seals (Bjørkum et al., 1998b) .  

The role of hydrofracturing in North Sea reservoirs has been documented by O’Connor et al. 
(2009). In particular, the case of trapping of hydrocarbons underneath the Kimmeridge shale has 
been documented. A good correlation was found with the presence of hydrocarbon fill when aquifer 
pressures at the Base Cretaceous Unconformity were below fracture pressure: the correlation was 
even better when aquifer pressures were compared at Base Chalk which is one of the main 
overpressure seals in the Central North Sea (Figure 5.15). Both Base Cretaceous Unconformity and 
Base Chalk are located shallower than the Kimmeridge shale. Given the high aquifer pressure where 
the seal was broken, one can speculatively conclude that fluid migration paths are active, and that 
these fluid migration paths are just sufficient to transport hydrocarbons and brine out of the 
reservoir and through the overlying layers through the chalk, without lowering the overpressure to 
significant extent. When the chalk is not breached, no flow occurs, and apparently the flow paths, if 
they ever existed, in the Kimmeridge are sealed. Apparently, small pressure differences and small 
fluid gradients suffice to maintain a fluid flow. Whether the flow is episodic or not, cannot be said.  

The paper by O’Connor et al. (2009) does not include sufficient details to make any firm 
conclusions other than that continuous and steady flow through multiple layers is likely.  
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Figure 5.15 Correlation between aquifer seal pressure and success of wells in Central North Sea 
(from O’Connor et al., 2009) 

5.5.5 The deep zone 
Hard overpressures have been documented in almost every basin where drilling to deep 

levels has been undertaken. Given that the high temperature associated with deeper sediments 
leads to both chemical compaction processes and increased effectiveness of hydrocarbon cracking 
to gas, one can expect that hard overpressures will be the rule at depth. In spite of a number of 
feedback mechanisms reducing overpressure increase (e.g. the effectiveness of hydrocarbon 
generation is less under overpressures (Price and Wenger, 1992)), the system is far out of 
equilibrium, and hydrofracturing and leakage along faults are the only two mechanisms for pressure 
release. Grauls (1999) quotes an example of excessive fracturing at depth: we are not aware of any 
other example along these lines. 

5.5.6 Golden Zone Concept 
Overpressures and associated fluid flow, and hydrocarbon flow and capture are related. It 

has been suggested by Statoil that at larger depth, overpressures rise, and the chance of finding 
hydrocarbons reduces. Overpressures correlate with temperature. These observations led Statoil 
(Buller et al., 2005) to the Golden Zone concept. According to this concept 90% of the world oil and 
gas resources can be found between the 60-120°C isotherms. They distinguish three zones –  

• The basal or the expulsion zone, with T> 120°C, where oil and gas are generated, but where only 
a small percentage is trapped. This zone is one of intense thermo-chemical compaction, 
characterized by low permeabilities and high pore pressures capable of hydraulically fracturing 
the rock.  
In this area one expects the material to be brittle, and fractures should be the main fluid 
transmission mechanism. 

• The Golden Zone or accumulation zone. Porous reservoir acts as pressure relief – hydrocarbons 
are entrapped by the shales as these are capillary entry pressure barriers, while water can 
migrate through the more permeable seals. Hydraulic fracturing as a process for pressure relief 
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reduces in importance and at around 60°C, the influence of vertical fracturing stops.  
In this area one expects overpressures due to disequilibrium compaction, and overpressures due 
to vertical or horizontal pressure transfer. 

• The sealing zone, with temperatures lower than 60°C. Oil migration in this zone proceeds via 
carrier beds and via vertical percolation through relatively permeable sediments and leaky seals. 
Biodegradation is playing an important role, restricting the economic viability. 
This area is roughly the one described by Barnicoat et al. (2009). 

5.6 Evidence for episodic flow 

5.6.1 Seismic Pumping/Valving 
The qualitative link between earthquake and hydrology has been recognised for over 2000 

years (Muir-Wood and King, 1993). More recently quantitative data has been collated showing how 
major earthquakes results in temporal changes in surface hydrology such as increases and decreases 
of river discharges (e.g. Muir-Wood and King, 1993).  

The link between seismic activity and fluid flow has also been used to explain many other 
geological observations. For example, Eichhubl and Boles (2000a,b) have made estimates of rates of 
palaeo-fluid flow within a fault zone in the Monterey Formation based on: (i) the size of rock 
fragments apparently transported in moving fluid along the fault; and (ii) alternating fault cement 
layers containing high- and low-temperature fluid inclusions, interpreted to reflect pulses of hot fluid 
flowing up along the fault. Interestingly, the number of cyclic cement layers exceeds the number of 
brecciation events along this fault, which suggests that the cement cycles are largely the result of 
fluid pulses triggered by earthquakes along other faults in the basin rather than by the exposed fault 
itself. Examination of vein mineralization by Sibson (1994) indicates that minerals are deposited in 
episodic fluid flows. Quite elaborate demonstrations of possible fluid flow are to be found in Jin et al. 
(2008), in which the fluid chemistry of the environment for carbonate deposition in historical times 
was analysed. Micron-scale zoned structure of calcite cements with alternating hydrocarbon-bearing 
and hydrocarbon-free bands suggests episodic precipitation of cements from different fluids and 
varying fluid types. The cement zones were proximal to main faults in the region, and further 
geological and geochemical evidence may indicate that fluid flow through preexisting faults may be 
pulsed and associated with seismic activity. The precise history is shown in Figure 5.16.  

 

NAGRA NAB 13-06 106



. 

Figure 5.16 Scenario of periodic fluid migration (from Jin et al., 2008) 

 

Several mechanisms have been suggested to explain the link between seismic activity and 
fluid flow. A widely cited mechanism is that of “seismic pumping” (Sibson, 1981) in which shear 
stress in hard rocks results in the opening of faults. Eventually, failure occurs which results in the 
closure of the faults and the expulsion of fluid (Sibson, 1981; Nur and Walder 1992). A subtle 
variation on this theme was presented by King and Muir-Wood (1994), in which it was suggested 
that it was the post-faulting behaviour of fractures in the rock surrounding active faults that was 
responsible for changes in ground water movement. This model helped explain why river discharges 
in some areas reduced following earthquakes whereas in other area they increased. This model is 
also consistent with the argument of Nur and Booker (1972) who suggested that fluid flow pulses 
may be related to seismic aftershocks. Another mechanism to link faulting and fluid flow is that of 
“seismic valving” (Sibson, 1990; Sibson, 1994). This theory suggests that overpressures build up in 
the rock until they result in fault movement and fluid release.  

Boles et al. (2004) performed detailed modelling of hot water pulses, and suggested that 
pulses are short-lived, and decay exponentially in time. The main tool for defining these pulses is the 
study of the isotope distribution as measured in outcrop and cores, and the type of cementation. 
The heat requirements dictate that pulses are relatively short. Whether they die out completely 
cannot be said: quite certainly the pulses are episodic. Modelling of these pulses require a 
mechanism leading to closing of the fault – Sheldon and Ord (2005) assumes pressure solution as a 
mechanism.  
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Figure 5.17 Model for earthquake associated fluid flow. Post faulting opening or closing of 
fractures is suggested to be responsible for lowering or raising of fluid discharge rates (from King and 
Muir-Wood, 1994)  

 

Hunt (1990) quotes in an exposé in which he defends episodic fluid expulsion: “The release 
of fluids is believed to be episodic, comparable to the pulsed dewatering mechanism proposed for 
Mississippi Valley-type lead-zinc deposits by Cathles and Smith (1983). Their model studies showed 
that episodic dewatering is the only process that would adequately explain the color banding of 
sphalerite, the cycles of sulfide precipitation and dissolution, and other distinctive local tectonic 
features associated with the deposits.” 

Besides chemical evidence, limited pressure evidence may indicate the presence of pressure 
pulses arising from the creation of overpressure by kerogen to oil conversion, which is a quite 
different pressure pulse mechanism (Bredehoeft et al., 1994). 

5.6.2 Intermediate Zone – episodic behaviour 
A variety of evidence had been presented in the literature to indicate episodic fluid flow 

during intermediate burial. For example: 

• Xie et al. (2003) interpreted shear wave data (which is not sensitive to gas – hence 
comparison of shear and compressional data can distinguish mud diapirs from gas 
chimneys), as showing migration paths through multiple source rocks. Episodic opening 
and closing then introduces different hydrocarbon compositions. Similarly, episodic gas 
propagation in the subsurface has been observed by Heggland (1998).  

• The Shearwater reservoir in the North Sea (earlier described by Gaarenstroom (1993) as 
a protected trap) has been interpreted as providing an example where at least two 
stages of hydrocarbon fill have been recognized (Winefield et al., 2005), with an 
intermediate episodic breach of the reservoir seal.  
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• Episodic behaviour is claimed to be visible in the Tartan reservoir in the North Sea, again 
hot pulses have been diagnosed (Burley et al., 1989) (Figure 5.18). In this case it was 
suggested that faults provided conduits for hot water pulses, as fluid inclusions clearly 
indicate higher temperatures near the faults.  

• As discussed in Section 4.5.1.3, many authors have analysed data from the South 
Eugene Island Field as providing evidence for pulsed fluid flow.  

 

 

Figure 5.18 Temperature variation measured in Tartan reservoir by fluid inclusion studies (from 
Burley et al., 1989). Timescale is relative except for K-Ar age (Burley and Flisch, 1989) and 
Kimmeridge Clay maturation (Bissada, 1983). Error bars indicate range of average Th values (α) for 
each mineral. Temperature trend inferred from calculated palaeogeothermal gradient 

Overall, much of the evidence used in the examples cited above, and others within the 
literature, to infer episodic fluid flow is quite weak in that other interpretations appear more 
sensible. For example, in recent years most authors studying sandstones similar to those studied by 
Burley et al. (1989) have indicated that quartz cementation is a gradual temperature related process 
and that fault-related fluid flow and cementation is not likely (e.g. Fisher et al., 2000). This is not to 
say that episodic fluid flow dues not common during intermediate burial merely that evidence often 
used to infer episodic flow is usually ambiguous.  

5.6.3 Shallow Region 
Episodic fluid flow shallow is quite visible, with sand-injectites, pockmarks all indicative of 

episodic fluid flow. Whether one indeed deals with episodic flow or with a catastrophic event 
without follow-up is not clear. The fact that multiple pockmarks appear above a single fault or 
channel seems to indicate that a pockmark indeed closes and reseals. The longevity of mud 
volcanoes pleads for the system remaining open. 
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An argument for closing of fractures is given by Hunt (1990). “Studies in the United States 
Gulf Coast have shown that after a seal is broken, the compartment fluid pressure drops to a 
pressure/depth gradient of about 0.6 psi/ft (13.6 KPa/m) but does not drop all the way back to 
hydrostatic pressure. The fracture openings appear to reseal while moderate overpressures still exist 
in the compartments. This observation is based on gas-pool pressure measurements released by the 
Federal Power Commission (1973). Almost no overpressures occur between 0.6 psi/ft (13.6 kPa/m) 
and normal hydrostatic pressure.” 

5.7 Examples of overpressured sediments 
Overpressured sediments have been encountered in a large number of sedimentary basins 

from around the world (Figure 5.19). The following section aims to provide several examples of 
shale-rich sedimentary basins where overpressures have been encountered.  

 
 

Figure 5.19 Map showing a variety of overpressured basins (from Converse et al., 2000)  

5.7.1 Northern North Sea and Central Graben 
A recent compilation of pressure data from the Northern North Sea and Central Graben 

(Figure 5.20) shows that the Paleocene section tends to be normally pressured and overpressures 
tend to increase from the Cretaceous chalks into the deeper Jurassic and Triassic stratigraphy. The 
structural cross sections (Figure 5.21) show that the increases in overpressure correspond to areas of 
increased structural complexity. The increased faulting disconnects the deeper sandbodies resulting 
in the formation of isolation pressure compartments. On the other hand, the Paleocene section is 
structurally far more simple, which has allowed pressures to bleed off. 

There remains some uncertainty regarding the unit which acts as the top seal for the 
overpressured sequence in the Central Graben. Traditionally, it has been argued that the Jurassic 
Kimmeridge clay acts as the top seal (e.g. Winefield et al., 2005). However, more recently, Swarbrick 
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et al. (2010) have argued that it is the overlying Cretaceous chalk, which acts as the top seal to these 
pressure compartments. A key argument used by Swarbrick et al. (2010) is that a transition zone 
between high overpressure and normal pressure exists within the chalk; although this is only 
supported by a small number of direct pressure measurements. No work has been undertaken to 
establish if such pressure gradients are consistent with leakage through hydraulic fractures. 

There is also some uncertainty regarding the lateral seal to overpressures in the North Sea. 
The discussion on single vs. multiphase flow properties of faults provided in Section 3.2.2.3 would 
suggest that juxtaposition of reservoir against non-reservoir was the most likely process responsible 
for creating a barrier to single phase flow over geological time. However, Childs et al. (2002) 
presented maps of a fault plane separating two pressure cells in the Tune area which indicated that 
a large area of Tarbert-Tarbert juxtaposition existed. Fault permeability values that are four orders 
of magnitude lower than the average published values were needed to explain the large cross-fault 
pressure differences in the Tune Field area.  

 

Figure 5.20 Diagram showing a compilation of pressure data from the Viking Graben and 
Central Graben in the North Sea (from Moss et al., 2003) 
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Figure 5.21 Cross sections through the North Viking Graben, North Viking Graben and Central 
Graben corresponding to the pressure measurements shown in the previous figure (from Moss et al., 
2003) 

5.7.2 Gulf of Mexico 
Burrus (1998) discusses overpressure within sediments in South Louisiana and suggests that 

the top of the overpressure, which occurs at a depth of around 4km, coincides with the lower mixed 
sand-shale sequence of Miocene age. The pore pressures approaches the lithostatic pressure 
suggesting that overpressure is being relieved by hydraulic fracturing.  

As discussed in Section 4.5.1.3, the Eugene Island 330 area has been the focus of intense 
research on the impact of faults on fluid flow. The shallow section is sand-rich and hydrostatically 
pressured. High overpressures are observed below around 6500ft (Figure 5.22). The transitions zone 
which separates these two pressure regimes coincides with a shale-rich laminated section. There is 
evidence of recent fault activity in this area and fault-related petroleum seeps have been identified 
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at the surface. The fact that overpressures are retained despite recent fault activity suggests the 
faults were either never major conduits for fluid flow or that they have been able to self seal. 

Figure 5.22 Pressure data from well A-20ST2 in the Eugene Island 330 area (from Stump and 
Flemings, 2002). The grey values are those predicted from porosity logs whereas the black values are 
measured 

5.7.3 Mahakam Delta, Indonesia 
Overpressures develop at around 3-4 km within thick marine shales of post mid-Miocene age 

(Burrus, 1998). These sediments had a very high sedimentation rate (300 m/Ma). Early studies (e.g. 
Burrus, 1998) suggested that disequilibrium compaction was responsible for overpressure 
generation. However, a recent study (Ramdhan and Goulty, 2010) instead argued that gas 
generation and chemical compaction was the main cause of overpressure generation. Parts of the 
basin have been uplifted and eroded, which has allowed overpressures to bleed off laterally in units 
that are very well connected to the onshore outcrops. The present-day hydrodynamic activity is 
responsible for several hydrodynamic traps and GWC’s that tilt up to 7o. Despite being in a 
tectonically active zone, the shale-rich sediments have been able to retain both considerable 
petroleum columns and overpressured compartments have been preserved. It is also noteworthy 
that the shales within the overpressured section are high temperature and have experienced 
considerable chemical diagenesis giving them densities of >2.65 g/cm3. This would definitely place 
them in the brittle field (Figure 4.4) of Corcoran and Doré (2002). In other words, even what appear 
to be relatively brittle shales can act as significant barriers to the flow of both petroleum and brine. 
It should, however, be emphasised that these offshore fields have not experienced significant 
amounts of recent faulting and therefore should not be treated as a reliable example of self-sealing 
of faults or fractures. 
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Figure 5.23 Plot of density vs. depth for mudrocks from the Peciko Field, which is on the 
Mahakam Delta, Indonesia (from Ramdhan and Goulty, 2010) 

5.7.4 Anadarko Basin, Oklahoma 
Overpressure within the Anadarko Basin has been widely studied and debated (e.g. Hunt, 

1990; Jorgensen, 1993; Al-Shaieb et al., 1992, 1994a, 1994b; Deming et al. 2002; Lee and Deming, 
2002). The key interest in this basin is that it is widely believed that overpressures have persisted for 
>100 Ma. The reasons for the persistence of the overpressure are, however, widely debated. Here 
we briefly describe the Anadarko Basin and the arguments that are in the literature regarding the 
persistence of overpressure. 
 The Anadarko Basin has a total thickness of sediment exceeding 12 km in the deepest 
section. The sediments in the basin are predominantly sandstones, limestones, and shales. The 
sediments are from Cambrian to Permian in age. The basin originally formed in the early Cambrian 
and it is thought that sediments were rapidly deposited until around 280 Ma. The amount of 
sedimentation in the Mesozoic is difficult to quantify because the basin experienced around 1 to 3 
km of uplift and erosion during the Cenozoic. Currently, the basin is at hydrostatic pressure until 
around 2.3 to 3 km below which overpressures are commonly encountered. However, deeper parts 
of the basin, below the Woodford Shale are believed to also be at hydrostatic pressure. 
 Two distinct hypotheses have been put forward to explain the long lived overpressures. The 
first suggests that the overpressures resulted from disequilibrium compaction in the Paleozoic and 
that these have been preserved for over 250 Ma. It was argued that for such overpressures to exist a 
permeability of <10-27 m2 (i.e. 10-6 of a nD), which is many orders of magnitude lower than has ever 
been measured. The second hypothesis is that recent gas generation was responsible for the 
overpressure (Nerzil, 1995). Lee and Deming (2002) use fission track data to suggest that gas 
generation must have stopped around 50 Ma in which case a shale permeability of <10-25 m2 would 
be required to explain overpressure preservation; these permeabilities are two orders of magnitude 
lower than has been previously measured. More recently, it has been suggested that it is misleading 
to examine the overpressure preservation in terms of a single phase problem and that instead gas is 
providing a capillary seal that prevents water movement out of the basin. Although most tectonic 
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activity in the Anadarko basin stopped in the Carboniferous Period, studies have suggested that 
there has been recent reactivation along lineaments (Nielson and Stern, 1985). 

The Anadarko Basin may therefore be an example of where overpressures have been 
maintained over a very long period of geological time in a shale-rich sequence that has been both 
uplifted and faulted.  

5.8 Conclusions: Implications for self-sealing in shale-rich 
sequences 
Overpressures sediments have been encountered in a wide range of depositional and tectonic 

environments throughout the world. Overpressures develop when the vertical and lateral 
permeability of a sequence is too low to allow fluids to escape at a sufficient rate compared to either 
the rate of pore volume reduction or pore fluid expansion. Low permeabilities are required both 
laterally and vertically to allow overpressures to develop. In many cases, shale-rich sequences form 
the lateral and vertical seals to overpressured compartments. The shale permeability required to 
maintain the measured overpressures is widely disputed. Some argue that permeabilities of <10-6nD 
(five orders of magnitude lower than values measured in the laboratory) are required to retain 
overpressures. Whereas others argue that the processes that generated the overpressure are, in 
many, cases still active and therefore such low permeabilities are not required to explain the 
retention of overpressures. Sedimentary and structural complexity both favour the creation of 
isolated compartments in which overpressures develop.  

There is no universally agreed mechanism responsible for overpressure generation. Indeed, it 
is likely that several processes may result in overpressure development including; (i) disequilibrium 
compaction; (ii) hydrocarbon maturation; (iii) mineral diagenesis; (vi) uplift of gas bearing sediments 
etc. Generally, shallowly buried sediments are normally pressured and overpressures develop in 
more deeply buried parts of basins. However, lateral transfer of fluids means that overpressures can 
also be found at very shallow depths. The upper limit to overpressure is usually the fracture pressure 
which is approximately equal to the minimum horizontal stress. The fact that overpressures are 
often encountered beneath highly faulted, shale-rich, sequences indicates that fault movement may 
occur without generating significant conduits for fluid flow or that faults in shale-rich sequences can 
rapidly self seal. Linear transition zones are often assumed to exist, and have sometimes been 
measured, between normally pressured and heavily overpressured sediments. To the authors 
knowledge no work has been undertaken to establish whether such transition zones are consistent 
with leakage along faults and/or fractures due to overpressures exceeding the minimum horizontal 
stress. 

There is evidence that brine and petroleum can leak through shale-rich sequences as a result 
of a number of processes that are related to high overpressures. Large scale fluid escape features, 
such as mud volcanoes and sand injections, can develop in cases where the overpressured sediment 
is very poorly consolidated and undercompacted. In other situations, leakage is potentially through 
smaller scale faults and fractures. There is a reasonable amount of evidence that in leakage can be 
episodic in nature. The episodic nature may partly be due to the self-sealing of faults and fractures 
as pore pressures fall below the fracture closure pressure. It is also possible that leakage could occur 
along brittle shales without large overpressures. In these situations self-sealing might be more likely 
to occur due to cementation than stress-induced fracture closure. Shales that are sufficiently brittle 
to allow faults and fractures to remain open without large fluid pressures should probably be 
avoided as sites for radioactive waste disposal because any fracture developed in such shales are 
less likely to self seal. Conversely, shales that are so ductile that high fluid pressures are needed to 
prevent faults and fractures from self-sealing are favourable sites for radioactive waste disposal – 
especially if it can be shown that it is extremely unlikely that overpressures could ever develop or be 
sustained around such sites.  

115 NAGRA NAB 13-06



6 Shale gas production: implications for self-sealing 

Key points 

• Low permeability shales are now a major source of gas for the domestic USA
market.

• Commercial production rates from these plays are generally only obtained by
hydraulic fracture stimulation in which the fractures are kept open by the injection
of proppant.

• The mineralogy and rheology of typical gas shale reservoirs differs significantly
from that of the Opalinus Clay and the Boom Clay. In particular, productive gas
shale reservoirs generally have a low clay content (<30%) and high quartz or
carbonate contents compared to the Opalinus Clay and the Boom Clay. Also the
shale gas plays tend to be stiffer, and therefore more brittle, than the Opalinus
Clay and Boom Clay.

• Productive shale gas plays are therefore not directly analogous to the Opalinus 
Clay and the Boom Clay. However, the fact that the shale gas plays appear to be 
more brittle than the Opalinus Clay and the Boom Clay suggests that self-sealing 
would be even more efficient in the latter than in the shale gas plays.

• Formations that have clay contents similar to the Opalinus Clay and the Boom Clay
are generally either considered non-prospective or difficult to complete
successfully (i.e. to complete with viable gas production rates), due to the
difficulty of propagating and maintaining a fracture network with adequate
hydraulic conductivity.

• A significant amount of work has been conducted on natural fractures in shale gas
reservoirs. The general perception within industry is that although natural
fractures have been formed in these reservoirs, they are now sealed by processes
such as cement precipitation. Natural fractures are therefore considered not to
significantly increase average formation permeability unless they are reactivated.

• There is evidence (microseismic, outcrop, drilling and core description) which
suggests that natural fractures are weaker than the formation, so that they are
preferentially opened/reactivated during hydraulic fracture stimulation
treatments to create a substantial fracture network.

• The shale gas industry has developed various semi-quantitative measures of
brittleness that are often used to assess the likelihood that hydraulic fractures will
remain open in the subsurface. Using these measures, clay-rich formations that
are potential sites for radioactive waste disposal appear very ductile in
comparison to the shale gas reservoirs. However, these measures do not take into
account effective stress, which is known to have a large impact on brittleness.

NAGRA NAB 13-06 116



6.1 Introduction 
This section presents a review of the evidence for fracture propagation during stimulation 

and production of shale-gas reservoirs in North America. These reservoirs are kerogen-rich 
formations, which typically possess nano-Darcy and sub nano-Darcy matrix permeability, which can 
only be produced successfully provided a relatively high conductivity fracture network can be 
created and maintained. Observations on the hydraulic conductivity of this network, and the 
procedures necessary to prevent fracture closure, have the potential to provide additional insight 
into the self-sealing mechanisms in the candidate formations processes for radioactive waste 
disposal. Particular attention is paid to (i) the mineralogical and geomechanical properties of the 
shale-gas formations (Section 6.4); (ii) observations on the distribution and nature of natural 
fractures (Section 6.5); (iii) the matrix and flow properties (Section 6.6); (iv) the stimulation 
strategies adopted to achieve viable gas production rates (Section 6.7); and (v) the geometry and 
density of the resulting fracture networks (Section 6.8). The chapter concentrates on the 
geomechanical aspects of shale gas resource plays and does not consider the organic matter content 
or its level of thermal maturity.  

The findings from shale-gas exploration and production are then related to radioactive 
waste disposal by comparison of the mineralogical and geomechanical properties of the shale-gas 
formations with Boom Clay, Opalinus Clay and Callovo-Oxfordian argillaceous rocks (Section 6.9). It 
should be noted that shale gas plays have invariably a higher organic matter content and thermal 
maturity than the Opalinus Clay found within the Mont Terri test site and the Benken area and also 
much higher than the Callovo-Oxfordian argillaceous rocks. 

Overall, the shale gas reservoirs can be regarded as an end-member to shale behaviour in 
terms of their high brittleness and low clay content. The following review therefore provides a useful 
context in which to place the clay-rich formations regarded as potential radioactive waste disposal 
sites. A particularly important point is the apparent tendency for man-made hydraulic fractures in 
shale gas reservoirs to self seal if they are not injected with proppant.  

6.2 Overview of Shale-Gas Exploitation 
Numerous organic-rich shale sections located in North American basins (Figure 6.1) have 

been proven as productive natural gas plays (e.g. Jarvie et al., 2007; Pollastro et al., 2007). They 
extend over large geographical areas and offer sustainable reservoirs with attractive exploration and 
development costs. Economic production from these formations, which typically possess (i) nano-
Darcy matrix permeability; (ii) multiple lithofacies with very different petrophysical and 
geomechanical properties; and (iii) natural fractures, places stringent demands on the completion 
technology.  
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Figure 6.1 Location of shale gas plays in USA 

 

Hydraulic stimulation is a primary component of the completion strategy, with the scale and 
uncertainties of the process posing a major cost challenge (Mayerhofer et al., 2006). This uncertainty 
arises due to: 

1 The influence of large-scale geological structures 

2 The complex lithofacies that characterise many shale gas sections 

3 Variability and heterogeneity in the geomechanical properties 

4 The existence and state of natural fractures 

5 The matrix and fracture flow properties 

6 The type and nature of the hydrocarbon content 

Points 1 to 5 are reviewed with connection with four shale-gas resource plays; Barnett shale, 
Woodford Shale, Marcellus Shale and Haynesville Shale. The organic matter content is not discussed 
in detail. 

6.3 Geological Setting, Burial History and Thermal Maturity 

6.3.1 Barnett Shale (Fort Worth Basin) 
The Barnett Shale occurs in a 38-county area of the Fort Worth Basin in north-central Texas, 

with the main producing areas north and south of Fort Worth, Texas (Figure 6.2). Montgomery et al. 
(2005), Pollastro et al. (2007) and Jarvie et al. (2007) provide descriptions of the geologic evolution 
of the Fort Worth Basin and Jarvie et al. (2007) provide a stratigraphic description (Figure 6.3). The 
Barnett Shale also occurs in other nearby basins; e.g. the Hardeman, Kerr, Marfa, and Permian 
basins. Age-equivalent shales, as well as underlying Devonian black shales, are present along the 
eastern flank of the Ouachita thrust front in the Delaware, Arkoma, and Black Warrior basins and 
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along the Appalachian Mountains, extending into the northeastern parts of the United States. The 
Barnett Shale unconformably overlies limestones of the Ordovician Viola Limestone in eastern parts 
of the basin. The Viola Formation in this area provides the basal seal and stimulation barrier to 
prevent Ellenburger Group waters from entering the wellbore during completion, although wells can 
be completed with high flow rates where the Viola Limestone is missing (see Jarvie et al., 2007 for 
details). Both the Devonian and Permian sections are absent in the Fort Worth Basin. The Barnett 
Shale is conformably overlain by Pennsylvanian Marble Falls Limestone. In the eastern part of the 
basin, the upper quarter of the Barnett Shale is separated from the lower Barnett Shale by the 
Forestburg limestone. Minor amounts of Cretaceous rock occur in certain parts of the basin, and 
Tertiary rocks are absent. 

 

Figure 6.2 Distribution of Barnett Shale and equivalents and Mississippian carbonates in the 
southern mid-continent gale (from Gale et al., 2007) 

Montgomery et al. (2005) identify several factors that make the Barnett shale unique 
compared with other gas-shale plays including the great depth and high pressure of the reservoir 
and the complex thermal history, which has influenced the geochemistry of hydrocarbon generation 
and storage. 

The large-scale structure of the Fort Worth Basin contains several arches and faults (Figure 
6.2). These are mostly associated with the late Paleozoic Ouachita orogeny. Evidence of crack-seal 
texture in north-south trending fractures indicates that fracture growth proceeded by multiple 
events. In the Fort Worth Basin, because of the complex structure and the added possibility of 
hydrocarbon cracking and migration, there could be several different mechanisms of fracture 
formation. As both the timing and the orientation is necessary to be able to link fractures with large 
structures, Gale et al. (2007) only provide detail on fracture orientation and relative timing where it 
is known, but consider that in general there is insufficient evidence to identify the origin of the 
fracture sets. 
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Burial-history reconstructions for the Mississippian Barnett Shale (Jarvie et al., 2001; Montgomery et 
al., 2005) highlight the complexity of thermal history in the Fort Worth basin (Figure 6.4). The 
reconstruction indicates three main stages in the thermal history:  

1 Rapid subsidence and burial (ca. 60 m/Ma) in the Pennsylvanian–Permian. 
2 Elevated temperature (ca. 270°F) during the Late Permian–Early Cretaceous (ca. 150Ma), 

punctuated by a brief episode of increased burial during the middle–Late Cretaceous. 
3 Uplift and removal of overburden (ca. 2000m of uplift) in the Late Cretaceous–Tertiary with an 

associated temperature drop to ca. 150°F. 

 

 

Figure 6.3 Generalized stratigraphic column in the Fort Worth Basin (from Jarvie et al., 2007) 
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Figure 6.4 Burial-history reconstruction for individual wells in Eastland County, southeastern 
Fort Worth basin (from Montgomery et al., 2005)  

Based on this reconstruction, Jarvie et al. (2001) interpret a generalized maturation scheme 
for Barnett Shale source beds to include; (a) a primary phase of oil and gas generation, possibly with 
some secondary cracking of oil, depending on maximum paleo-temperatures during the first episode 
of subsidence, and (b) a secondary phase, predominantly of gas generation from cracking of oil, 
during the during the middle–Late Cretaceous period of burial.  

They state that the patterns of production of Barnett-sourced hydrocarbons also imply 
maturation differences from east to west across the Fort Worth basin with a westward change from 
dry gas and mixed gas-oil in the Fort Worth basin to oil on the Bend arch and Eastern shelf. This 
distribution does not however reflect present-day depths of the Barnett Shale source rock, which are 
maximal along the basinal axis, close to the Muenster arch.  

The distribution of measured vitrinite reflectance (Ro) values, shown by the isoreflectance 
map of (Figure 6.5), also cannot be explained by present-day burial depth. They interpret this 
distribution to be due to a multiphase thermal history, influenced by hydrothermal heating 
associated with the advancing Ouachita thrust front (Bowker, 2007; Pollastro et al., 2004); by 
movement along the deep-seated Mineral Wells fault; and by structures extending northwestward 
from the Ouachita front. Hot fluids generated by Ouachita thrusting could have been forced through 
the porous carbonate Ellenburger Group into the overlying Mississippian section. They suggest that 
this interpretation is supported by the presence of saddle dolomites in both the Ellenburger Group 
and Chappel Formation and also exotic minerals, e.g. copper, in Barnett Shale core samples.  
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Figure 6.5 Isoreflectance map, Fort Worth basin and Bend Arch region. Contour interval Ro = 0.2 
(from Montgomery et al., 2005) 

6.3.2 Woodford Shale (Arkoma basin) 
The Woodford shale is found in the Arkoma basin in Oklahoma and Arkansas (Figure 6.6). 

The geology of the Arkoma Basin is summarized by Jacobi et al. (2009) as:  

• A restricted foreland basin that extends from southeastern Oklahoma into northwestern 
Arkansas (Figure 6.6) formed in succession with the Fort Worth basin along a fault boundary 
created by the progressive westward advancement of the Ouachita thrust front.  

• The Woodford Shale (Late Devonian-Early Mississippian) is separated from the shallower Caney 
shale by a thick, silty, clay-rich limestone, called the Mayes (Mississippian).  

• The Woodford overlies a series of heterolithic carbonates, whose variable erosional surface 
exerts vertical control on the thicknesses of the Woodford. 

• Thicker sections in channels rest unconformably upon the deeper dolomitic-rich Sylvan shale or 
if incised deeper, the Viola lime (Ordovician) 

• Preserved plateaus and wedges of the Hunton are found, over which a general thinning of the 
Woodford section occurs.  

• Superimposed upon this trend is a regional thickening of both the Woodford and Caney section 
from northwest to southeast. Along this trend, the thickness of the Woodford transitions from 
50 ft. to 250 ft. on average (Figure 6.7). 
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(a) Arkoma and Fort Worth Basins formed along the Ouachita Thrust Belt (from Jacobi et al., 
2009) 

 

(b) Geological provinces of Oklahoma (from Cardott, 2006) 

Figure 6.6 Geological provinces and extent of Woodford Shale 

 

 

Figure 6.7 Map showing the thickness and extent of the Woodford Shale (from Cardott, 2006) 

Byrnes and Lawyer (1999) state that regional models, based on analysis at 115 well 
locations, indicate that from 5,000 to 15,000ft (1500-4500m) of section, differing with location from 
north to south and west to east, has been removed from the Arkoma Basin region, and as much as 
25,000-40,000 ft (7500-12000m) have been removed from areas of the Ouachita Foldbelt.  This 
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basin-wide late- and post-Paleozoic uplift and surface erosion makes it difficult to establish the 
original thickness and extent of the middle and upper Atokan, Desmoinesian, and Upper 
Pennsylvanian-Permian sections. The high thermal maturities of near-surface coals, and the low 
porosities and high bulk densities of surface stratigraphic units indicate significant uplift and surface 
erosion. The timing of the end of significant deposition in the Arkoma Basin, the beginning of 
erosion, and the rate of erosion are, however, all poorly constrained due to the absence of any post-
Permian sedimentary record. Consequently they use Apatite Fission Track Analysis (AFTA) and 
comparison of modelled and measured Ro values to constrain to the timing and magnitude of 
overburden erosion prior to the Cretaceous. They subdivide post-Permian time into three time 
segments: 250-160 Ma, 160-120 Ma, and 120-0 Ma, based on AFTA timing constraints and a general 
analysis of the age distribution of sediments in the Anadarko Basin and Gulf Coast region. 
Calibration, using the vitrinite reflectance values, then identified the magnitude and rates of erosion 
necessary during these three periods in order to match modelled and measured vitrinite reflectance 
for different overburden thicknesses and geothermal gradients.  

Measured Ro values for the Woodford shale are provided from wells in both the Andarko 
and Arkoma basins by Cardott (2006). For example in the eastern Oklahoma region of the Arkoma 
basin the values vary from ca. 0.5 in the west increasing to ca. 5 in the east (Figure 6.9). Byrnes and 
Lawyer (1999) performed burial and thermal history reconstruction for the Arkoma basin. Model 
calibration of the thermal analysis using the current-day vitrinite reflectance indicates that the 
average geothermal gradient near the Ouachita Front is 20°C/km, exceeds 30°C/km in the middle 
part of the basin, and decreases to 24°C/km on the Oklahoma Platform to the north. The models 
predict, within a factor of 1.5 at two standard deviations, nearly all the measured vitrinite 
reflectance data publicly available for the basin and foldbelt (Figure 6.8). Based on burial and 
thermal history reconstruction, present-day increasing maturation from west to east across the 
basin is primarily the result of increasing overburden and subsequent surface erosion from west to 
east. Comparison of measured and modelled Ro versus depth profiles for six wells are interpreted to 
indicate regionally consistent Ro vs. depth trends and that thermal influences other than burial, such 
as hydrothermal fluid migration up faults, seems to have influenced thermal maturity by less than 
20.  

 

Figure 6.8 Map of modelled vitrinite reflectance for Woodford Shale (from Byrnes and Lawyer, 
1999) 
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Figure 6.9 Map of observed vitrinite reflectance for Woodford Shale (from Cardott, 2006) 

 

In summary, the observed vitrinite reflectance (Ro) ranges are: 

1 Arkoma Basin: Woodford Shale play in the eastern Oklahoma Arkoma Basin occurs at a thermal 
maturity of ca. 0.8 < Ro < 4 . Total vertical depths of 1,007 Woodford Shale wells in the Arkoma 
Basin range from 691 to 13,810 ft (210-4210m). A dry-gas geologic province with Woodford 
Shale thermal maturities primarily in the dry-gas window (1.4< Ro >6).  

2 Anadarko Basin: Woodford Shale play in the western Oklahoma Anadarko Basin occurs at a 
thermal maturity of 1.2 to 1.4 Ro. The thermal maturity of the wells in the play ranges from 1.1 < 
Ro < 1.5. Total vertical depths of 87 Woodford Shale wells in the Cana play range from 11,075 to 
14,654 ft (3580-4470m). 

3 Ardmore Basin: In the southern Oklahoma the Ardmore Basin has a thermal maturity of <1.2 Ro. 
Total vertical depths of 98 Woodford Shale wells range from 1,750 to 12,200 ft (530-3720m). 
The transition from the oil window to the gas window is currently estimated to occur at 1.15-1.4 
Ro. 

6.3.3 Marcellus Shale (Appalachian Basin) 
The Appalachian Basin is an asymmetrical foreland basin (Figure 6.10-Figure 6.12) that 

formed over a period of approximately 200 million years and through three separate orogenies (the 
Ordovician Taconic Orogeny, the Middle Devonian to Lower Mississippian Acadian Orogeny and the 
Pennsylvanian-Permian Allegheny Orogeny) (Bruner and Smosna, 2011).  

Bruner and Smosna (2011) state that Crustal thickening due to thrust faulting of the Acadian 
Orogeny created an elevated highland in the east, the principle source area for Devonian-
Mississippian siliciclastic rocks of the Appalachian Basin. Paleogeographic reconstruction shows that 
the basin was covered by an epeiric seaway that stretched from New York to Georgia resulting in 
accumulation of several black shales. The Marcellus is generally considered to be the oldest and 
deepest (although the black Needmore Shale locally underlies the Marcellus). Following deposition 
and burial, the Marcellus was subjected to extensive tectonic deformation during the succeeding 
Allegheny Orogeny.  
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The current-day basin trends northeast-southwest. The structural axis (at 6,000 ft below sea 
level) lies slightly basinward of the Allegheny Structural Front, running through east-central West 
Virginia, south-central to northeastern Pennsylvania, and into southeastern New York. The structural 
front marks the boundary between the Valley and Ridge Province with intensely deformed 
sedimentary rocks and the Allegheny Plateau Province with relatively undeformed rocks. Acadian 
thrust sheets may have been locally obstructed by Precambrian rocks of the Adirondack Uplift in 
New York. Across the basin is the Cincinnati Arch in Ohio, a crustal arch or peripheral bulge that 
developed on the foreland in response to tectonic and sedimentary loading at the plate margin. 
Devonian strata dip eastward from the Cincinnati Arch and the Marcellus occurs at a subsurface 
depth of nearly 10,000 ft (3050m) in central Pennsylvania (Figure 6.11b).  

 

Figure 6.10 Distribution of Marcellus Shale well locations (from Bruner and Smosna, 2011) 

 

Figure 6.11 Current-day burial depth of Marcellus Shale (from Bruner and Smosna, 2011) 
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Figure 6.12 Diagram illustrating the inferred relationship among thrust loading, foreland basin 
subsidence, black shale sedimentation, and forebulge development (from Lash and Engelder, 2011) 

Engelder et al. (2009) provide an overview of the geology of the Appalachian Basin, which 
contains eight major black shale units (Figure 6.13) The lower part of the Devonian Hamilton Group 
comprises more than one black shale, including the Marcellus Formation whose basal unit, the 
Union Springs Member, contains greater than 10% total organic carbon (TOC). The prospective 
thickness of the Hamilton Group reaches 122–152m where the overlying Oatka Creek Member of 
the Marcellus Formation and the Mahantango Formation are incorporated into completion 
strategies. The areal extent of the Marcellus Formation with at least 15m of a high API gamma-ray 
signal exceeds 34 × 106 acres, so that the Marcellus gas shale is potentially a super giant gas field. 
The tectonic deformation experienced by the Marcellus and other Devonian gas shales of the 
Appalachian Basin, which resulted in up to 10% layer parallel shortening, distinguishes there 
evolution from the evolution of gas shales in several other North American basins.  

 

Figure 6.13 Stratigraphy of North American black shales with a focus on the northern  
central Appalachian Basin (from Engelder et al., 2009). Many erosional surfaces punctuate the 
deposition of Devonian black shale so sections are mostly discontinuous 

Lash (2008) published a burial-history curve for Devonian formations in a well in western 
New York (Figure 6.14). The Marcellus was subjected to rapid burial in the Devonian-Mississippian 
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(burial beneath Acadian clastic wedge), uplift in the Pennsylvanian (Alleghenian Orogeny), a second 
stage of rapid burial in the Permian-Triassic (burial beneath Alleghenian clastic wedge), followed by 
steady uplift to the present time (continuous erosion of 7,000–10,000 ft (2130-3050m))  

 

 

Figure 6.14 Burial/thermal model for the Dunkirk Shale (from Lash, 2008) 

Regional maps of Ro exhibit values increasing from a minimum of 0.5–1.0 in eastern Ohio to 
a maximum of 3.0–3.5 in eastern Pennsylvania, with thermal maturity increasing progressively 
eastward across the basin (Figure 6.15). Generally maturity is considered to directly relate to 
maximum burial depth beneath the Acadian and Alleghenian clastic wedges. The map contains three 
more-mature regions extending northwesterly in Pennsylvania and West Virginia, possibly due to 
local migration of hot, basin-derived fluids (see Repetski et al., 2005).  
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Figure 6.15 Vitrinite reflectance (Ro) distribution across the central Appalachian Basin (from 
Bruner and Smosna, 2011) 

6.3.4 Haynesville Shale (Louisiana/East Texas) 
The Jurassic-age Haynesville Shale is found in the subsurface from northwest Louisiana 

(Figure 6.16) across into east Texas at depths ranging from 3050-3650m (LeCompte et al., 2009) and 
is also referred to as the Cotton Valley Lime, Bossier Shale, Lower Bossier, or Lower Haynesville shale 
(Figure 6.18). It is a calcareous organic-rich mudstone found directly overlying the Smackover. 

The geologic history of the North Louisiana Salt Basin is directly linked to the evolution of the 
Gulf of Mexico basin. The Gulf of Mexico is a divergent margin basin dominated by extensional 
tectonics and wrench faulting with the origin due of phases of crustal extension and thinning, rifting 
and sea-floor spreading, and thermal subsidence. The distribution of the Late Jurassic post-rift 
deposits of the Norphlet, Smackover, Haynesville and Cotton Valley have been affected by basement 
paleotopography (Mancini et al., 2008). 
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Figure 6.16 Map of the interior salt basins and sub-basins and related structural features in 
Northern Luisiana (from Mancini et al., 2008) 

 

(a) Section A-A' On the Sabine uplift into the basin to the north showing a series of salt pillows in the 
northern part of the basin.  

 

(b) Section C-C' The Monroe uplift into the basin showing onlap of Upper Cretaceous strata onto this 
structure and a salt diapir in the southern part of the basin. 

Figure 6.17 Cross sections, constructed using seismic and well-log data, for the North Louisiana 
salt basin (from Mancini et al., 2008).  
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Figure 6.18 Louisiana Geological Survey stratigraphy of the Cotton Valley and Louark Groups 
(from LeCompte et al., 2009) 

Mancini et al. (2008) state that the North Louisiana Interior salt basin is a major negative 
feature and structural highs, such as the Sabine uplift, Monroe uplift, and LaSalle arch act to 
separate this basin from neighbouring subbasins (Figure 6.16). Deposition was associated with rifted 
margin tectonics and was a result of basement cooling and subsidence that produced 
accommodation space for sediment accumulation (e.g. Nunn et al., 1984), with the greatest 
accommodation space being generated during the Late Jurassic to the Early Cretaceous.  

Movement of the Jurassic Louann Salt has produced a complex of salt-related structural 
features, including pillows, diapirs, and extensional faults and half-graben systems (Figure 6.17) 
(Mancini et al., 2008). These features form the majority of the petroleum traps in these basins and 
subbasins, although anticlinal structures associated with basement paleotopographic highs and 
stratigraphic updip features associated with facies changes are also present. The development of salt 
features is more advanced in the southern part of the North Louisiana salt basin in comparison to 
the northern part of the basin where salt pillows are common (Figure 6.17). Movement of the 
Jurassic Louann Salt commenced during the Late Jurassic in the southern part of the basin and was 
initiated in the Early Cretaceous in the northern part. Cross section C-C' also shows the onlap of 
Upper Cretaceous strata onto the Monroe uplift.  

Mancini et al. (2008) and Nunn (2011) discuss hydrocarbon generation and maturation 
trends evaluated from burial-history and thermal-maturation profiles prepared for wells in the North 
Louisiana and Mississippi Interior salt basins. The initiation of oil and associated gas generation is 
evaluated at Ro = 0.55 and thermogenic gas generation at Ro = 1.3. Mancini et al. (2008) state that in 
the North Louisiana and the Mississippi Interior salt basins, hydrocarbon expulsion from the 
Smackover source rocks (underlying the Haynesville formation) initiated in the southern (deepest) 
regions of these basins during the Early Cretaceous to Tertiary. Gas expulsion occurred from the 
Smackover source beds in the late Early Cretaceous through the Tertiary in the southern part of 
these basins. No thermogenic hydrocarbon expulsion occurred from the shallower formations in the 
vicinity of the Monroe uplift. Goddard et al. (2008) present laboratory measurements of Ro for 
Haynesville shale from a series of wells on an approximate north-south line. The Ro values are in the 
range: 0.91 < Ro < 2.62.  

6.4 Lithofacies, Mineralology and Geomechanical Properties 

6.4.1 Introduction 
The importance of characterising the complex lithofacies associated with shale gas plays in 

terms of kerogen content, mineralogy, and geomechanical properties is widely recognized. 
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Mineralogical analysis has shown that there is significant variation in the properties of gas bearing 
shales, and that even within a single shale vertical sequence there are subtle geomechanical and 
petrophysical variations (e.g. Mullen et al., 2007; Rickman et al., 2008). This has led to a number of 
researchers undertaking petrophysical evaluations and proposing integrated approaches for 
petrophysical evaluation of shale gas reservoirs (e.g. Britt and Schoeffler, 2009; Gunter et al., 1997a; 
Gunter et al., 1997b; Newsham and Rushing, 2001; Parker et al., 2009; Rushing and Newsham, 2001; 
Slatt et al., 2008). For example, Jacobi et al. (2008) proposed an integrated approach for 
petrophysical evaluation of shale gas reservoirs where density, neutron, acoustic, nuclear magnetic 
resonance, and geochemical logging data are used to provide a description of the lithology, 
stratigraphy and mineralogy. Their approach further differentiates source rock intervals, classifies 
depositional facies by their petrophysical and geomechanical properties, and quantifies total organic 
carbon. Rickman et al. (2008) and Mullen et al. (2007) show a correlation between wireline log 
analysis, petrology, acid solubility and capillary suction time tests for shale reservoirs and comment 
that these tests of mineralogy and fluid sensitivity have proven very beneficial for optimizing 
completion in shale-gas reservoirs.  

In terms of geomechanical properties, most studies focus on identifying the elastic 
properties (Young’s modulus and Poisson’s ratio), which are used as proxies for the brittleness of the 
formation. Several investigations have included more detailed experimental tests using standard 
confined compression tests (see later) on cylindrical specimens or more specialist tests on small 
samples (Abousleiman et al., 2007). Subcritical crack growth (Atkinson, 1982; Atkinson, 1984) is 
viewed as an important mechanism for fracture initiation and propagation in geological settings 
(Atkinson, 1984; Olson, 1993; Olson et al., 2001; Renshaw, 1996; Schultz, 2000; Swanson, 1984) and 
consequently several more recent studies focus on identifying the critical stress intensity factor (KIC) 
and also the stress intensity index (n) (e.g. Gale and Holder, 2008; Holder et al., 2001; Nara and 
Kaneko, 2005), thereby building on previous research on rock fracture carried out in the 1970s and 
1980s. In this context, the stress intensity index (n) is used in the definition of the fracture 
propagation velocity (V) via an empirical power law. This law defines the subcritical fracture velocity 
as: 

0

n
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KV k AP
K

 
= = 

 
  (6-1) 

where n is the subcritical crack index, KI the stress intensity factor and k0 and A are constants.  

The subcritical crack index is generally measured in the laboratory using a dual torsion 
experiment, and values for a range of rocks and testing environments have been reported (e.g. 
Atkinson, 1984; Atkinson and Meredith, 1981; Holder et al., 2001). 

6.4.2 Barnett Shale 

6.4.2.1 Lithofacies and Mineralogy 

Several researchers (e.g. Gale et al., 2007) state that the name ‘‘Barnett Shale’’ is misleading 
as the majority of the lithofacies that form the Barnett Formation are mudstones rather than shales 
(Loucks and Ruppel, 2007); i.e. they are relatively non-fissile clastic rock containing dominantly non-
calcareous, clay-size particles. This is in contrast to the typical definition of shales, which are 
characteristically considered fissile because of higher clay content.  

The Barnett Shale gas system is sealed by limestone above the Barnett Shale and in some 
areas below the shale. These limestones generally have higher fracture thresholds than the shale 
itself, thereby providing barriers to stimulation and enable optimization of the fracturing of the gas 
bearing shale. However, Barnett Shale has been shown to be highly productive in areas where the 
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lower stimulation barrier is not present, when horizontal wells are used together with rigorous 
stimulation that does not break into the underlying brine-bearing limestones of the Ellenburger 
Formation (Jarvie et al., 2007). 

The mineralogy and lithofacies of the Barnett shale have received more attention than any 
other shale-gas formation. The number and type of facies reported have varied due to the 
inhomogeneity of the Barnett section and lithofacies variations related to the proximity to different 
sediment source areas throughout the Fort Worth basin (Bowker, 2007; Montgomery et al., 2005). 
The Barnett interval is dominated by fine-grained (clay to silt-size) organic-rich sediment with an 
unusually high siliceous content (Loucks and Ruppel, 2007). The different lithofacies have been 
recognized to be potentially due to eustasy cycles and/or periodic autocyclic depositional events 
(debris and mud flows) (Hickey and Henk, 2007; Loucks and Ruppel, 2007). Many of these lithofacies 
have been described according to four major rock parameters: (i) mineralogy and organic content; 
(ii) paleobiota; (iii) rock fabric (laminated/non-laminated); and (iv) rock texture. Jacobi et al. (2008) 
identify the following facies to be potentially present in the Barnet shale:  

1 Organic siliceous mudstones, which are considered as targets to exploit for gas production 
(Bowker, 2007; Singh et al., 2009). 

2 Phosphatic (apatite) mudstones that in some instances are condensed “hard grounds” that may 
be related to flooding surfaces (Loucks and Ruppel, 2007). 

3 Pyritic facies, containing both euhedral crystals and framboidal masses of pyrite, a mineral that 
provides further evidence of the reducing, euxinic conditions that were prevalent during the 
deposition of the Barnett (Loucks and Ruppel, 2007). 

4 Carbonate intervals, both as concretions, mudstones and other carbonate lithofacies. The 
mineral content is dominantly composed of either calcite and/or dolomite, and in some cases 
ferroan carbonate. Both siderite and ankerite have been reported (Hickey and Henk, 2007; 
Singh et al., 2009). 

5 Shelly lithofacies of in situ fossil and transported shelly debris composed of pelycypods, 
cephalopods and brachiopods are also reported as being prevalent in thin intervals (Hickey and 
Henk, 2007; Loucks and Ruppel, 2007; Singh et al., 2009).  

Each facies contains abundant pyrite and phosphate (apatite), which are especially common 
at hard grounds. Carbonate concretions, a product of early diagenesis, are also common. The 
Barnett is composed of debris transported to the basin from the shelf or upper oxygenated slope by 
hemipelagic mud plumes, dilute turbidites, and debris flows. Biogenic sediment was also sourced 
from the shallower, better oxygenated water column. Barnett deposition is estimated to have 
occurred over a 25 Ma period. 

The dearth of coarser grained terrigenous-derived material (sand) is quoted an indication of 
great distances from terrigenous source areas. Available evidence shows that Barnett strata in the 
Fort Worth Basin were deposited in deeper water, euxinic, foreland basin well below the storm-
wave base. No evidence exists that sediments were reworked by shallow-water processes. All 
sedimentological features can be attributed to suspension, density-flow, and contour-current 
processes.  

Loucks et al. (2009) shows that the pores in the Mississippian Barnett Shale are dominantly 
nanometer in scale (nanopores). They use Ar-ion-beam milling to enable SEM visualisation of pores 
as small as 5 nm. Nanopores are observed in three main modes: 

1 Most pores are observed as intra-particle pores in grains of organic matter; many of these 
grains contain hundreds of pores. Intra-particle organic nanopores most commonly have 
irregular, bubble-like, elliptical cross sections and range between 5 and 750 nm with the median 
nanopore size for all grains being approximately 100 nm. Internal porosities of up to 20.2% have 
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been measured for whole grains of organic matter based on point-count data from scanning 
electron microscopy analysis. The abundance of nanopores is directly related to thermal 
maturation, with most nanopores being formed during thermal decomposition of organic 
matter during hydrocarbon generation. 

2 Nanopores are also found in bedding-parallel, wispy, organic-rich laminae as intra-particle pores 
in organic grains and as inter-particle pores between organic matter. 

3 Although less abundant, nanopores are also locally present in fine-grained matrix areas not 
associated with organic matter and as nano- to micro-intercrystalline pores in pyrite framboids. 

Loucks et al. (2009) postulate that permeability pathways within the Barnett mudstones are 
along bedding-parallel layers of organic matter or a mesh network of organic matter flakes as this 
material contains the highest number pores. 

Singh et al. (2009) performed a detailed study of the mineralogy of Barnet shale and 
identified nine lithofacies (Figure 6.19, Figure 6.20, Table 6.1). They described these lithofacies as: 

Siliceous Non-Calcareous Mudstone 

The siliceous non-calcareous mudstone facies is black, massive mudstone, which does not 
react with dilute hydrochloric acid. Petrography and mineralogical measurement indicates quartz 
and clays are the most dominant mineral components. Pyrite, phosphate peloids, calcite, dolomite, 
and ferroan dolomite are the minor components. The silica content is both biogenic and detrital. The 
detrital quartz grains are silt and finer sizes and are often bound organically as agglutinated 
arenaceous forams (Milliken et al., 2007; Papazis, 2005) (Figure 6.19b). 

Siliceous Calcareous Mudstone 

The siliceous calcareous mudstone facies is black, massive mudstone which effervescences 
with dilute hydrochloric acid. The calcareous mudstone facies has a composition very close to that of 
the siliceous, non-calcareous mudstone, except that calcite constitutes from 5% to 40% of the total 
composition. The calcite occurs as sparry calcite fillings in probable burrows (Figure 6.19d), or as tiny 
broken skeletal fragments. 

Micritic/Limy Mudstone: 

The micritic/limy mudstone facies is composed of autocthonous calcite mud (Figure 6.19e) 
with low abundance of microfossils and small amounts of scattered invertebrate fauna, shell 
fragments and detrital silt size grains. This facies represents a change of depositional environment to 
relatively shallow water conditions. The widespread micrite forming the matrix suggests that the 
depositing water was relatively warm to provide autochthonous and skeletal calcite sediments. The 
horizontal lamination and lack of significant bioturbation suggests that the lime was being deposited 
in a quiet water setting, though shallower than the preceding two muddy facies. 

Bottom Current Calcareous Laminae Deposit: 

This facies is represented as calcite rich laminae, which are horizontal and parallel to 
bedding. Very often they exhibit sedimentary structures such as ripples and cross lamination (Figure 
6.20n), suggesting bottom current activity. Often, such fine-grained sediments can become 
subjected to reworking by bottom currents (Figure 6.19f). These features are also affected by 
diagenesis in the form of secondary lensoid growth of the calcite rich laminae. Petrography reveals a 
high amount of calcite, pyrite, marcasite, minor quartz and clay minerals. 

Reworked Fossiliferous Deposit: 
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The fossiliferous deposit refers to thin laminae of broken macrofossil shell fragments, often 
in coalesced forms. The broken shell fragments, which include brachiopods, pelecypods and 
echinoderms, are very often accompanied with surficially coated phosphatic grains/ooids (Figure 
6.19h) and intraclasts. This lithofacies is thought to have been deposited under relatively high energy 
conditions. Calcite is the dominant mineral. 

Silty-Shaly (Wavy) Interlaminated Deposit: 

The silty-shaly (wavy) interlaminated deposit is not a common facies of the Barnett Shale, 
and occurs only in the Upper Barnett. Internally, this facies consists of alternate laminae of silt and 
mud (Figure 6.20i). The silts are composed of detrital quartz, calcite and glauconite grains. The 
average grain size is 0.05mm.  

Phosphatic Deposit: 

The phosphatic intervals range from < 1.25 cm to 3.75cm in thickness and mostly consist of 
different forms, including pellets and ooids. The phosphatic pellets are subrounded to elongate in 
shape (Figure 6.20j). Often the pellets incorporate terrigenous grains of quartz and mica flakes, as 
well as microfossils. Phosphatic fecal pellets are commonly preserved in low energy environments 
and the concentric cortex ooid forms of the phosphatic deposit occur in the Barnett Shale (Figure 
6.20k) which suggests winnowing in an energetic marine environment. Poorly developed forms with 
surficial concentric rings are more common. 

Dolomitic Mudstone: 

Dolomitic mudstone is composed mostly of rhombohedral dolomite crystals (Figure 6.20l). 
They commonly contain a high amount of calcite shell fragments which suggests secondary, 
diagenetic dolomitization of initially fossiliferous mudstone. Sometimes dolomite rhombohedral 
grains are embedded in clayey matrix. The origin of the dolomitic mudstone is thought to be 
secondary, diagenetic alteration. 

Concretion: 

Concretions within the Barnett Shale are calcareous in nature. They range from <5 cm to .45 
m in thickness. They are found in equal abundance in both the Upper and Lower Barnett.  

  

135 NAGRA NAB 13-06



 

Facies Name Silica  Clays Calcite Dolomite Mica Phosphate Glauconite Pyrite 

Siliceous Non-
Calcareous Mudstone 

30% 30-40% 0-2% 2-5% 0-5% 0-5% - 0-3 

Siliceous Calcareous 
Mudstone 

25% 30-40% 10-15% 2-5% 0-5% 0-5% - 0-3 

Bottom Current 
Calcareous Laminae 

Deposit 
15% 20-25% 35-40% 2-5% - 0-5% - 5-7% 

Concretion 10-15% 20% 55-50% - - 1% - 10-15% 

Fossiliferous Deposit 2-10% 15-20% 50% 1% - 10% - 2-10% 

Phosphatic Deposit 10-15% 35% 10% 2-3% - 20-30% 3-5% 2-5% 

Silty-Shaley (wavy) 
Interlaminated deposit 

20% 25% 30% 15% - - 8-10% - 

Dolomitic Mudstone 10% 20-30% 2-20% 30-40% - -   - 

Micritic/Limy 
Mudstone 

10% 40% 30-40% 5% - -   5% 

Table 6.1 Mineral ology of the Lithofacies of Barnett Shale (based on Singh et al., 2009) 
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Figure 6.19 Photomicrographs and core photograph of Nine lithofacies of Barnett Shale (from 
Singh et al., 2009) 

(A) Shows the high amount of detrital quartz often found in Siliceous Non-calcareous Mudstone 
(B) Agglutinated forams in Siliceous Non-calcareous Mudstone 
(C) Relative abundance of calcite (pink color stained grains) in Siliceous Calcareous Mudstone 
(D) Calcite (pink stained grains) filling the probable burrows (yellow arrow) in Siliceous 

Calcareous mudstone 
(E) Micritic/Limy Mudstone 
(F) Reworked spicules in Bottom current calcareous laminae deposit 
(G) Fossiliferous deposit showing macrofossil shell fragments 
(H) Surficially coated phosphatic ooids in fossiliferous deposit 
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Figure 6.20 Photomicrographs and core photograph of the nine lithofacies of Barnett Shale 
(from Singh et al., 2009) 

(I) Silty-shaly (wavy) inter-laminated deposits: abundant silt size quartz and calcite grain (pink 
stained grains) interlaminated with clay 

(J) Phosphatic fecal pellets 
(K) Well developed phosphatic ooids 
(L) Dolomitic mudstone 
(M) Well preserved microgastropods and pelloids in concretion 
(N) Core photo of Bottom current calcareous laminae deposit: white arrow shows Teichichnus 

trace fossil, red arrows shows the current lamination and ripple structures. 
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Mitra et al. (2010) present an integrated shale analysis for a Barnett Shale wellbore that 
distinguishes seven different lithofacies (Figure 6.21): 

1 Organic-rich shale (OR Shale) 

2 Non-siliceous organic-rich shale (NSOR Shale) 

3 Low-organic shale (LO Shale) 

4 Siliceous mudstone (Sil MST) 

5 Calcareous mud ton (Cal MST) 

6 Phosphatic zone (Phos. Zone) 

7 Pyritic zone (Pyr. Zone) 

6.4.2.2 Geomechanical Properties 

Gale et al. (2007) and Gale and Holder (2008) measure Young’s modulus, Poisson’s ratio and 
subcritical crack indices for specimens of Barnet shale (Table 6.2). The subcritical crack index ranges 
from 109 to 326, which is high, indicating a rapid transition from zero propagation to almost 
rupture-crack velocity for small load increases, i.e. the specimens behave as almost perfectly brittle. 
The indices are comparable to those for dolostones and chalk, but are high relative to those for 
sandstones, which have means of approximately 55 (Rijken, 2005). 

Lithology 
Young’s Modulus 

(Static) (GPa) 
Poisson’s ratio 

Subcritical Crack 
Index 

Barnett Shale 33.0 0.2–0.3 109–326 

Table 6.2 Mechanical properties of the Barnett Shale (from Gale et al., 2007). Young’s modulus 
is a static value but it is uncertain as to the test conditions for Poisson’s ratio 

 

Gale and Holder (2008) state that the tensile strengths of the lithofacies of the Barnett Shale 
are variable, with values ranging from 12 to 44 MPa. The Forestburg Limestone lies at the upper end 
of this range at 41 MPa. The tensile strength along a natural fractures sealed with calcite in a 
mudstone sample was half that of the host rock. 
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Figure 6.21 Integrated Shale Analysis Plot for a Representative Well in Barnett Shale (from 
Mitra et al., 2010) 

6.4.3 Woodford Shale 

6.4.3.1 Lithofacies and Mineralogy 

Abousleiman et al. (2007) investigated the petrophysical properties of Woodford Shale, a 
fissile, carbonaceous, siliceous black shale in the Arkoma Basin of eastern Oklahoma (Jacobi et al., 
2009). They show that the main mineral component is quartz with illite the largest clay mineral 
component (Table 6.3). The kerogen percentage varies from 11-18% and the porosity is in the range 
0.16-0.19. 
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Mineral Percentage 

Quartz 27 - 53 
K-feldspar 0 - 2 
Plagioclase 1 - 4 

Calcite 0 - 11 
Dolomite 0 - 6 
Ankerite 2 - 8 

Pyrite+Marc 1 - 13 
Kaolin 0 - 5 

Chlorite 0 - 5 
Illite 13 - 40 

Table 6.3 Mineralogy of Woodford Shale (from Abousleiman et al., 2007) 

 

Both Mitra et al. (2010) and Jacobi et al.(2009) present lithofacies and petrophysical logs for 
Woodford shale. Mitra et al. (2010) identify five different lithofacies (Figure 6.22): 

1 Siliceous mudstones (Sil MST) 

2 Siliceous organic mudstones (SO MST) 

3 Low-siliceous organic mudstones (LSO MST) 

4 Carbonate mudstones (Carb. MST) 

5 Low-organic mudstones (LO MST) 

The predominant lithofacies is the siliceous mudstone followed by the siliceous organic 
mudstone. 

6.4.3.2 Geomechanical Properties 

Abousleiman et al. (2007) derived the geomechanical properties for Woodford shale using a 
combination of log data, conventional rock mechanics experiments, and experiments on small-scale 
samples from cuttings (Table 6.4). The elastic moduli show a significant degree of anisotropy and the 
shale properties are sensitive to the saturating fluid despite the clay minerals being mostly illite and 
chlorite. It should, however, be noted that the properties quoted by Abousleiman et al. (2007) differ 
remarkably from those presented by Harris et al. (2011), who indicate that the Young’s modulus of 
the Woodford is 10 to 2.5 Mpsi (68 to 175 GPa) almost an order of magnitude higher. It is likely that 
this is because the Woodford analysed by Abousleiman et al. (2007) is from a more shallowly buried 
and less thermally mature section than that analysed by Harris et al. (2011). A summary of the 
properties of the deeper section of the Woodford is presented in Table 6.5. 
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Figure 6.22 Integrated Shale Analysis Plot for a Representative Well in Woodford Shale (from 
Mitra et al., 2010) 
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Property Value Comment 

Porosity (excluding kerogen) 0.16-0.19  

Tensile strength  1180 psi (8.13 MPa) Brazilian test in PG1 

Tensile strength 997 psi (6.87 MPa) Brazilian test Water 

Dynamic E  1.8 Mpsi (12.4 GPa) independent of stress for axial stress 

range 1250-5500 psi (8.62-37.9 MPa) 

Dynamic v 0.33  

Static E  1.57 Mpsi (10.8 GPa) Axial stress 1250 psi (8.62MPa) 

Static E  1.62 Mpsi (11.2GPa) Axial stress 5500psi (37.9 MPa) 

Table 6.4 Geomechanical properties of Woodford shale (from Abousleiman et al., 2007). Note 
that this is a shallowly buried section 

Property Value 

Porosity (excluding kerogen) 0.06-0.09 

Dynamic E  10 to 25 Mpsi (68-175 GPa) 

Dynamic v 0.1-0.25 

Table 6.5 Geomechanical properties of Woodford shale (from Harris et al., 2011). Note that this 
is a deeply buried section that produces gas 

6.4.4 Marcellus Shale 

6.4.4.1 Lithofacies and Mineralogy 

The petrophysical properties of the Marcellus shale have been investigated by Jacot et al. 
(2010) and Mitra et al. (2010). Mitra et al. (2010) classify the Marcellus Shale into five different 
lithofacies (Figure 6.23): 

1 Siliceous mudstones (Sil MST) 

2 Organic mudstones (ORG MST) 

3 Low-siliceous organic mudstones (LSO MST) 

4 Calcareous mudstones (Cal. MST) 

5 Phosphatic mudstones (Phos. MST) 

The predominant lithofacies is the siliceous mudstone followed by the organic mudstone 
and the low-siliceous organic mudstone. 
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Figure 6.23 Integrated shale analysis plot for a representative well in Marcellus Shale (from 
Mitra et al., 2010) 
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6.4.4.2 Geomechanical Properties 

Elastic properties and fracture toughness for Marcellus shale are presented in Table 6.6.  

Well A 
Young's modulus 

GPa (Mpsi) 
Poisson's ratio 

 

Fracture toughness 
(KIC) 

(MPa m1/2) 
Burkett Shale 25.4 (3.68) 0.21 1.63 
Tully Limestone 34 (4.93) 0.25 1.23 
Hamilton Shale 27.7 (4.02) 0.21 1.79 
Upper Marcellus 23.2 (3.36) 0.20 1.75 
Cherry Valley 25.6 (3.71) 0.26 1.90 
Lower Marcellus 22.8 (3.3) 0.19 1.54 
Onondaga 35.2 (5.11) 0.25 1.05 

Table 6.6 Elastic properties and fracture toughness for Marcellus Shale (based on Jacot et al., 
2010). The properties are calculated from wire-line log data but it is uncertain whether a correction 
has been made to convert to static moduli 

6.4.5 Haynesville Shale 

6.4.5.1 Lithofacies and Mineralogy 

The lithofacies and petrophysical properties of Haynesville shale have been investigated in 
several different studies (Buller et al., 2010; LeCompte et al., 2009; Mitra et al., 2010; Parker et al., 
2009). Mitra et al. (2010) identify four different lithofacies (Figure 6.24): 

1 Siliceous mudstones (Sil MST) 

2 Organic mudstones (ORG MST) 

3 Low- siliceous organic mud stones (LSO MST) 

4 Calcareous mudstones (Cal. MST) 

The predominant lithofacies is the siliceous mudstone followed by the organic mudstone 
and the calcareous mudstone. 

6.4.5.2 Geomechanical Properties 

LeCompte et al. (2009) performed static mechanical experiments on few samples from the 
upper and low Haynesville shale to determine the elastic properties and compare them against the 
dynamic measurements obtained from the core samples (Figure 6.25). For this shale, the dynamic 
elastic Young’s modulus is approximately twice of the static value of 8.2GPa- 15.2GPa (1.2-2.2Mpsi). 
The static Poisson’s ratio is in the range 0.15-0.25. A larger range of values were reported by Buller 
et al. (2010). 
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Figure 6.24 Integrated shale analysis plot for a representative well in Haynesville Shale (from 
Mitra et al., 2010) 

 

Figure 6.25 Static and dynamic properties for Haynesville Shale (from LeCompte et al., 2009) 
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Figure 6.26 Plot of static vs. dynamic Young’s modulus for Haynesville Shale (from Buller et al., 
2010) 

6.4.6 Summary 

6.4.6.1 Lithofacies and Mineralogy 

The four shale-gas formations considered have low clay content relative to shales which are 
considered candidates for seals. This finding is consistent with many other shale-gas formations. 
Formations where the clay content is higher are often either considered not very prospective or 
more difficult to complete successfully (e.g. Kundert and Mullen, 2009). Britt and Schoeffler (2009) 
present a ternary diagram of the mineralogy of samples from eight different North American shale-
gas formations (Figure 6.27). They suggest that clay content in excess of 35 to 40% too high to be 
considered widely prospective. Most of the samples they present fall in the prospective range. Two 
shales have higher clay content (represented by diamonds and boxes) and they state that while both 
these shale produce gas, neither is currently economically viable. 

 

 

Figure 6.27 Ternary diagram for gas-bearing shales (based on Britt and Schoeffler, 2009) 

Clay 

Carbonate 

Quartz 
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Rickman et al. (2008) present a ternary diagram for a more extensive database of shale-gas 
formations, together with an indicator of the brittleness of the formations (Figure 6.28). Their data 
includes Barnet, Marcellus, Woodford and Haynesville shales. 

 

Figure 6.28 Ternary diagram for gas-bearing shales. Color denotes individual shales and the 
size of the symbol indicates brittleness (from Rickman et al., 2008) 

6.4.6.2 Geomechanical Properties 

Several authors suggest that mineralogy appears to be a key factor characterizing the 
prospectivity of shales. The best Barnett Shale production comes from zones with 45% quartz and 
only 27% clay (Jarvie et al., 2007). The brittleness of the shale is viewed as key to stimulation, as 
brittle formations can be stimulated to form widespread fracture networks, providing linkage 
between the wellbore and the formation microporosity (average 6%) (see Section 6.7). Pore throats 
are typically less than 100 nm in the Barnett Shale. Due to a limited experimental testing of core 
data, brittleness is often characterised directly from static or dynamic estimates of the Young’s 
modulus and Poisson’s ratio (Britt and Schoeffler, 2009; Rickman et al., 2008). For example, Britt and 
Schoeffler (2009) present data that identifies prospective and non-prospective shales on a graph of 
dynamic Young’s modulus vs. static Young’s modulus (Figure 6.29), over which the location of 
Barnett, Woodford, Marcellus and Haynesville shale (Table 6.7) have been superimposed. It can be 
seen that according to this criteria the Woodford shale would be the most difficult to complete 
successfully. 
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Shale 
Young's Modulus 

GPa(Mpsi) 
Poisson's ratio Reference 

Barnett 33 (4.8)a 0.2-0.33c Gale et al. (2007) 
Woodford 68-175 (10-25)b 0.1-0.25b  Abousleiman et al. (2007) 
Upper Marcellus 23.2 (3.36)c 0.20c  Jacot et al. (2010) 
Lower Marcellus 22.8 (3.3)c 0.19c Jacot et al. (2010) 
Haynesville 8.2-15.2 (1.2-2.2)a 0.15-0.25a LeCompte et al. (2009) 
Haynesville (cluster 1) 8.3-31 (1.2-4.5)a  Buller et al. (2010) 
Haynesville (cluster 2) 40-57 (5.8-8.3)a  Buller et al. (2010) 

Table 6.7 Elastic properties of gas-bearing shale formations. The values in brackets are in Mpsi. 
The superscripts a and b are static and dynamic respectively, whereas c represents values where it is 
uncertain whether the other values are static or dynamic  

 

Figure 6.29 Correlation of dynamic and static Young’s modulus for shale-gas plays (based on 
Britt and Schoeffler, 2009) and stratigraphic equivalents of argillaceous sediments present at 
potential radioactive waste disposal sites 

Notes 

1 The tensile strength of Woodford shale evaluated in Brazilian tests is 997-1180 psi (6.87-8.13 
MPa) (Abousleiman et al., 2007). 

2 The tensile strengths of the lithofacies of the Barnett Shale are variable, with values ranging 
from 12 to 44 MPa (Gale and Holder, 2008).  
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6.4.6.3 Porosity 
Barnett  The typical average porosity of Barnett shale is ca. 6% (Bruner and Smosna, 2011; 

Jarvie et al., 2007) with pore throats being typically less than 100 nm  

Marcellus Soeder (1988) measured the porosity of a Marcellus shale core from a depth of 7448ft 
(2270m) sample at 10%. Bruner and Smosna (2011) suggest an average value of 6% 

Woodford Abousleiman et al. (2009) provide laboratory measured values of porosity for core 
samples of Woodford shale with a range 16-19%. On the other hand, most 
unpublished data presented at conferences would indicate porosities of 6-9%. 

Haynesville Haynesville Shale has a higher porosity than most shale-gas formations. The average 
porosity value from core measurements on samples from a Petrohawk well at a depth 
of 11500ft (3500m) was 12.6%, with a range of 10.8 – 15.0%. This is consistent with 
the well log data presented in this report.  

6.4.6.4 Vitrinite Reflectance Data 
Barnett Ro ≥ 1.2 < Ro < 1.9 in the core area of dry gas; maturity related to burial depth and to 

hydrothermal heating around deep-seated faults. 

Marcellus 1.60 < Ro < 3.5 in the core area of dry gas; maturity related to burial depth and to 
high heat flow over deep-seated faults; Ro values may be suppressed meaning that 
the mapped area of dry gas would shift to the west some considerable distance. 

Woodford Arkoma Basin: 0.8 < Ro < 4 dry-gas geologic province. Total vertical depths of 1,007 
Woodford Shale wells in the Arkoma Basin range from 691 to 13,810ft (210-4210m) 

 Anadarko Basin: 1.2 < Ro < 1.4. Total vertical depths of 87 Woodford Shale wells in 
the Cana play range from 11,075 to 14,654ft (3580-4470m). 

Haynesville The Ro values are in the range: 0.91 < Ro < 2.62. The vertical depths of Haynesville 
shale wells are in the range 12,956 - 16,432ft (3950-5010m). 

6.5 Natural Fractures in Shale-Gas Formations 

6.5.1 Natural Fractures in Barnett Shale 
Gale et al. (2007) characterized natural fractures in four Barnett Shale cores in terms of 

orientation, size, and sealing properties, together with the mechanical rock properties and the 
subcritical crack index. Principal findings are: 

1 The measured natural fractures are narrow (<0.05 mm; <0.002 in.), and present in en echelon 
arrays (Figure 6.30).  

2 Individual fractures have high length/width aspect ratios (>1000:1) and are steeply inclined 
(>75°), with the dominant trend being west-northwest.  

3 Further fracture sets trend north-south. 

4 The fractures were generally sealed by calcite with phases pyrite, albite, quartz, barite and 
dolomite (Gale et al., 2007; Papazis, 2005). In their undisturbed state the narrow fractures 
therefore do not significantly contribute to the reservoir storage or enhance permeability.  
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5 Large open fractures were not directly observed in the Barnett Shale. They postulate, however, 
that the population may follow a power-law size distribution where the largest fractures may be 
open. The subcritical crack index for the Barnett Shale is high and, based on theoretical 
arguments on sub-critical crack growth, this favours fracture clustering with large (potentially 
open) fractures in clusters spaced several hundred feet apart. 

6 As the maximum horizontal stress trends northeast-southwest, and is nearly normal to the 
dominant natural fractures, reactivation during hydraulic stimulation will widen the treatment 
zone along multiple strands. 

7 The cements within the fractures are generally not bonded to the grains of the wall rock. 
Consequently, the mineralization is thought to provide planes of weakness that when 
intersected by induced hydraulic fractures are postulated to reactivate, thus opening and 
further optimizing recovery of reserves (Gale et al. 2007). 

The postulated existence of larger opening mode fractures is based on the rationale that an 
opening-mode fracture sets comprises fractures across a range of sizes. Furthermore, within a set 
the orientation (Laubach, 1997) and timing (Laubach, 2003) are consistent across the range of scales, 
and intensity shows a size-dependent power-law distribution (Marrett et al., 1999). Fracture 
population attributes of porosity and permeability (Marrett, 1996) and the sealing of opening-mode 
fractures (Laubach, 2003) are also considered size dependent. These size-scaling relationships may 
therefore be used to predict the attributes of large fractures from observations of smaller fractures 
in cores. Additionally, a theoretical linear elastic fracture mechanics model for spacing of larger 
factures within a set has been developed (Olson, 2004), with the subcritical crack index as a key 
input parameter (Holder et al., 2001).  

As a counterpoint to the argument for open fractures, Bowker (2007) argues that as Barnett 
shale is the source, trap, and seal for the gas; if the seal is fractured and inefficient, then the present 
volume of gas-in-place would be significantly less, as the free gas would be lost and only the 
adsorbed gas would remain in the shale (a similar situation to that of the Antrim Shale of northern 
Michigan). Consequently, an abundance of open natural fractures within the Barnett shale would be 
accompanied by a much smaller gas accumulation present within the reservoir.  
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Figure 6.30 Natural fractures in Barnett Shale core sealed with calcite (from Gale et al., 2007) 

(a) Fractures arranged in en echelon arrays at meter scale 
(b) Fractures arranged in en echelon arrays at centimetre scale.  
(c) Broken fracture surface showing calcite mineralization. 
The numbers on the core are depths in feet. 

 

Gale and Holder (2008) tested the effect of calcite-sealed fractures on tensile strength of 
Barnett shale using a bending test. They find that that the tensile strength of samples containing 
natural fractures is reduced by 50% relative to homogeneous samples, and that they always break 
along the fracture plane. In Barnett Shale fractures, the bond between the wall rock and cement is 
weak because the cement grows mostly over non-carbonate grains so that there is no chemical bond 
between cement and wall rock. Thus, even completely sealed fractures are prone to reactivation. 
There is also some variation in the cement composition in different fractures. Although calcite 
appears to be dominant in the Barnett Shale, Gale et al. (2007) also report quartz and albite fracture-
filling cements. The tensile strength of these fractures is unknown, but Gale and Holder (2008) 
predict they would be stronger than the calcite-filled fractures as the quartz and albite cements 
could template onto broken grains in the fracture wall. 

6.5.2 Natural Fractures in the Marcellus Shale 
Engelder et al. (2009) investigated the marine Middle and Upper Devonian section of the 

Appalachian Basin, which includes the Marcellus shale, and found two regional joint sets (denoted J1 
and J2) which are observed in outcrop, core, and borehole images. They identify the essential 
characteristic of these joint sets as: 
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1 The joints formed close to, or at, peak burial depth, as natural hydraulic fractures induced by 
overpressures generated by gas production during burial maturation of black shales (Lash and 
Engelder, 2005). 

2 The J1 joints are crosscut by later J2 joints when present together. 

3 In outcrops of black shale on the foreland (northwest) side of the Appalachian Basin, the east-
northeast-trending J1 set is more closely spaced than the northwest-striking J2 set. 

4 J2 joints are far more pervasive throughout the exposed Devonian marine clastic section on 
both sides of the basin. 

5 By geological coincidence, the J1 set is nearly parallel the maximum compressive normal stress 
of the contemporary tectonic stress field (SHmax). 

6 Both joints sets are closely spaced relative to height (Figure 6.31). This observation is consistent 
with a deep-formed natural hydraulic fracture mechanism for driving vertical joints in black 
shale (Fischer et al., 1995). Even where black shale carries closely spaced joints in both J1 and J2 
orientations (east-northeast and cross fold, respectively), late-formed joints are easily identified 
in cross section view as they curve parallel with the earlier, vertical planar joints (Figure 6.31) 

 

Figure 6.31 Joint sets in the Devonian formations in the Appalachian Basin (from Engelder et 
al., 2009) 

(A) Skaneateles Formation at Moonshine Falls east of Aurora, New York. Looking south-southeast 
parallel to J2. (A-1, A-2) Neotectonic or exhumation joints parallel J2. 

(B) Union Springs Member of the Marcellus Formation at Union Springs, New York, looking parallel to 
J2 joints cutting vertically to the outcrop surface. (B-1) The J2 joints curve toward the outcrop surface 

Engelder et al. (2009) discuss the evidence for the deep formation of the joint sets vs. 
evidence for near-surface joint propagation, attributed to glacial loading and/or unloading cycles, 
that has been proposed for some joints in the Appalachian Basin (Lash and Engelder, 2007). They 
argue that this explanation is not consistent with the regional distribution of systematic J1 and J2 
sets in Devonian black shales, as these formations are the most compliant beds of the Appalachian 
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Basin. Furthermore, the joints terminate at concretions, which is more typical of natural hydraulic 
fractures than tensile fractures due to stress relief or temperature change (McConaughy and 
Engelder, 1999). 

6.6 Matrix and Fracture Flow Properties 
The hydraulic conductivity of fractures and joints in rock has been studied extensively. Many 

studies have focused on the influence of fracture roughness, in combination with small displacement 
offsets, on the mechanical behaviour and hydraulic conductivity. Both can result in imperfect closing 
due to the non-matching surfaces, leading to a residual fracture width subsequent to closure. In the 
context of hydraulic fracture, this has been studied in laboratory tests (Fredd et al., 2000; Fredd et 
al., 2001; Kassis and Sondergeld, 2010; van Dam and de Pater, 1999; van Dam et al., 1998) and also 
in field-scale experiments (Branagan et al., 1996; Warpinski et al., 1997). Additionally, fracture 
conductivity tests have also investigated the importance of normal stress and offset on fracture 
permeability (e.g. Barton et al., 1985; Boutt et al., 2006; Cuisiat et al., 2002; Gutierrez et al., 2000; 
Kranz et al., 1979; Makurat and Gutierrez, 1996; Yeo et al., 1998). Studies directly related to 
sandstones and shales encountered in tight-gas and shale-gas applications include:  

1 Gutierrez et al. (2000) investigate the hydro-mechanical behavior of an extensional fracture in 
Kimmeridge shale, cored from a block with the mechanical properties given in Table 6.8. The 
fractured specimens were created by mechanically splitting shale along natural cemented 
fractures and then dissolving the calcite fracture fill. Radial fluid flow tests from a central fluid 
source were performed at different effective normal stresses and shear displacements. The 
experimental results show: 

(a) The fractures do not completely close even under normal stresses close to, or higher, than 
the unconfined compressive strength of the intact shale.  

(b) The fracture permeability remains much higher than the matrix permeability, even when the 
fracture surface has undergone some gouge formation from local asperity failure during 
shearing.  

(c) The fracture permeability is reduced by an order of magnitude after loading to an effective 
normal stress of 10 MPa, which is about twice the unconfined compressive strength of the 
intact shale. This fracture permeability is still eight orders of magnitude larger than the 
permeability of the intact shale. 

(d) Shearing of the fracture at a constant effective normal stress lower than the unconfined 
compressive strength of the shale causes dilation of the fracture and an order of magnitude 
increase in fracture permeability.  

(e) Shearing at a constant normal stress higher than the unconfined compressive strength of the 
intact shale causes closure of the fracture and approximately six orders of magnitude 
reduction in fracture permeability. Shear-induced gouge formation together with transport 
of fine particles block the fracture aperture. The final fracture hydraulic conductivity is 
approximately three orders of magnitude larger the intact rock hydraulic conductivity. 
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Parameter Value 
Initial porosity  21.6 % 
Matrix permeability 1.1E-19 m2 (0.00011md) 
Static Young’s modulus 0.7 GPa 
Static Poisson’s ratio 0.3–0.45 
Mohr Coulomb cohesion  3.7 MPa 
Mohr Coulomb friction angle 20.5° 
Unconfined compressive strength 4.5–5.5 MPa 

Table 6.8 Mechanical properties of Kimmeridge Clay (based on Gutierrez et al., 2000) 

2 Fredd et al. (2000) and Fredd et al. (2001) report a series of laboratory conductivity experiments 
on hydraulically fractured cores from the East Texas Cotton Valley sandstone formation. The 
sandstone has ca. 12% porosity and intrinsic permeability of 0.05md. The Young’s modulus is in 
the range of 3.6-7.0 Mpsi (24.8-48.3 GPa) with a Poisson’s ratio of 0.32. The cores were split via 
vertical knife loading resulting in fractures with an average asperity height of 0.09in. The 
misaligned fractures were offset by 0.1in. The experiments considered both unpropped 
fractures and fractures with either Jordan sand or sintered bauxite proppants at different 
concentrations. Both matched and offset fractures were tested at effective closure stresses 
ranging from 1,000 (6.89 MPa) to 7,000 psi (48.3 MPa) (Figure 6.32). The results of this study 
demonstrate that (Figure 6.33): 

(a) Fracture displacement is required for surface asperities to provide residual fracture width 
and sufficient conductivity in the absence of proppants.  

(b) The conductivity of unpropped fractures may vary by at least two orders of magnitude 
depending on formation properties; i.e. the degree of fracture displacement, the size and 
distribution of asperities, and rock mechanical properties. 

(c) For propped fractures, the fracture conductivity may be either proppant or asperity 
dominated, depending on the proppant concentration, proppant strength and formation 
properties.  

(d) For asperity dominated conditions the conductivity is very variable. 

(e) Low concentrations of high-strength proppant reduce the effects of formation properties 
and provide proppant dominated conductivity.  

(f) Hydraulic fracture conductivity may be as much as an order of magnitude lower in the 
presence of low strength proppant.  
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Figure 6.32 Experimental configurations for hydraulic conductivity experiments (from Fredd et 
al., 2000) 

 

Figure 6.33 Measured fracture conductivity ranges (from Fredd et al., 2001) 

3 Kassis and Sondergeld (2010) measure the hydraulic conductivity a rock fracture in Barnett 
shale as a function of effective stress, proppant, proppant distribution and fracture offset. The 
fractures were created by axial splitting specimens by loading in uniaxial compression. The 
permeability of the samples were then measured for matched fractures with no proppant, 
offset fractures with no proppant and with Ottawa sand or ceramic proppant with either sparse 
or dense distributions (Figure 6.35). The principal findings of the study are:  

(a) Fracture offset is as effective as propping a fracture; both increase initial permeabilities 
more than 1000 fold over initial fracture values. Initial permeability was measured at a 
normal stress of 800 psi (5.5 MPa) as 48mD for matched fractures rising to 220-4805 mD for 
fractures offset by 0.004-0.020” (0.1-0.5mm).  

(b) Initial fracture permeability is dependent on surface roughness, quantified as root mean 
square asperity heights. 

(c) The pressure dependence of the propped fracture is stronger, i.e. the permeability is 
reduced more per increment of pressure than the offset fractures.  

(d) The flow in unpropped or propped fractures does not obey the simple cubic pressure 
dependence law proposed by Walsh (1981). 

(e) A simple sparse monolayer of proppant is as effective as a fairway distribution of proppant 
in enhancing permeability.  
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(f) Ceramic proppant offers no significant advantage over Ottawa sand, even at pressures as 
high as 6000 psi (41.4 MPa) effective stress. SEM images showed that sand fractured while 
ceramic proppant became embedded into the fracture walls. Failure of sand grains induces 
more microfractures in the substrate, thus potentially increasing permeability effect.  

  

Figure 6.34 Two Fractured Barnett Cores (from Kassis and Sondergeld, 2010) 

 

 (a) Sparse Monolayer Distribution (b) Centralized Fairway Distribution 

Figure 6.35 Proppant Distribution (from Kassis and Sondergeld, 2010) 
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Figure 6.36 Proppant images after pressurizing the fractures to 6000 psi (41.4 MPa) (from 
Kassis and Sondergeld, 2010) 

 

4 Cuisiat et al. (2002) investigated the hydraulic conductivity of fractures in shale with relation to 
creep. Preliminary experimental results for the long-term permeability and hydraulic aperture 
of fractures in Kimmeridge shale are presented. The long-term hydraulic conductivity 
measurements at different stress levels showed that the fracture conductivity is mainly 
controlled by the effective normal stress applied to the fracture plane. The creep occurring 
across the fracture plane was insufficient to close the fracture. The samples of Kimmeridge 
shale were unusually strong, however, so that the maximum effective normal stress (25 MPa) 
was less than 20% of the UCS for the clay (138 MPa) 

5 Van dam and de Pater (1999) and Van dam and de Pater (1998) present results of scaled 
hydraulic fracturing experiments designed to enable identification of the parameters that may 
influence fracture roughness and to investigate fracture closure. Experiments were performed 
on 30cm plaster and diatomite blocks with a 2.3cm central borehole. The mechanical properties 
for the materials are provided in Table 6.9. The hydraulic fracture surface roughness exhibits a 
radial pattern of grooves with amplitude significantly larger than the grain size (Figure 6.37). 
This characteristic pattern has also observed in hydraulic fracturing laboratory studies on clay 
(Murdoch, 1993). Parametric investigations showed that the surface roughness of stable 
propagating hydraulic fractures is determined by material properties and in-situ stresses rather 
than the propagation rate. They also show that fracture surface roughness shows a correlation 
with a measure of the theoretically computed plastic zone size around the fracture tip, and that 
both shear failure and tensile failure may occur at the crack tip. 
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Figure 6.37 Surfaces of hydraulic fractures (from van Dam and de Pater, 1999). The dark areas 
are eetted by fracturing fluid and the extent of the hydraulic fracture is visible by the change in 
surface texture (scale approx. 10cm). 

 

Material E (GPa) k (mD) ϕ 
KIc 

(MPa√m) 
S0 (Pa⋅s) μf (-) 

strong plaster 9 50 0.42 0.3 6.2 0.47 
weak plaster 5 50 0.42 0.3 2.6 0.47 

diatomite 0.2 0.2 0.70 0.03* 0.45 0.47 

Table 6.9 Properties of materials in hydraulic fracture experiments (from van Dam and de 
Pater, 1999) 

6.7 Completion Strategies 
Production of gas from fine grained shale-gas lithologies at commercially viable rates 

requires the stimulation of a large volume of rock using hydraulic fracture techniques. The projected 
azimuth, propagation, and containment of the induced fractures created using this method are very 
dependent on the lithology, natural fractures, geomechanical and initial stress state. For low-
permeability shales, hydraulic stimulation may generate a range of fracturing outcomes, from planar 
fractures to very large networks, depending on the reservoir conditions and the treatment 
parameters (Figure 6.38). Due to its relatively low surface area a planar fracture in a nanoDarcy 
reservoir will, however, only recover a small fraction of the gas-in-place within a reasonable time 
period, and even a fracture network with wide fracture spacing; and therefore low fracture surface 
area as a function of stimulated reservoir volume (SRV), may have a poor recovery factor (e.g. 
Mayerhofer et al., 2010; Mayerhofer et al., 2006). The development of fracture network systems is 
further complicated by structural features such as karsts and faults that may have detrimental 
effects on the fracturing. For example, stimulations may propagate along fault planes intersecting 
other formations within the basin leaving much of the reservoir rock unfractured (Bowker, 2007). 
Consequently, stimulation design is incorporated into multi-disciplinary workflows that integrate 
geology, petrophysics, geomechanics and reservoir engineering (e.g. Britt and Schoeffler, 2009; 
Gunter et al., 1997a; Gunter et al., 1997b; Newsham and Rushing, 2001; Rushing and Newsham, 
2001; Slatt et al., 2008). While the elements of these proposed workflows may differ, they may 
contain (see Kundert and Mullen, 2009 for a more detailed list): 

• Characterization of multi-scale sedimentology and sequence stratigraphy. 
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• Relation of stratigraphy to observed log measurements. 
• Evaluation of the petrophysical and geomechanical properties, and in particular the brittleness 

of the shale. 
• Investigation of the organic geochemistry.  
• Hydraulic stimulation design – location, fluid and proppant selection, pumping rate, etc. 
• Monitoring of the stimulation process via tiltmeters, microseismic monitoring, etc. 
• Post fracture clean-up. 
 
 
 
 
 
 
 
 
 
 
 
 

Figure 6.38 Types of fracture growth (from Warpinski et al., 2009) 

 

6.7.1 Fracture Stimulation – Objectives and Methodology 
Because of the low matrix permeability, gas production from many shale gas reservoirs is 

dependent on the ability to produce an extensive network of induced fractures into the matrix 
(Fisher et al., 2005; Leonard et al., 2007; Mayerhofer et al., 2010; Mayerhofer et al., 2006; Warpinski 
et al., 2009). Fracture stimulation design considerations include: 

1 The fracturing fluid 

2 The influence of the different lithofacies 

3 The influence of natural fractures 

4 Maximising the surface area of the stimulated reservoir volume (SRV) 

5 Influence of geomechanical properties 

6 Maintaining the fracture conductivity 

7 Monitoring the stimulation process – microseismic monitoring, tiltmeters, etc. 

8 Numerical modelling 

6.7.2 Fracturing fluid  
Most hydraulically induced fractures in Barnett shale are observed to be a network of 

fractures, referred to as a “fracture fairway”. These fracture fairways often exhibit multiple cross-
cutting fractures that appear to result from opening of many natural fractures. While most cores and 
imaging logs indicate that natural fractures in the Barnett are mostly healed (sealed) (see Section 
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6.5), reactivation and opening of these fractures plays a pivotal role in stimulating complex fracture 
networks (Coulter et al., 2004; Fisher et al., 2004).  

In order to qualify injection fluid for a wide range of shale-gas applications, Rickman et al. 
(2008) define a general guideline for fluid type selection as a function of brittleness (via a brittleness 
index) (Table 6.10). They suggest that as the shale becomes more ductile (lower values of brittleness 
index) the induced fracture tends towards the more conventional bi-wing fracture geometry, 
necessitating higher viscosity fluids to obtain acceptable fracture conductivity. Conversely for brittle 
formations low viscosity slick water is beneficial, where slick water contains additives to reduce 
viscosity and surfactants to control the capillary pressure increase. 

 

Table 6.10 Fluid system recommendations based on brittleness calculation (from Rickman et 
al., 2008) 

The influence of fluid type on the stimulated fracture network has been shown by field-scale 
investigations using microseismic-mapping and data processing techniques (Warpinski et al., 2005). 
Comparison of stimulation using slick water, known as “waterfracing”, and higher viscosity cross-
linked gel systems on wells with similar conditions, shows that stimulations using cross-linked gel 
result in a more limited fracture network. It is suggested (Warpinski et al., 2009) that the low 
viscosity waterfrac fluid is able penetrate into the sealed natural fractures resulting in pressurisation 
of the fractures relative to the low permeability matrix. As the pressure increases this provides 
sufficient localised stress concentration at the fracture tips to induce propagation of the fracture. 
The fractures then continue to propagate as orthogonal hydraulic fractures as long as the fluid 
supply supports the pressure.  

A crucial factor in the success of this process is the ultra low permeability of the shale-gas 
formations, as this limits leak-off of the low-viscosity waterfrac fluid into the formation, facilitating 
the overpressuring of the fracture relative to the formation. For higher permeability formations or 
for formulations with open joints, waterfracs may not generate sufficient pressure to open natural 
fractures due to leak-off into the formation and/or along open fractures.  

Britt et al. (2006) present guidelines for use of waterfracs based on field studies in tight-gas 
formations, and suggest that the maximum horizontal permeability should be less than 0.1md for 
successful waterfracing of tight-gas formations. They also comment that although higher viscosity 
fluids; e.g. cross-linked gels, will be more successful at fracture propagation for higher permeability 
formations, this does not however necessarily lead to better production rates. This is due to the 
potential formation of a gel filtercake on fracture walls during stimulation, combined with aperture 
reduction subsequent to stimulation; i.e. after pressure reduction, which may result in narrow 
fractures that are effectively clogged with gel. For example, Britt et al. (2006) investigated the 
relative merits of water and higher viscosity fluids for completions in the tight-gas Cotton Valley 
formations and conclude that while in this case waterfrac and cross-linked gel fracs result in similar 
productivity, that: 

1 Post-stimulation clean-up is much simpler, cheaper and more effective for waterfracs than 
cross-linked gel fracs.  

2 Less proppant is required relative to cross-linked gel to achieve similar productivity. 
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They comment that this conclusion is probably influenced by the ability of the formations to 
maintain some unpropped fracture conductivity due to their relatively high strength and brittleness. 
As waterfracs provide a much larger surface area of contact with the reservoir and minimize fracture 
face damage, nearly all Barnett shale completions use some permutation of this technique (Fisher et 
al., 2004).  

One concern with waterfracs is that typically only 10-20% of the injected fluid can be 
recovered during the process of flowback for cleanup of loaded fluid. The influence of this water on 
production is dependent on various mechanisms, such as (i) imbibition dominated by capillary 
pressure; (ii) relative permeability; (iii) gravity segregation; and (iv) stress-sensitive fracture 
conductivities, etc. Retained water if imbibed rapidly into the formation may not necessarily 
adversely affect gas production. Cheng (2010) numerically investigated the dynamics of water 
distribution in fractures and matrix during the process of flowback, shut-in and long-term 
production. The main conclusions from this study were: 

1 Imbibition plays an important role in the clean-up of the injected water phase. Rapid suck-in of 
water into the matrix and dissipation of the water phase beyond the invasion zone help to 
clean-up water in the fractures and ramp up gas rates. 

2 If effective imbibition processes are present, the water phase may dissipate further into the 
formation during shut-in. In this case extended shut-in significantly reduces the water 
production rate and substantially increases the initial gas production rate after shut-in without 
adversely impacting the long-term gas production. 

3 Increased capillary pressure and change in the relative permeability in the invasion zone can 
potentially create quasi-stationary water saturation or water trapping, resulting in delayed gas 
peak, extended water rates and much more cumulative water production. Consequently, in 
addition to viscosity reducing additives, slick water also commonly contains surfactants to limit 
the capillary pressure. 

4 The combination of: (i) permeability damage (due to clay swelling, scaling, and fines migration); 
(ii) unfavourable capillary pressure increase; and (iii) relative permeability change, can produce 
severely adverse effects on both gas and water production, i.e. a prolonged period of high 
water rates and heavily delayed gas peak rates, and less cumulative gas production. 

6.7.3 Influence of Lithofacies on Completion Strategies 
Lithofacies of shale gas reservoirs, and in particular petrophysical and geomechanical 

properties of the target zone, can vary abruptly both vertically and laterally. For example, the 
preferred zones in Barnett shale are the silica-rich intervals with high organic content found both in 
the upper and lower Barnett (Jarvie et al., 2007). Geomechanically, these silica-rich, low-clay zones 
are usually the most brittle lithofacies within the interval (Johnston, 2004). Stimulation strategies 
that target these more brittle zones are reported to improve overall well productivity, mainly 
because the fractures produced in these lithofacies tend to remain open after stimulation and also 
create a fracture fairway throughout the strata conducive for gas recovery (Gale et al., 2007; 
Johnston, 2004). Targeting the more brittle intervals for stimulation is also supported by the strong 
relationship reported between the thermal maturity of the organic-rich kerogen and the 
corresponding brittleness of the rock. Jarvie et al. (2007) state that both are factors that can be used 
to predict the possible gas flow rate from a given well and subsequently the expected gas production 
(Figure 6.39). 
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Figure 6.39 Illustration of gas flow rate with increasing source rock organic richness (TOC), 
thermal maturity, GOR, and fractures found in shale-gas systems (from Jarvie et al., 2007). 

 

The stimulation strategy also takes into account lithofacies intervals that are detrimental to 
fracture network development and productivity. For example, fracture propagation in the more clay-
rich zones surrounding the siliceous target intervals are reported to be less advantageous for 
producing optimal fracture networks. As a result, the location of these clay facies within the section, 
by volume and number, are crucial to assess their effect on hydraulic fracturing strategies (Bowker, 
2007; Johnston, 2004). Furthermore, identifying lithofacies or structural features (e.g. faults) that 
may disperse stimulation energy away from the target zones is crucial for developing successful 
hydraulic fracture plans. For example, carbonate lithofacies, with natural fractures, karsting, and 
cavernous porosity, can diminish the efficiency of the stimulation (Jarvie et al., 2007), and faults may 
divert fracture stimulus along fault planes and away from the targeted zones (Bowker, 2007). This is 
the primary reason that stimulation design for the Barnett shale often avoids intersecting the 
underlying Viola and Ellenberger carbonate lithofacies at the base of the Barnett section (Bowker, 
2007; Gale et al., 2007; Montgomery et al., 2005). 

6.7.4 Influence of Natural Fractures on Completion Strategies 
In addition to inducing fractures, locating sub-vertical natural fractures within shale sections 

is also considered to be advantageous for the recovery of reserves (e.g. Fisher et al., 2004; Gale et 
al., 2007; Warpinski, 2009). As discussed in Section 6.5, natural fractures in the Barnett shale are 
generally considered annealed and filled with cement (Gale et al., 2007; Papazis, 2005). As these 
cements are generally poorly bonded to the grains of the facture wall, although sealed, the fracture 
is thought to provide planes-of-weakness that when intersected by induced hydraulic fractures may 
reactivate (Fisher et al., 2004; Fisher et al., 2002; Warpinski, 2009; Warpinski et al., 2009; Warpinski 
et al., 2004). In the case of the Barnett Shale, microseismic monitoring (e.g. Fisher et al., 2004; Fisher 
et al., 2002; Warpinski et al., 2005) has shown hydraulic stimulation of the natural fractures 
produces a complex fracture network (e.g. see Figure 6.43). In other cases, however, natural 
fractures may be detrimental to well performance (Bowker, 2007; Montgomery et al., 2005; 
Warpinski and Teufel, 1987). For example, macrofractures near major fault zones may be less 
productive because fractures are more heavily cemented with carbonate cement and are therefore 
less responsive to stimulation (Bowker, 2007).  
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6.7.5 Maximising the surface area of the stimulated reservoir volume (SRV) 
Parametric studies have been undertaken using numerical models to assess the effect of 

stimulated reservoir volume (SRV), fracture density, network conductivity, and other factors on 
production (Mayerhofer et al., 2010; Mayerhofer et al., 2006). While these simulations make specific 
assumptions on the stimulation fluid (water) and pressure, the fracture network geometry, the 
matrix and fracture conductivity and the “formation damage” or “skin” (i.e. the impact of 
stimulation on the permeability adjacent to the fracture surface), they show in principal that: 

• Gas shales need to be fractured in blocks that are less than 330m (100ft) wide to enable 
recovery of the majority of the gas-in-place. 

• Increased fracture conductivity within realistically achievable bounds increases the cumulative 
gas production. Although high conductivity is unlikely to be achieved throughout the entire 
network, higher near-wellbore conductivity should, however, add value. 

• Increasing the stimulated reservoir volume (SRV) increases the total production. The 
development of the SRV is influenced by shale thickness, the stress field, the open and sealed 
natural fracture network, rock brittleness and large geological features; e.g. faults. 

• Fracture skin damage is predicted to be insignificant unless the damage is greater than a 9 5% 
loss in permeability. 

• Stimulation strategies that result in unstimulated regions are likely to reduce production by the 
equivalent volume of the unstimulated region. 

Unstimulated regions (Fisher et al., 2004) may be the result of stress shadow effects induced 
by the fracture stimulation process (e.g. Warpinski et al., 2009). When a hydraulic fracture is opened 
the compressive stress normal to the fracture faces is increased above the initial in-situ stress (Shmin) 
by an amount equal to the net fracturing pressure. This stress elevation is a maximum at the fracture 
face, but the perturbation of the stress field radiates out into the reservoir, increasing the fracturing 
pressure necessary to fracture the adjacent formation. The rate of stress perturbation declines with 
distance from the fracture face, and is mainly controlled by the smallest areal fracture dimension 
(height or length). In the Barnett Shale fracture heights control the stress shadow, with the stress 
shadow becoming quite small at an offset distance equal to about 1.5 times the fracture height. In 
the core area of the Barnett fracture heights are typically around 300 to 400 ft, hence the stress 
shadow dissipates around 500 ft away from a fracture opening.  

Current stimulation practices in shale-gas reservoirs include multiple-stage waterfrac 
treatments in horizontal wells to stimulate and access large volumes of the reservoir (Coulter et al., 
2004). Maximising SRV and reducing fracture spacing in these stimulations is a subject of on-going 
research, and current strategies are designed by considering (Mayerhofer et al., 2010): 

1 Lateral length and orientation of the well relative to the natural fracture and stress orientations. 
2 Treatment sizes. 
3 Number of stimulation stages. 
4 The number and spacing of perforation clusters. 
5 Diversion techniques and/or openhole packer completion systems for multiple stage 

completions. 

Many different strategies have been investigated; e.g. simultaneous fractures, closely 
spaced fracture stages, and sequential fractures in one or more adjacent wellbores. The aim is to 
impart large amounts of energy into a limited region of the reservoir with the hope of extensively 
fracturing and interconnecting that volume. This concept is consistent with linear elastic fracture 
mechanics, which would predict that increasing energy at crack tips is more likely to promote 
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multiple fractures and crack branching in order to maximise fracture surface area growth and 
thereby increase energy dissipation (Atkinson, 1984; Olson, 2003). Evidence directly measuring the 
effectiveness of these strategies is limited, but the conceptual idea is illustrated by the behaviour 
observed in multi-stage stimulations in horizontal wells (Fisher et al., 2004). Successive stimulations 
of a multi-stage treatment often show a significant influence of the stress and pore pressure change 
due to the prior stages; e.g. subsequent fractures often occur preferentially in non-fractured regions 
(see Section 6.8) 

6.7.6 Influence of Geomechanical Properties 
The geomechanical properties, and in particular the measure of brittleness of the formation, 

are observed to have a first order effect on the potential productivity of shale-gas formations. The 
primary issue is that maintaining sufficient hydraulic conductivity in ductile shales has proved 
difficult, due to natural healing mechanisms in shales with high clay content. The brittleness is 
generally established either via laboratory experiments on core samples, or from dynamically 
observed data observed from well logs when core data is unavailable, on the basis two assumptions: 

1 Low Poisson’s ratio is beneficial to brittleness as it leads to increased contrasts in incremental 
changes in the principal stresses during stimulation relative to rock with high Poisson’s ratio. 

2 High Young’s modulus is beneficial for brittleness as the strain necessary to develop the fracture 
stress is lower. 

The brittleness measure is therefore generally defined empirically using some combination 
of Young’s modulus and Poisson’s ratio. For example, Rickman et al. (2008) define brittleness ( Brit ) 
using: 

1 100
8 1Young
EBrit − = × − 

  (6-2) 

0.4 100
0.15 0.4PoissBrit ν − = × − 

  (6-3) 

( ) / 2Young PoissBrit Brit Brit= +   (6-4) 

where E is defined in Mpsi units. 

Rickman et al. (2008) provide a petrophysical analysis of a vertical wellbore completion 
where the stimulation plan is defined using this brittleness measure, in conjunction with mineralogy, 
shale classification and the estimated fracture width (Figure 6.40, Table 6.11). 
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Figure 6.40 Mineralogy, shale classification, brittleness, closure stress, frac barrier, frac width, 
Poisson’s ratio for vertical completion with multiple lithologies (from Rickman et al., 2008) 

Zone Brittleness Thickness Frac 

A 15.3 400 Barrier 

B 56 82 Frac 

C 18 103 Barrier 

D 59 91 Frac 

E 18 85 Barrier 

F 22 40 Barrier 

G 45 350 Frac 

Table 6.11 Recommendations for stimulation design (based on Rickman et al., 2008)  

6.7.7 Fracture Conductivity (Proppant) 
During stimulation the interconnected fracture network has very high permeability, but the 

fractures will subsequently close unless supported by proppant or by shear offset (surface 
roughness). Shear offset is a natural part of the stimulation process and the microseismic activity 
observed in Barnett stimulations suggest that considerable large-scale movement occurs. How much 
permeability/conductivity can be generated by shear offset alone is not however well quantified 
(Warpinski et al., 2009). Consequently, proppant, often graded sand, is generally injected in 
suspension in the fracturing fluid. For waterfrac shale-gas completions the proppant concentrations 
are generally quite low and the settling of proppant particles is quite rapid due to the low viscosity 
of the water (which is generally “slickened” using a linear gel). Consequently, proppant transport will 
be predominantly via “bed-transport” (Kern. et al., 1959; Patankar et al., 2002); i.e. transport by 
continuous settling and erosion processes. The combination of low concentration and bed-transport 
waterfracing is likely to result in uneven propping of the fractures, and guideline on the likely impact 
of poor proppant placement have been developed (Britt et al., 2006). 

Warpinski et al. (2009) also question whether the conductivity of the secondary fractures 
that are oriented orthogonal to the primary hydraulic fracture azimuth is maintained mostly by 
shear offset during fracturing or by proppant. Fluid transport analysis (Warpinski et al., 2009) for 
field observations (Fisher et al., 2004) shows that during stimulation the combined influence of the 
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orthogonal fractures results in a network-permeability of the order of tens to hundreds of Darcies. 
Although many methods exist for estimating the permeability of rough natural fractures and the 
effect of variable closure stress as the reservoir depletes (Baghbanan and Jing, 2008; Barton et al., 
1985; Makurat and Gutierrez, 1996; Renshaw, 1995; Sullivan et al., 2006; Walsh, 1981), the amount 
of conductivity that is retained is unclear, primarily because of the unknown condition of the 
fracture walls. The impact of proppant size on prop efficiency for these fractures is also unknown, 
for example Warpinski (2009) suggests that small diameter (100-mesh) sand could potentially 
increase fracture intensity by bridging across some fractures forcing new fractures to propagate. 

Studies of the geochemical reactions between several man-made proppants with a variety of 
formations show that geochemical reactions can often account for 50-60% permeability reduction 
before stabilization, and in some cases up to 90% reduction in only a few days (Weaver and Rickman, 
2010; Weaver et al., 2010; Weaver et al., 2009). The principal mechanism for permeability reduction 
is porosity loss in the proppant pack due to dissolution and subsequent precipitation. The amount of 
damage is dependent on the composition of both the proppant and formation. They also comment 
that the degradation of the geomechanical properties due to diagenetic processes is also rapid as, 
upon injection, the proppant is immediately subjected to pressure and temperature conditions 
conducive to diagenetic change. Consequently significant diagenetic porosity loss can occur over 
production time-scales. 

6.7.8 Microseismic Monitoring 
Microseismic mapping of hydraulic fracture stimulations has become a common technique 

to map the fracture growth and geometry (Fisher et al., 2004; Fisher et al., 2002; Maxwell et al., 
2002; Maxwell et al., 2009; Warpinski et al., 2005; Warpinski, 2009; Warpinski et al., 2004). 
Microseismic images provide details of the fracture azimuth, height, length, and complexity resulting 
from interaction with pre-existing fractures. The resulting images can be used to calibrate numerical 
simulations of the fracture network growth, allowing more confident modeling of other stimulations 
in the field, and improved identification of the stimulated region that may ultimately be drained 
during production.  

Maxwell et al. (2009) adopt the seismic moment, a measure of the strength of a 
microseismic event, to quantify the seismic deformation during hydraulic fracture stimulation. They 
argue that the moment density is a crude measure of fracture density, which when incorporated 
into the calculation of the stimulated reservoir volume, results in an overall improvement in 
correlations with well production. Warpinski (2009) suggests that while there is insufficient data to 
determine if seismic moment derived data is diagnostic of shear intensity, its utility should be 
evaluated further. 

6.7.9 Modelling 
Mayerhofer et al. (2006) present an approach, where the fracture network measured with 

microseismic mapping is approximated with a numerical production simulator that discretely models 
the network structure in both vertical and horizontal wells. The work includes a production history 
match for a vertical Barnett shale well, where the microseismic mapping results were directly used 
to approximate a fracture network in the reservoir simulator, resulting in an estimate of effective 
fracture network length, average fracture conductivity and effective drainage area. In addition, a 
parametric study for horizontal wells is presented to show how; (i) fracture network size and 
density; (ii) fracture conductivity; (iii) matrix permeability; and (iv) gaps in the network affect well 
productivity. Simulations of the effect of; (i) fracture face damage along the network; (ii) non-Darcy 
flow in the network; and (iii) tapered fracture network conductivity that decreases away from the 
well, are also presented.  
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Warpinski (2009) suggests that modelling of fracture treatments in any of these reservoirs is 
complicated by the poor understanding of the processes that occur during the treatment and the 
lack of experimentally derived geomechanical and flow data. Proxy information, mainly from sonic 
logs, are routinely used to compute stress profiles based on usually inappropriate assumptions of 
rock mass behaviour; i.e. linearly elasticity (even though all rocks are fractured) together with 
vertical dynamic property measurements along a relatively competent wellbore represent the 
heterogeneous transverse isotropic response. For the shale-gas formations, the complexity of the 
hydraulic fracture process makes it very difficult to formulate phenomenological algorithms to 
describe the fundamental behaviour. Furthermore, the asymmetry observed in many mapping tests 
suggests that various combinations of rock, stress, and natural fracture features have a major 
influence on the development of the fracture network. Models therefore need to account for the 
primary hydraulic fracture that connects to the wellbore and the activation and opening of the 
network of fractures that are connected to it.  

6.8 Field Observations 

6.8.1 Overview 
1 A large hydraulic-fracture diagnostic project in Barnett shale was undertaken that integrated 

fracture-diagnostic technologies, including tiltmeter (surface and downhole) and microseismic 
mapping (Fisher et al., 2004; Fisher et al., 2002). 

2 The extensive data gathered demonstrates the highly complex fracture behavior in the Barnett 
shale during hydraulic stimulation.  

3 The hydraulic fracture was performed using waterfracs ("light-sand," fracturing) with a low-
volume of proppant relative to traditional treatments, which result in connecting very large 
surface areas of the formation with an extensive fracture network. 

4 Studies were performed using both vertical completions (Fisher et al., 2002) and horizontal 
cemented and uncemented completions (Fisher et al., 2004). 

 

 

Figure 6.41 Schematic of stimulated regions for vertical and horizontal wells (from Fisher et al., 
2004) 

 

Injection Locations 

Well 

Well Shmin 

SHmax Injection 
Location 
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6.8.2 Fracture-Mapping 
The evolution of the fracture network during hydraulic stimulation was mapped by using a 

combination of  

1 Surface Tiltmeters, which can measure changes in tilt as small as one part per billion. Surface 
deformation, measured by an array of 30 tiltmeters, determines (Figure 6.42a): 

(a) The azimuth and dip of a hydraulic fracture. 
(b) The percentage of treatment volume placed in each plane or orientation when fracture 

growth is non-planar. 

2 Downhole Tiltmeters, placed in offset wellbores to the treatment wells, facilitate 
determination of the hydraulic-fracture dimensions. Downhole tiltmeter arrays were used to 
determine: 

(a) The top and bottom of the fractured region and the total length of each wing, via tiltmeter 
arrays in wells located at the end of each wing of the fracture fairway. 

(b) Fracture length via the downhole tiltmeter arrays in wells ahead of the expected direction of 
the fracture propagation.  

3 Microseismic Monitoring, to measure the location of microearthquakes (microseisms) induced 
during hydraulic stimulation. A vertical array of 5 - 12 sensitive geophones are placed in an 
offset well (Figure 6.42a). The array allows a map of the event locations to be created which 
provides indications of the fracture azimuth and dimensions.  

 

  

(a) Deformation pattern and tiltmeter location (b) microseismic event and receivers 

Figure 6.42 Fracture mapping methodology uing tiltmeters and microseismic network (from 
Fisher et al., 2002) 

 

Small sequential increments (in this case, 40 events) of microseismic data were fitted into a 
linear-regression model to determine the length and orientation of the many fracture segments in 
the order that they are created. Using this approach Fisher et al. (2002) match the primary and 
secondary fracture azimuths measured by surface tiltmeters, as well estimating the total fracture-
segment length of all mapped fractures (more than 25,000 ft in many treatments).  
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6.8.3 Vertical Completions 
Figure 6.43 shows a plan view of the microseismic events and the interpreted fracture 

pattern for a single waterfracs stimulation treatment for a vertical well. The principal points are: 

1 The stimulated fracture network is complex with many cross-cutting linear features with a 
fracture fairway as wide as 1,000 ft laterally.  

2 The fracture pattern is quite complex and dominated by NE fractures which are normal to Shmin 
and NW fractures which are roughly aligned with the sealed natural fractures. 

3 A number of nearby wells were either killed or affected because of fracture-to-wellbore or 
fracture-to-fracture intersections during this treatment, providing physical evidence of the 
geometry of these fracture networks.  

4 Fluid transport analysis for the stimulation shows that during stimulation the lateral 
permeability of the network must be of the order of tens to hundreds of Darcies to enable the 
injection fluid to reach the neighbouring wells (Warpinski et al., 2005).  

5 These high permeabilities are only realistic if the reactivated natural fractures are dilating, that 
is, behaving like hydraulic fractures during the treatment. This is supported by;  

(a) tilt meter data which shows a 60%-40% split in volume between the major fracture 
orientation (NE) and the conjugate orientation (NW). 

(b) The shape of the surface deformation which approaches a bowl shape that reflects the dual 
fracture orientations. 

 

 

Figure 6.43 Plan view of interpreted fracture network (from Fisher et al., 2002) Grey dotes 
represents microseisms, orange dot represents microseismic monitoring well, black dot represents 
treatment well 

Shmin SHmax 
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6 Figure 6.44 shows that (NW) fractures, associated with opening of natural fractures develop 
early in the treatment, but further growth becomes more north-easterly (NE), aligned with the 
in-situ stress field.  

 

Figure 6.44 Interpreted natural fracture network from aligned microseismic events (from 
Warpinski et al., 2005) 

 

Visualization of a cross-section through the fracture plan in the NW direction (normal to the 
induced fracture direction Figure 6.45) shows that: 

1 The fracture treatment is targeted at the lower Barnet Shale and is mostly confined within the 
lower Barnett.  

2 The fracture fairway half-length is very long, approximately 2,500 ft. 

3 Note that the fracture fairway is obtained using a combination of tiltmeter and microseismic 
data with: 

(a) The smaller internal ovals showing fracture geometry measured by downhole tiltmeters 

(b) The individual points are microseismic events.  

(c) The larger translucent-shaded ellipses are the integrated fracture geometry. 
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Figure 6.45 Cross-section perpendicular to fracture showing fracture fairway (from Fisher et al., 
2002) 

The interaction of completions for multiple wells was also monitored (Figure 6.46). The 
observations show that: 

1 Several zones with limited microseismic events are observed in the combined microseismic map 
from seven closely spaced wells (shown by the ellipses in Figure 6.46).  

2 These holes may correspond to regions with limited induced fracture network. 

3 They are therefore potential targets for re-fracturing treatments or even new drilling locations. 

6.8.4 Horizontal Completions 

6.8.4.1 Uncemented Horizontal Completions  

1 Horizontal wells are generally 1000-4000 ft long and cased for borehole stability and future well 
intervention. 

2 Stimulation techniques such as limited entry diversion treatments are used to initiate fractures 
multiple locations along the wellbore.  

3 A typical single-stage cemented horizontal fracture treatment ranges from 1.8 to 4.2 million 
gallons transporting 500,000 to 1,000,000 lbw of 20/40 and 40/70 Ottawa sand.  

4 Therefore, perforation clusters are typically separated by 500 ft between intervals to obtain 
complete coverage with the fracture treatments (based on the minimum fracture width 
observed in vertical wells).  

5 This design for 5-1/2 in casing typically equates to 50 or 60, 0.45 inch diameter perforations 
spaced in four to five clusters along the horizontal section.  

6 When the horizontal section becomes longer, multiple stages are required for effective 
coverage.  

Viola Limestone 

Lower Barnet Shale 

Upper Barnet Shale 
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7 Multiple stages are designed identical to the single stage treatments with the wellbore 
generally separated into equal sections; with composite frac plugs to isolate the previously 
stimulated section of the wellbore. 

8 As the casing is not cemented, fluid is free to flow between the liner and the formation and may 
initiate fractures at weaknesses in the formation some distance from the perforations. 

 

 

Figure 6.46 Map view of microseismic events associated with stimulation of seven wells (from 
Fisher et al., 2002) 

6.8.4.2 Cemented Horizontal Completions 

1 Cemented completions allow for effective zonal isolation and improved targeting of the fracture 
process at specific locations.  

2 While this is potentially advantageous, the disadvantage is that the initiation of fractures at 
weaker locations away from the fluid entry points, as observed for uncemented liner 
completion, is prevented.  

3 Experience has shown that stimulation of cemented completions often leads to difficulties 
requiring additional intervention, so that cemented completions are not justified in terms of 
cost-benefit. 

6.8.4.3 Example 

Figure 6.47a shows an example of a typical uncemented horizontal Barnett stimulation 
treatment with 4,200,000 gal slickwater and 853,000 lbs Ottawa sand pumped at 130 bbl/min 
through five sets of perforations. The principal observations are: 

1 The fracture fairway half-length at each fairway location is about 1000 ft shorter than a typical 
vertical well fairway for this formation.  

Shmin SHmax 
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2 The four fairway width average about 500 ft each, narrower than an average fairway on a 
typical vertical well, but the cumulative fairway width is about 2.000 ft, nearly the same as the 
length of the 2400 ft lateral.  

3 The fractures do not always initiate adjacent to the perforations, as fracture fluid may travel 
along the wellbore until a weakness in the rock is encountered, at which point the fracture 
grows transversely away from the wellbore. This can lead to "gaps" in the fracture network, 
reducing the total potential fracture surface area, which may result in lower well productivity.  

  

 (a) Plan view of an uncemented treatment (b) Side view of an uncemented treatment 
 with interpreted fracture map 

Figure 6.47 Microseismic event locations for an uncemented hydraulic fracture treatment in 
Barnett Shale (from Fisher et al., 2004) 

Figure 6.47b shows a side view of a two-stage Barnett fracture treatment in an uncemented 
wellbore where: 

1 The second stage treatment is diverted sufficiently toward the heel and away from the first 
stage to achieve coverage of the entire length of the lateral. 

2 The fracture height is clearly confined to the Lower Barnett, with no measurable growth 
downward into the Viola or upward to the Upper Barnett. Of the 11 wells mapped in the study, 
6 wells exhibited fracture growth only in the Lower Barnett and 5 wells had measurable fracture 
height growth into the Upper Barnett.  

Successive stimulations of a multi-stage treatment often show a significant influence of the 
stress and pore pressure change due to the prior stages; e.g. subsequent fractures often occur 
preferentially in non-fractured regions. In some cases this can be detrimental as hydraulic fracturing 
can change the stress field sufficiently that poorly or non-fractured regions are subjected to “stress 
shadow” effects, where further hydraulic fracturing is impeded.  
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Figure 6.48 Example of the impact of reservoir charging (from Fisher et al., 2004) 

6.8.5 Influence of Methodology on Production Rate 
A combination of stimulation data, microseismic monitoring, fracture analysis and well 

production data from 23 wells was used to investigate the influence of completion methodology on 
production rate. The main findings are: 

1 The correlation between lateral length and production rate are weak. 

2 Treatment fluid volume does not correlate with production rate. 

3 The horizontal wells perform significantly better than the vertical wells. 

4 A significant number of uncemented horizontal wells perform better than cemented horizontal 
wells. 

5 Production rate correlates with the estimated total fracture network length. 
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Figure 6.49 Cumulative frequency plot for average production rate 

 

Figure 6.50 Average production rate vs. fracture network length 

6.8.6 Conclusions 
1 Fractures in the Barnett Shale grow in a complex network, with hydraulic fractures clearly 

interacted with natural fracture systems (even though the natural fractures are mostly sealed).  

2 The total fracture network length (fracture surface area) controls gas recovery and drainage 
patterns. 

3 Fracture location may not coincide with perforation clusters for uncemented horizontal 
completions. 

4 Within a fracture treatment stage, 1 or 2 perforation clusters is preferred, as further clusters 
may result in non-fractured regions due to stress shadowing effects.  

5 On horizontal wells, larger fracture fluid volumes do not necessarily increase network length 
and well productivity.  
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6 Fractures were largely contained within the Lower and Upper Barnett intervals due to 
neighbour lithologies being unfavourable for hydraulic fracture. 

7 Horizontal well production was about 2-3 times higher than vertical wells for the first 180 days.  

8 Cemented completions are more problematic than uncemented completions. Uncemented 
completions appear to have a statistical production advantage over cemented completions in 
the pilot area.  

6.9 Comparison of Principal Characteristics with Boom Clay, 
Opalinus Clay and Callovo-Oxfordian Shales 

6.9.1 Mineralogy 
The mineralogies of Boom Clay, Opalinus Clay and Callovo-Oxfordian argillaceous rocks are 
summarised in terms of a ternary diagram (Figure 6.51) and a table with clay content, porosity and 
vein occurrence (Table 6.12). The typical mineral composition of Opalinus Clay is provided in Table 
6.13. 

 

Figure 6.51 Ternary diagram showing Boom Clay, Opalinus Clay and Callovo-Oxfordian 
argillaceous rocks (from Bock et al., 2010, Section A.6) 
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Formation Lithology 
Clay content, 

mean and 
range [wt.%)] 

Mean water- 
accessible 

porosity [%] 
Occurrence of veins 

Boom Clay 
Shale-sandy 

shale 
60 (30-70) 37 Not observed. 

Callovo-
Oxfordian 

Shale - marl 50 (45-55) 19 (15-20) 

Very rare and 
volumetrically negligible 
amounts of calcite and 

celestite. 

Opalinus Clay Shale 
60 

(23 - 93) 
11 (Benken) 16 

(Mont Terri) 

Filled veins are infrequent 
and consist of calcite with 
some celestite, pyrite and 

sphalerite.  

Table 6.12 Lithology, clay content, porosity and vein occurrence (based on Boisson, 2005; Bock 
et al., 2010, Section A.6 and Lerouge et al., 2011) 

Clay Mineral  
Mt. Terri 

[wt.%] 
Benken 
[wt.%] 

 Non-Clay Mineral  Mt. Terri  
[wt.%] 

Benken 
[wt.%]  

Kaolinite 22 17  Quartz 13.7 20 
Illite 23 18  Calcite 13 16 
Illite-smectite 
(mixed layer) 

11 14  Feldspars 2 3 

Chlorite 10 5  Siderite 3 4 
    Dolomite/ankerite 0.5 1 
    Pyrite 1.1 1.1 
    Organic carbon 0.8 0.6 
Total clay 66 54  Total non-clay 34 46 

Table 6.13 Typical mineral composition of Opalinus Clay from the Mont Terri and Benken areas 
(based on Boisson et al., 2005) 

The Ternary diagram for the Boom Clay, Opalinus Clay and Callovo-Oxfordian Formations is 
overlain on the ternary diagram for shale gas formations (Rickman et al., 2008) in Figure 6.52, 
together with a line corresponding to 40% clay content. This shows that: 

1 From a mineralogical perspective, the Boom Clay and Opalinus Clay fall into the zone where 
experience in Shale-Gas stimulation suggests that it would be difficult to maintain open 
fractures even in the short-term. 

2 The Callovo-Oxfordian formation straddles the 40% clay content line, which would indicate that 
there is potential for open fractures in the short-term providing the stress conditions dictate 
brittle failure. 
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Figure 6.52 Combined Ternary Diagram for Boom Clay, Opalinus Clay and Callovo-Oxfordian 
Formations with Shale-Gas Formations (based on Rickman et al., 2008). Note the axis change relative 
to Figure 6.51 

6.9.2 Burial History 
The burial history for Boom and Opalinus Clay is summarized as (Bock et al., 2010; Mazurek 

et al., 2008): 

Formation Max. Burial 
depth Uplift/Erosion Current-day 

Burial Depth 
Boom Clay 185-285m 40m 185-285m 

Opalinus Clay (Mt. Terri) 1350m 1000m 195-355m 
Opalinus Clay (Benken) 1650m 1000m 540-652m 

Table 6.14 Approximate burial depth, erosion and current-day burial depth for Boom Clay and 
Opalinus Clay  

Notes: 
1 The Boom Clay formation was subjected to a minor uplift (ca. 40m) at the end of the Oligocene, 

which is thought to have had a strong influence on the current-day distribution of natural 
fractures (Dehandschutter, 2004).  

2 The Opalinus Clay of Mt. Terri (Western Switzerland) reached a maximum burial depth of 
approximately 1350m during the Cretaceous. The Opalinus Clay in Benken (Northeastern 
Switzerland) had a burial depth of ca. 1000m during the Cretaceous, and reached a maximum 
depth of ~ 1700m in the Miocene stage of the Alpine orogeny, with subsequent erosion during 
the last 10Ma reducing the burial depth to the current-day value of approximately 600m 
(Mazurek et al., 2006).  
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The burial depth of both formations is therefore significantly less than the typical values 
observed in the productive regions of the four shale gas formations considered in this review (Table 
6.15). 

Formation Max. Burial 
depth (m) 

Uplift/Erosion 
(m) 

Current-day 
Burial Depth 

(m) 
Barnett 3000 2000 1000 

Woodford (Arkoma) 1710-5710 1500-4500 210-4210 
Woodford (Anadarko) 4080-8970 1500-4500 2580-4470 

Marcellus 4270 2000-3000 1830 
Haynesville  low 3950-5010 

Table 6.15 Approximate burial depth, erosion and current-day burial depth for four shale gas 
formations (see section 6.3 for details)  

Notes: 
1 The burial data for the shale gas formations can only be considered representative as the 

formations occur over wide regions which are subjected to non-uniform burial conditions, in 
some cases resulting in large variations in burial depth and/or uplift due to erosion. 

6.9.3 Porosity 
The porosity of Boom Clay and Opalinus Clay are compared with the porosity for the four 

shale gas formations considered in this study in Table 6.16.  

Formation Porosity 
Boom Clay 0.35 

Opalinus Clay (Mt. Terri) 0.16 
Opalinus Clay (Benken) 0.11 

Barnett 0.06 average 
Marcellus 0.06 average 
Woodford 0.06-0.09 

Haynesville 0.08-0.12 

Table 6.16 Comparison of porosity of Boom and Opalinus Clay with the typical porosity for four 
shale gas formations  

Notes 
1 The values for Boom Clay are taken from Table A.3-4 in Bock et al. (2010). Values for the 

Opalinus Clay are from Boisson (2005).  
2 See Section 6.4.6 for further discussion of shale gas formation porosity.  

6.9.4 Geomechanical Properties 
Static and dynamic elastic properties for Boom Clay, Opalinus Clay and Callovo-Oxfordian 

argillaceous rocks are defined in Table 6.17 and the tensile strengths are provided in Table 6.18. 
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Parameter Boom Clay 
Opalinus Clay (Mt. 

Terri) 
Opalinus Clay 

(Benken) 
Callovo-Oxfordian 

Static Young’s 
modulus (GPa) 

3 7-12 5-11 5-11 

Static Poisson’s 
ratio (GPa) 

0.43 0.16-0.32 0.27 0.19-0.25 

Dynamic Young’s 
modulus 

 14 16-22 9-12 

Dynamic 
Poisson’s ratio 

 0.25 0.27  

Table 6.17 Static and dynamic undrained elastic properties for Boom Clay, Opalinus Clay and 
Callovo-Oxfordian argillaceous rocks (based on Bock et al., 2010; Boisson, 2005).  

Parameter 
Tensile Strength (MPa) 

Parallel Perpendicular 
Boom Clay 0.3? 0.3? 
Opalinus Clay (Mont Terri) 0.6 1.2 
Opalinus Clay (Benken) 1.2 2.7 
Callovo-Oxfordian 1.4 (0.8 to 2) 3 (2.1 to 3.9) 

Table 6.18 Tensile strength for Boom Clay, Opalinus Clay and Callovo-Oxfordian argillaceous 
rocks (based on Nagra, 2002, Bock et al., 2010; Boisson, 2005) 

The Young’s moduli of the Boom Clay and Opalinus Clay fall within the range of non-
productive shale-gas shales, while the Young’s Modulus for Callovo-Oxfordian rocks straddles the 
transition from non-productive to productive shales. Empirical data from shale-gas completions 
therefore suggests that if fractured and not propped, neither the Boom Clay nor Opalinus Clay would 
be likely to sustain significant hydraulic conductivity over timescales associated with reservoir 
production unless the stress state in the clay and fluid pressure within the fractures are favourable 
for fracture opening.  

An attempt has also been made to apply the crude brittleness index employed in shale-gas 
formation assessment (Section 6.7.6) to the various formations described in this report. Table 6.19 
presents the results based on dynamic elastic properties. The North Sea shale caprocks and the 
Opalinus Clay Benken and Opalinus Clay Mont Terri all have Brit values of less than 50% whereas the 
shale gas plays are higher. As with the position of samples on plots of Poisson’s ratio vs. Young’s 
modulus, an issue with this comparison is that the Opalinus Clay and North Sea caprocks were brine 
saturated during the measurements whereas the gas shale samples were dry or gas partially 
saturated. Overall, this is likely to decrease the contrast in apparent brittleness between the shale 
gas resource plays and the other argillaceous rocks (Opalinus Clay and North Sea caprocks). On the 
other hand, the Opalinus Clay is more shallowly buried than the North Sea caprocks and the shale 
gas samples. The lower effective stress experienced by the Opalinus Clay will mean that it is more 
likely to act in a brittle manner for comparable elastic properties.  

Table 6.20 presents similar calculations based on the static elastic properties. `The Boom Clay 
clearly has the lowest average value of -10%, followed by the Opalinus Clay Benken (27%), Opalinus 
Clay Mont Terri (35%) and the Callovo-Oxfordian (41%). The shale gas plays range from a minimum 
of 57% for the Barnett to 131% for the Woodford Clearly, the Boom Clay and Opalinus Clay appear 
far less brittle than the shale gas reservoirs discussed in this review. As with indices such as the 
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position of samples on plots of Poisson’s ratio vs. Young’s modulus plots, account needs to be taken 
of the fact that effective stress is also a key factor in controlling brittleness and this is not taken into 
account in the brittleness indices proposed by Rickmann et al. (2008).  

Geological formation BritYoung BritPois Britcomb 

Jurassic Top Seal : North Sea 18-28 (44) 20-31 (41) 21-40 (29) 

Barnett 46-94 (70) 56-80 (68) 63-75 (69) 

Woodford 127-342 
(234) 

60-120 (90) 93-231 (162) 

Marcellus 35-39 (37) 56-84 (70) 45-62 (54) 

Haynesville 2-107 (54) 36-64 (50) 
 

19-86 (52) 

Opalinus Clay Mt. Terri 15 60 32 

Opalinus Clay Benken 19-31 (25) 52 35-42 (39) 

Table 6.19 Comparison of the various brittleness indices calculated from dynamic elastic 
properties for some Jurassic shale caprocks from the North Sea, shale gas plays and the Opalinus 
Clay; the range of each measure is shown and the average given in brackets  

 

Geological formation BritYoung BritPois Britcomb 

Jurassic Top Seal : North Sea -11-11 (0) 11-108 (86) 26-57 (43) 

Barnett 32-44 (38) 60-90 (75) 46-67 (56) 

Woodford 91-253 (172) 60-120 (90) 76-186 (131) 

Marcellus 18-116 (67) 50-88 (69) 34-102 (68) 

Haynesville 3-71 (37) 86-112 (99) 44-92 (68) 

Boom -8 -12 -10 

Opalinus Clay Mt. Terri 0-11 (5) 32-96 (64) 16-53 (35) 

Opalinus Clay Benken -4-9 (2) 52 24-30 (27) 

Callovo-Oxfordian -4-69 (32) 48-52 (50) 22-60 (41) 

Table 6.20 Comparison of the various brittleness indices calculated based on the static elastic 
properties for some Jurassic North Sea caprocks, shale gas plays and potential clay host rocks for 
radioactive waste disposal; the range of each measure is shown and the average given in brackets.  
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Notes: 

1 Holt et al. (2011) review the applicability of eight brittleness measures to North Sea shales by 
performing experimental tests on core samples. They show, in-line with the generally held 
consensus from previous research, that for these shales brittleness, defined in terms of the 
amount of inelastic strain prior to failure, is dependent on (at least); (a) confining stress, (b) pore 
pressure evolution (dependent on the rate of loading and permeability), (c) the direction of 
material orthotropy relative to the principal stress field, and (d) the mineral content of the pore 
fluids (the impact of mineralogy and diagenetic evolution are not explicitly considered in their 
study). They include the Brit brittleness index employed in the shale-gas industry in their study 
(denoted as index B8 in their study) (Section 6.7.6). Based on their generic findings of the 
dependence of brittle response on stress, pore pressure, orthotropy and pore fluid, a measure 
dependent solely on wave velocities can only be considered as a first-order brittleness indicator 
(but necessitated by the limited data available from borehole logs). For example, Holt et al. 
(2011) compute the Brit brittleness index using data from a hydrostatic compression experiment 
on a core sample of North Sea shale. They show that, as expected, the measured wave speeds 
increase with increasing confining stress, so that the B8 index incorrectly predicts increased 
brittleness with increasing confinement (Figure 6.53), rather than the experimentally observed 
decrease in brittleness with increasing confinement.  

 

Figure 6.53 Brittleness index B8 vs. effective confining stress based on ultrasonic measurements 
during hydrostatic loading of a North Sea Upper Jurassic shale (Depth 2630m, Porosity=10%, Clay 
Content=75%) (from Holt et al., 2011) 

6.9.5 Permeability and Flow Properties 
Due to the brittleness of most shale-gas formations, together with the high energy rates, 

hydraulic fracture simulation induces a complex fracture network which is likely to exhibit a 
combination of significant roughness and small offsets of fracture faces. During stimulation the 
network hydraulic conductivity can be very high, and experimental observations suggest that 
significant residual hydraulic conductivity can be expected. The general consensus however is, that 
even over production time-scales, these relatively brittle formations require proppant to maintain 
the sufficient hydraulic conductivity of the fracture network for economically viable gas production. 
Unfortunately, we know of no data to provide us with an indication as to whether unpropped 
fractures simply close sufficiently that they no longer provide economic flow rates or whether they 
totally self seal. 
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6.9.6 Natural fractures 
Natural fractures have been observed in shale-gas formations due to both hydraulically 

driven natural fracturing at depth and near-surface stress driven fracturing due to erosion and uplift. 
The deeper hydraulically driven fractures are mostly sealed with weakly bonded cement. 
Experimental testing on samples containing sealed fractures has shown that when subjected to 
tension it fails preferentially at the fractures, and the tensile strength of the fractured samples is 
significantly lower than the strength of intact samples. Microseismic field observations indicate that 
the natural fractures are readily re-activated during hydraulic fracture stimulation treatments 
leading to complex fracture networks. 

Due to the pervasive sealing of the fractures, these fractures do not provide good analogues 
to the likely behaviour of induced or the natural fractures in Boom Clay Opalinus Clay and Callovo-
Oxfordian argillaceous rocks. 

6.9.7 Self-Sealing Properties in Shale-Gas Formations 
The studies presented in the report (NEA No. 6184) identified seven self-sealing mechanisms that 
could be active in the potential sites for radioactive waste disposal comprising 

M1 - Matrix Seal by compaction 

M2 - Mechanical seal of fracture due to increased normal stress 

M3 - Shear enhanced fracture closure 

M4 - Creep of rock adjacent to fracture 

M5 - Swelling of the rock adjacent to the fracture 

M6 - Slaking 

M7 - Mineral precipitation 

For the formations being considered for radioactive waste disposal, swelling was identified 
as potentially the largest contribution to fracture closure with additional significant contributions 
from deformation due to normal stresses, shear and creep. Fracture closure in hydraulically 
fractured shale-gas formations differs both in terms of the rheology and stresses conditions. 
Experimental and field observations suggest that several of the above mechanisms may contribute 
to fracture closure including:  

M2 Mechanical seal due to increased normal stress: Removal of the stimulation pressure results in 
a large, instantaneous in terms of the production time-scale, increase in the compressive stress 
normal to the fracture surfaces. This compressive stress then further increases during 
production due to the depletion of the gas pressure. Experimental tests on propped fractures 
shows that as the normal stress increases then the high stress concentrations on proppant 
particles can result in damage and embedment of the particles into the fracture walls. 

M4 Creep: Although the formations are cemented and relatively brittle, due to the typically deep 
burial depths the stresses normal to the fractures are relatively large, and provide a driving 
force for micromechanical creep at the fracture interfaces. As stated in the report (NEA No. 
6184), experimental and field-observation data to enable identification of the magnitude of the 
contribution of creep, and therefore calibrate numerical models, is currently sparse.  
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M5 Swelling: Although the percentage of clay particles is low for most shale-gas formations, 
penetration of the low viscosity slick-water fluid into the formation during, and subsequent to, 
stimulation may result in small amounts of swelling in some formations, or at least an apparent 
strength reduction that may facilitate closure due to either mechanical or creep processes.  

M7 Mineral precipitation/dissolution: Geochemical reactions between proppants and the 
formation, resulting in porosity loss of the proppant pack due to dissolution and subsequent 
precipitation, have been shown to have a potentially large impact on fracture conductivity. This 
process may be significant over production time-frames due to the high pressure and 
temperature conditions within the reservoir 

6.9.8 General Comments 
This section has attempted to make a comparison of the principal observations from the 

shale gas industry that are of direct relevance to radioactive waste disposal, and to compare the 
properties of the shale gas formations with those of Boom and Opalinus Clays. In terms of properties 
the principal findings are;  

1 There are marked difference in the mineralogy between the majority of the shale gas formations 
and the Boom and Opalinus Clay (see Figure 6.52) 

2 The elastic properties of productive shale gas formations are generally stiffer than the Boom and 
Opalinus Clay. 

The strength characteristics of the shale gas formations have not been directly compared to 
the Boom and Opalinus Clay as the published data for shale gas formations is very limited. Much of 
the data that is published is also either interpreted, as opposed to raw test data, or some cases 
obtained from near surface formation, as opposed to the deeper more productive regions of the 
formation.  

All four shale gas formations were subjected to significantly greater burial depth than the 
Opalinus and Boom clay, and three of the formations have been subjected to large amounts of stress 
relief due to erosion. Of these three shales, detailed published data on natural fractures is only 
available for the Barnett shale. In this case, the deeper hydraulically driven fractures are mostly 
sealed with weakly bonded cement. Experimental testing shows that the fractures are weaker than 
the unfractured rock and microseismic field observations indicate that they may be re-activated 
during hydraulic fracture stimulation 

The difference in mineralogy and burial and therefore thermal history, however, opens the 
question about the validity of comparing the fracture opening and closure behaviour for the shale 
gas formations with the Boom Clay and Opalinus Clay. On the other hand, the relatively high 
stiffness and burial history suggests that the shale gas formations would be expected to be more 
brittle than the Boom Clay and Opalinus Clay under mode I loading conditions and have a higher 
resistance to closure due to increasing normal stress (M2 mechanism) (i.e. fracture would be 
expected to occur at lower strain and closure would be resisted by the higher strength resulting 
from diagenesis).  

A reasonably high proportion of published information on fracture opening/closure status in 
shale gas formations has been derived from field observation prior to, during, and subsequent to, 
hydraulic stimulation, rather than from direct measurement in the laboratory. Consequently this 
data is less precise than the data obtained from rigorous experimental tests on core samples and the 
detailed in-situ experiments performed with regard to radioactive waste disposal. Furthermore, in 
the vast majority of cases the fractured network is propped during stimulation to minimise 
subsequent closure. Consequently, information on resealing of non-propped fractures over the 
production lifetime is very limited. Conversely, the industry-wide adoption of proppant, provides an 
important indicator that high energy fracture of these relatively brittle formations is not thought to 
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provide an unpropped network that will produce gas at commercially viable rates. Important 
caveats, however, are that (a) the universal usage of proppant does not preclude that an unpropped 
stimulated fracture network would not leak gas at low rates over long timeframes before resealing, 
and (b) during production the effective stress normal to the fracture is likely to be significantly 
higher than will occur in the radioactive waste disposal case.  

When comparing the two cases it is also important to recognise the impact of the difference 
in fracture propagation rates in hydraulic stimulation and natural hydraulic fracture, as this will 
influence several aspects of the nature of the fractures (including resealing). For example, high 
energy stimulation is generally adopted to promote the formation of a high density fracture network 
(see Section 6.7.5), whereas natural fracturing may progress over a much slower timescale, 
potentially in an episodic manner, leading to a preferential propagation of a few existing fractures. 
This leads to very different fracture network geometries and also different fracture properties; e.g. 
open fracturing due to offset is more likely in the high energy fracture case. Consequently, even for 
an unpropped stimulation, the hydraulic conductivity of the fracture network is likely to far exceed 
that of a natural hydraulic fracture network.  
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7 Discussion: Self-sealing of faults and fractures in shale-rich 
sequences 
The basic aim of this report has been to gather evidence generated by the petroleum industry 

regarding the ability of faults and fractures within shale-rich sequences to self seal. The following 
four topics have received most attention: 

• Fault sealing in petroleum reservoirs
• Top seal capacity of shale-rich sequences
• Overpressure development in shale-rich sequences
• Gas production from shale reservoirs

A key reason for studying these aspects is that they provide evidence as to how faults and fractures 
have affected fluid flow over longer periods of time than can be conventionally assessed through 
laboratory experiments. In that sense, the reviews of fault sealing, top seal and overpressure 
development provides evidence for how faults and fractures in shale-rich sequences self seal over 
geological time (i.e. >1 Ma). On the other hand, the review of the impacts of faults and fractures on 
production from conventional and shale gas reservoirs provides information on how faults and 
fractures may self seal over shorter timescales (i.e. 1-30 years). Wherever possible we have 
attempted to critically appraise data that are commonly used by those working in the petroleum 
industry to make inferences about subsurface flow. An important point to emerge from this exercise 
is that unique interpretations often cannot be made on the basis of data collected from the 
subsurface. Nevertheless, the review has highlighted many points that should be relevant for those 
assessing the long-term risks associated with disposal of radioactive waste in argillaceous rocks. In 
the following section, we compare and contrast the properties of clay-rich seals within petroleum 
reservoirs and shale gas reservoirs with those of potential radioactive disposal sites. Key aspects of 
this review that are relevant to radioactive waste disposal in shale-rich sequences are then 
highlighted and discussed (Section 7.2).  

7.1 Comparison of properties/geological history of clay-rich seals, 
shale gas reservoirs and potential radioactive waste disposal 
sites 
A key aim of this report has been to gather evidence regarding the impact of clay-rich/fine-

grained sediments have on fluid flow in petroleum-bearing sequences to provide insights into the 
likely self-sealing of faults and fractures around potential radioactive disposal sites in clay-rich 
sequences. To aid transferability of the results we here provide a comparison of the history and 
properties of examples discussed previously. It should be emphasized that although the petroleum 
industry collects a large amount of data, much is not made public, and so we have been forced to 
combine mechanical property data from variety of sources (e.g. static and dynamic, drained and 
undrained, brine saturated vs. partially saturated vs. dry). In many cases, detailed information is not 
provided in papers/reports identifying how the data was collected. In addition, is it likely that core 
damage may reduce the accuracy of many mechanical property analyses. Ultimately, this means that 
in many cases uncertainties exist regarding data quality (See Section 2.6) and this will affect the 
validity of any comparisons made between the various datasets.  

As this review is particularly concerned with the self-sealing of fault and fractures we have 
concentrated this discussion on brittleness and factors that control brittleness (rock strength, 
effective stress history, temperature history, mineralogy etc.). Unfortunately, all of the measures of 
brittleness used by the petroleum industry have drawbacks, which limit their use. Those involved 
with top seal analysis often use overconsolidation ratio (OCR) as a measure of brittleness. This 
concept was taken from soil mechanics and, although providing a potentially useful rule-of-thumb, it 
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is questionable whether it has relevance to highly cemented sediments. Nevertheless, we have 
compiled an estimate of OCR for various formations discussed in this report (Table 7.1) based on the 
formula of Nygård et al. (2006) described in Section 4.3.2. Based on OCR, the Opalinus Clay in 
Benken (OCR~1.5-2.5) would be thought of as being border line regarding its susceptibility to 
deforming to create fault and fracture-related conduits. On the other hand, the Opalinus Clay Mont 
Terri would be viewed as high risk of leakage as its OCR is 2.5-3.5. However, there is also evidence 
that top seals that have not been embrittled by deep burial can remain good seals despite deforming 
when severely overconsolidated (e.g. Kinsale Head Gas Field discussed in Section 4.4.1.2). 

Geological formation Current burial 
depth (m) 

Maximum 
burial depth 

(m) 

OCR 

Top seal to Jurassic 
reservoirs in North Sea 
and Haltenbanken  

1500-5500 1500-5500 1 

Top seal to Jurassic in 
Barents Sea 

1100-2200 2200-5000 1.3-1.8 

Barnett shale 1000-2500 3000-5700 2-2.7 

Marcellus shale 1300-3000 4300-6700 2-2.9 

Woodford shale 500-4500 3500-8500 1.7-5.7 

Haynesville shale 3000-4000 5000-6000 1.4-1.6 

Boom Clay 185-250 185-250 1 

Opalinus Clay Mont 
Terri 

240 1350 2.5-3.5 

Opalinus Clay Benken 600 1650 1.5-2.5 

Callovo-Oxfordian 490 850 1.6 

Table 7.1 Burial depths and OCR for various formations discussed in this report 

The shale gas industry tends to use Poisson’s ratio and Young’s modulus as an indication of 
brittleness. For example, Grieser and Bray (2007) use the position of rocks on a cross plot of dynamic 
Poisson’s ratio against Young’s modulus to distinguish brittle from ductile shale gas reservoirs. 
Overall, samples with a low Young’s modulus and high Poisson’s ratio are deemed to be ductile. 
Published sources of elastic property data were measured under a variety of conditions so several 
comparisons have been made. Figure 7.1 plots dynamic Poisson’s ratio against Young’s modulus for 
data generated during this report and includes the boundary suggested by Grieser and Bray (2007) 
as separating ductile from brittle rocks. Most shale gas plays plot firmly in the brittle field and shale-
rich caprocks plot clearly in the ductile field. The Opalinus Clay Mont Terri and Opalinus Clay Benken 
plot in the ductile field but closer to the brittle boundary than the shale caprock samples. An issue 
with this comparison is that the Opalinus Clay and North Sea caprocks were brine saturated during 
the measurements whereas the gas shale samples were dry or gas partially saturated. Overall, this is 
likely to decrease the contrast in apparent brittleness between the shale gas resource plays and the 
other argillaceous rocks (Opalinus Clay and North Sea caprocks). On the other hand, the Opalinus 
Clay is more shallowly buried than the North Sea caprocks and the shale gas samples. The lower 
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effective stress experienced by the Opalinus Clay will mean that it is more likely to act in a brittle 
manner for comparable elastic properties. 

Figure 7.2 is a similar plot to Figure 7.1 but instead static properties are plotted. In this case, 
Boom Clay and Opalinus Clay Benken samples all plot within the ductile field. The most brittle 
samples from the Callovo-Oxfordian and Opalinus Clay Mont Terri plot in the brittle field but it is 
likely that these are particularly stiff due to the presence of carbonate cement. The most ductile 
samples of these clays plot in the ductile field. Most of the shale gas and top seal samples plot in the 
brittle field. It should, however, be noted that the boundary between ductile and brittle behaviour 
included in Figure 7.2 is for dynamic measurements. The boundary for static measurements has not 
been published but is likely to have lower Young’s modulus and Poisson’s ratio.  

 

Figure 7.1 Cross plot of the dynamic Poisson’s ratio vs. Young’s modulus (in Mpsi). The 
boundary separating brittle from ductile shales is taken from Grieser and Bray (2007). Included are 
data from stratigraphic equivalents of radioactive waste disposal sites, shale top seals and gas shale 
resource plays 

 

 

Brittle 

Ductile 
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Figure 7.2 Cross plot of static Poisson’s ratio vs. Young’s modulus (in Mpsi) adapted from Grieser and 
Bray (2007). Included are data from stratagraphic equivalents of radioactive waste disposal sites, top 
seals and gas shale resource plays. The boundary between brittle and ductile presented by Grieser 
and Bray (2007) is based on static or dynamic values 

The results using the brittleness index of Grieser and Bray (2007) are similar to those obtained 
when the brittleness index presented by Rickmann et al. (2008) was calculated for the same samples 
(Table 7.2). The argillaceous sediments of host rocks being considered for radioactive waste disposal 
as well as the North Sea shale caprocks have average Brit values of <50 whereas the shale gas plays 
are >50. The shale gas plays cannot generally be produced without proppant keeping hydraulic 
fractures open. The shale caprocks are not thought to contain large open fractures otherwise they 
would have leaked. The radioactive waste disposal sites have Brit values that are more akin to the 
North Sea shale caprocks than the shale gas reservoirs. However, it should again be emphasized that 
the brittleness index of Rickmann et al. (2008) does not take into account the impact of effective 
stress on brittleness. 

  

Brittle 

Ductile 
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Formation Brit stat Britdyn 

North Sea caprocks 43 29 

Boom Clay -10 

Opalinus Clay Benken 27 39 

Opalinus Clay Mont Terri 35 37 

Callovo-Oxfordian 37 

Barnett shale 56 69 

Woodford shale 131 162 

Marcellus shale 68 54 

Haynesville shale 68 52 

Table 7.2 Summary of the brittleness calculations conducted based on the formula of Rickmann 
et al. (2008). Values have been calculated based on both static and dynamic elastic properties 

Overall, these comparisons highlight that shale gas resource plays tend to be far more brittle 
than typical shale-rich caprocks and argillaceous sediments that are being considered for radioactive 
waste disposal sites. The ductile sections of the argillaceous sediments that are being considered for 
radioactive waste disposal sites plot into the ductile field. However, it should be noted that these 
cross-plots do not take into account effective stress, which is a key factor controlling brittleness and 
this is not taken into account on such plots.  

7.2 Key points relevant to radioactive waste disposal 
Here an attempt is made to summarize key points from the current review that are 

particularly relevant to self-sealing of faults and fractures in and around potential radioactive 
waste disposal sites in shale-rich sequences. 

• Large petroleum columns and high overpressures are commonly sealed by highly faulted
shale-rich caprocks, which provides very strong evidence that either the faults never acted
as conduits for fluid flow or they have resealed.

• Very thin (<50m) shales can act as very effective seals for both overpressures and
petroleum despite being heavily faulted.

• The maximum overpressures found in nature broadly coincide with the minimum
horizontal stress. This observation is widely interpreted to indicate that high overpressures
can lead to leakage along faults and/or fractures, but also that such pathways are able to
reseal once pore pressures have dropped below some critical value.

• Shales that are sufficiently ductile that leakage only continues while pore pressures are
close to the minimum horizontal stress would be particularly suitable sites for radioactive
waste disposal particularly if it could be shown that overpressures were unlikely to develop
around the sites.

• The petroleum industry uses OCR to assess likelihood of caprock leakage. Based on this
index, it would be expected that the Opalinus Clay Benken would not be susceptible to the
formation of fault and fracture-related conduits. The OCR in the Opalinus Clay Mont Terri is
2.5-3.5 suggesting it would be susceptible to the formation of fault and fracture-related
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conduits. However, evidence exists that shales with high OCR’s can still act as top seals so 
long as they have not been embrittled by deep burial. 

• Leakage may also occur through brittle shales without large overpressures. Cemented
and/or severely uplifted shales are particularly prone to such leakage. Shales that are
sufficiently brittle to allow fractures to remain open without large overpressures are
probably not the best sites for radioactive waste disposal.

• Although semi-quantitative measures of shale brittleness are used by the petroleum
industry to distinguish the two types of shale described in the previous two bullet points,
thoroughly robust criteria are still not available. Indeed, the petroleum industry still drills a
large number of dry traps because they have not properly estimated the sealing capacity of
top seals.

• Faults that juxtapose reservoir against shale-rich non-reservoir provide one of the most
important traps for petroleum. This also provides strong evidence that either the faults
never acted as conduits for fluid flow or they have resealed.

• Fault rocks (e.g. cataclasites and clay smears) almost certainly provide barriers to fluid flow
on production time-scales. However, there is considerable uncertainty regarding their
ability to impact fluid flow over geological time-scales. One of the current authors (QJF) has
had considerable experience investigating fault seal and is unconvinced by any of the
examples where fault rocks have been claimed to have acted as seals to petroleum
columns over geological time.

• Fault rocks in carbonate-rich sequences do not tend to act as barriers on either geological
or production time-scales.

• The authors know of several cases where over-injection of water has caused fractures to
propagate from the reservoir to the surface. In these cases, leakage occurred but stopped
once injection rates in the reservoir were reduced.

• Shale gas reservoirs are only commercially feasible when they are stimulated by hydraulic 
fracturing. Proppant is usually required to prevent the fractures from self-sealing. Although 
we cannot be certain that unpropped fractures become totally sealed (i.e. they could still 
allow sub-economic flow rates). However, all commercial shale gas production is from 
reservoirs that are far more brittle than the Opalinus Clay. Radioactive waste disposal is 
unlikely to take place at such deep depths as the shale-gas reservoirs and the lower 
effective stresses need to be taken into account for the comparison to be reliable.

• The importance of natural fractures within shale gas reservoirs is still uncertain. It appears
that most are cemented and that these are particularly susceptible to
reactivation/reopening during hydraulic fracture stimulation. The observation that most of
the natural fractures are cemented provides another example of the ability of fractures in
shale-rich sequences to self seal. Again, it should be noted that shale gas reservoirs are
more brittle than the clay-rich Opalinus Clay.
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